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PREFACE

We have written this book for the thousands ofprofessionals working in the electric
utility industries around the world who need to understand the economics underly-
ing changes in electricity regulation and emerging electricity markets. Electric utili-
ties are undergoing profound transformations: nationally owned systems are be-
coming privatized, privately owned systems that were regulated are becoming
deregulated, and national systems are becoming international.

The underlying theme of these changes is one of replacing monopoly with com-
petition. Changes in electricity generation technology have prompted the realization
that generation need not be a regulated monopoly to be socially efficient. Unlike
transmission and distribution, which are best served by regulated monopolies under
current technology, the regulation of generation and retail sales might be best done
through market discipline.

Professionals in the power sector who were trained to work for electricity mo-
nopolies must now work in a new world, one in which economic efficiency is re-
placing technical efficiency as the cornerstone of decision making. This book is a
unique attempt to provide the tools to face this new world.

We originally wrote this book as a training manual for the,Federal Energy Com-
mission of the Russian Federation to educate regional regulators. The government
of Spain financed our work and the World Bank managed the project and is pub-
lishing the manual with other materials in Russian. We thank those who read and
reviewed the training manual. We tried to respond to their comments. We have ex-
panded and updated the manual to produce this book.

We assume that readers have a technical background and are not familiar with
economics beyond an introductory level. So, the body of the text is presented with a
minimum of mathematics. On the other hand, exercises in the chapters of the first
half of the book rely on the reader's understanding of mathematics, particularly cal-
culus. Although we suggest that the reader work through these exercises (the solu-
tions are on our web site http://www.iit.upco.es/wiit/Electricity_Economics). the
remainder of the text does not rely on the reader's understanding of the exercises.
We suggest that you try the exercises. We believe that after studying this book, seri-

xv



xvi PREFACE

ous readers will understand the economic forces that are changing the international
electricity industry.

Although some readers could fully understand the material through independent
study, education is sometimes best accomplished in a social setting. Therefore, we
have organized this book within a continuing-education context. The material can
be the basis of a week-long intensive workshop in which Chapters 1-5 are covered
during the first four days and one or two of the case studies (Chapters 6-9) are cov-
ered on the last day. (For this type of workshop we suggest that students read the
first five chapters before the workshop.) The material could be presented in a 10-
week quarter with one week on each chapter. Or the material could be presented in
a IS-week semester with (1) two weeks on each of the early chapters (2-5), (2) a
week on each case study, (3) the assignment ofa paper applying our case study out-
line to a particular electricity system, and (4) presentation of these papers in the last
weeks of the semester. Whether the material is studied independently or in a more
formal context, we wish you luck and encourage you to email us with your com-
ments.
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CHAPTER 1

ELECTRICITY REGULATION
AND DEREGULATION

1.1. THE ELECTRICITY INDUSTRY: RESTRUCTURING
AND DEREGULATION

During the 1990s, a deep transformation in the electricity industry took place in
many countries. This sector is moving from a monopoly structure to a more com-
petitive one, as are the transportation and telecommunications sectors. For example,
in Latin America, Chile was a pioneer in the early 1980s with the development of a
competitive system for electricity generation based on marginal prices. In 1992, Ar-
gentina privatized an inefficient government-owned electricity sector, splitting it
into generation, transmission, and distribution companies, and introduced a compet-
itive generation market (see Chapter 9). These experiences were repeated in other
countries in the region, such as Bolivia, Peru, Colombia, Guatemala, EI Salvador,
Panama, and, to a limited extent, Brazil and Mexico.

In Europe, Scotland and Northern Ireland followed the experience of England
and Wales (Littlechild and Beesley, 1989). The Scandinavian countries, following
Norway, have gradually created a Nordic wholesale electricity market (see Chapter
7). In the European Union in 1996, the European Parliament and Council issued the
Internal Electricity Market Directive 96/92/EC that set goals for a gradual opening
of national electricity markets and rules for transmission access in the 15 member
states (European Parliament and Council, 1996; Schwarz, Staschus, Knop, and
Zettler, 2000). Spain in 1998 and Netherlands in 1999 created fully competitive
generation markets (see Chapter 8). The rest of the members are adapting to the
new regulations. For an international comparison of transmission grid access, see
Grenli, Gomez, and Marnay (1999). For other international comparisons, see
Gilbert and Kahn (1996).

In New Zealand, Australia, and some provinces of Canada (Alberta and On-
tario), deregulation of the electricity industry is being introduced as a way of in-
creasing efficiency and reducing prices. This is also true in some states of the Unit-
ed States (US); restructuring legislation has already been enacted in half the states,
with California and Pennsylvania-New Jersey-Maryland (PJM) in the lead. See
Stoft (2002). However, the California electricity crisis of2000 and 2001 has slowed
the move toward electricity deregulation in the United States (see Chapter 6).

Under restructuring and deregulation, vertically integrated utilities, in which
producers generate, transmit, and distribute electricity, have been legally or func-

1



2 ELECTRICITY REGULATION AND DEREGULATION

tionally unbundled. Competition has been introduced in the wholesale generation
and retailing ofelectricity. Wholesale electricity markets are organized with several
generation companies that compete to sell their electricity in a centralized pool
and/or through bilateral contracts with buyers. Retail competition, in which cus-
tomers can choose among different sellers or buy directly from the wholesale mar-
ket, has also been implemented. This was done instantaneously for all customers (as
in Norway), or progressively, under a multiyear program, according to different
customer sizes (as in England and Wales, Australia, Argentina, etc.).

Transmission and distributionare still considered natural monopolies (see Chap-
ter 2 for the economics of monopolies and natural monopolies) that require regula-
tion (see Chapter 4 on the regulation of natural monopolies). To achieve effective
competition, regulation is still needed to ensure open, nondiscriminatory access to
the transmission grid for all market participants.

1.2. FROM MONOPOLIES TO MARKETS

Restructuring and deregulation involve a transformation in the structure and organi-
zation of electricity companies. Traditionally, a single utility, vertically integrated,
was the only electricity provider in its service territory and had the obligation to
supply electricity to all customers in its territory. This provider could be

• Owned by a national, regional, or local government

• Owned by a cooperative of consumers

• Owned privately

Because of the monopoly (single seller) status of the provider, the regulator peri-
odically sets the tariff to earn a fair rate of return on investments and to recover op-
erational expenses; see Chapter 3 on determining the rate ofreturn and Chapter 4 on
rate-of-return regulation. Under this regulated framework, firms maximize profit
subject to many regulatory constraints. But because utilities have been allowed to
pass costs on to customers through regulated tariffs, there has been little incentive
to reduce costs or to make investments with due consideration of risk.

Under perfect competition, in theory, the interaction of many buyers and sellers
yields a market price that is equal to the cost of producing the last unit sold. This is
the economically efficient solution. The role of deregulation is to structure a com-
petitive market with enough generators to eliminate market power (i.e., the ability
of a firm or a group of firms to set prices "a small but significant and non-transitory
amount" above production cost; see DOJ/FTC, 1992). (See the Glossary for the de-
finitions of words and phrases in bold italic type.)

With deregulation, electric utilities must split regulated from deregulated activi-
ties and compete with new firms originating from other energy businesses or retail
services (see Chapter 5). The economic decision-making mechanism, under compe-
tition, responds to a decentralized process whereby each participant maximizes
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profit equal to the difference between total revenue and total cost. However, under
competition, the recovery of investment in new plant is not guaranteed. So, risk
management becomes a crucial part of the electricity business.

1.3. WHY RESTRUCTURING AND DEREGULATION NOW?

There are many forces driving electricity restructuring around the world. These
forces are

1. New generation technologies, such as combined-cycle gas turbines (CCGT),
have reduced the optimal size of an electricity generator.

2. The competitive global economy requires input cost reduction; electricity is a
primary input for many industries.

3. The State, as owner and manager of traditional infrastructure industries, can-
not respond as quickly as private owners to economic and technological
change, prompting privatization.

4. Information technologies and communication systems make possible the ex-
change of huge volumes of information needed to manage electricity mar-
kets.

CCGT manufacturers have been racing to achieve (1) technical efficiencies close
to 60%, (2) short power plant construction periods (less than 2 years), and (3) low
investment costs (around U.S.$500/kW). These technical developments (along with
low natural gas prices and new natural gas transportation networks) have made this
technology the dominant choice for new investment in competitive generation mar-
kets.

Even before the opening of generation to competition, CCGT technology was
being built by independent power producers selling electricity to traditional utilities
under different types of regulated agreements. The efficient size of these power
units is currently between 150 and 300 MW. This is much smaller than efficient
scales for traditional fossil or nuclear power stations.

Global competition promoted by international firms is emphasizing international
price comparisons and, consequently, inducing nations to reduce electricity costs to
be globally competitive. Restructuring and deregulation processes are carried out
by governments through the introduction of electricity markets to increase efficien-
cy and reduce prices. Markets also promote participation of external agents and
neighboring countries with lower production costs as a way to achieve lower prices.

After World War II, in many countries, for strategic reasons, the electricity in-
dustry was gathered in a single, nationalized company. This situation was common
in Europe and Latin America. But public ownership has been in crisis during the
last decade for various reasons. For instance, in Latin American countries that had
high rates of electricity demand growth, the State, with a significant external debt,
was unable to carry out the needed generation investments. This situation, plus the
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recommendations of international financial institutions, such as the World Bank
and the Inter-American Development Bank, led governments to initiate privatiza-
tion and restructuring.

Also, the internationalization of fuel markets called into question national subsi-
dies to specific primary energy sources. For instance, in several countries in Eu-
rope, the State has been subsidizing the coal industry. Low international coal prices
(and the usual environmental problems associated with burning low-quality domes-
tic coal) prompted governments to progressively abandon this type of intervention.
Similarly, the nuclear power industry was developed with a high level of State sup-
port. However, political opposition has undercut this support, postponing or stop-
ping new investment in nuclear plants.

Finally, information technologies and communication systems are making possi-
ble day-ahead and on-line electricity markets with multiple agents and multiple
types of transactions. Further, metering, billing, quality control, and load manage-
ment options based on new information technologies and communication systems
are being offered under restructuring and deregulation. Also, retail competition and
customer choice based on these technologies encourages entry of new electricity
service providers with new commercial relationships, offering attractive prices,
high quality, and other integrated services.

1.4. REGULATION IS STILL REQUIRED

Although regulators' objectives differ across countries and sectors, their primary
objective is to protect the short-run and long-run interests of consumers by promot-
ing economic efficiency. The most direct way to achieve efficiency is to encourage
or mimic competition. However, economic regulation must be used where competi-
tion is not feasible, for example, in sectors that have natural monopoly characteris-
tics or in situations where externalities have not been internalized.

Traditionally, the electricity industry has been dominated by monopolies. Under
restructuring, only high-voltage transmission, distribution, and system operation
exhibit natural monopoly characteristics. Achieving economic efficiency in natural
monopoly industries requires regulation. In these industries, the largest firms can
charge the lowest prices, driving rivals from the market. Once there is no competi-
tion, the surviving firm can charge monopoly prices, reducing quantity and social
welfare (see Chapter 2). There are several solutions to this problem, including

1. Government ownership of the industry, with a mandate to provide adequate
output at reasonable prices

2. Private ownership with government regulation to ensure adequate output and
a reasonable return on private investment

The economic theory of regulation (see overview in Joskow and Noll, 1981) at-
tempts to predict which institutional arrangement is preferable as a function of the
comparative social costs and benefits of
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• Private monopoly without regulation

• Government monopoly

• Private monopoly with regulation

Each solution involves costs, including (1) the social cost of the monopolist using
its market power, (2) the cost of maintaining a regulatory agency, and (3) the costs
imposed on the monopolist by the regulator. Besides the administrative costs asso-
ciated with regulation, another potential cost arises from misguided regulatory in-
terventions that can create social welfare losses. Therefore, the regulator must care-
fully consider the costs and benefits of each regulatory requirement on the
regulatory agency and the regulated utility (see Chapter 4).

The role of regulation is to encourage enough investment to meet customer de-
mand and to compensate investors with a reasonable rate of return. There are sever-
al ways ofaccomplishing regulatory goals in the electric power industry. Two basic
regulatory forms are (1) Rate-ofReturn (ROR), also known as Cost-ofService
(COS), regulation, which requires the regulator to actively monitor the electric util-
ity; and (2) Performance-Based Ratemaking (PBR), which requires much less regu-
lator intervention. Under ROR or COS regulation the regulator determines

1. Appropriate expenses

2. The value of invested capital

3. The allowed rate of return on invested capital

This process requires a costly exchange of information between the regulator and
the electric utility. PBR involves mechanisms that attempt to reduce the cost of reg-
ulation by allowing utilities to keep profits resulting from efficient operation.

As an electricity industry is restructured, the role of the regulator becomes one of
setting market guidelines to yield competitive conditions in which prices and quan-
tities are similar to what they might be under perfect competition (see Chapter 5).

Establishing competitive electricity markets requires a reduction in the market
power that could be exerted by the formerly integrated utilities. In some cases, the
regulator has obliged these utilities to divest their generation assets. Economic effi-
ciency gains from deregulation can disappear if there is no real competition at the
wholesale level.

On the other hand, usually, retail competition is initially dominated by the utili-
ties that formerly distributed electricity to customers. They can also create their
own retail or service provider companies as deregulated firms. The role of the regu-
lator in this area is crucial to ensure fair competition. Regulated distribution compa-
nies, as former vertically integrated utilities, will provide preferential treatment to
their own spin-off retailers rather than to new entrants. The regulator should estab-
lish clear rules to avoid this discriminatory behavior, while actively promoting the
entrance of new participants.

Where regulation is maintained or introduced after privatization, regulators
should adopt open, transparent, and objective decision-making procedures (i.e., ob-
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servable data sources, replicable methods, open debate, and reasoned decisions).
This is because regulatory decisions are always a part of an ongoing regulatory
regime. Electricity companies will continue to be regulated where capital-intensive
investments can lead to monopoly conditions. In the current environment, these
conditions clearly apply to investments in transmission and distribution.

In a regulatory regime that sets revenue for an industry characterized by assets
with long lives, the credibility of regulatory commitments is extremely important.
Before investors will commit funds to such investments, they must be convinced
that the regulator will allow future revenues that provide reasonable assurance of
cost recovery. For example, preventing the recovery ofstranded costs or assets (see
Chapter 5) associated with past investments would allow the regulator to make an
immediate price reduction, but also reduces the necessary credibility that future in-
vestments might be recovered. Therefore, the regulator must consider both con-
sumers' short-run interests in low-price, high-quality service and their long-term in-
terests in continued maintenance and investment in the electric power sector.

1.5. WHAT LESSONS CAN BE LEARNED FROM
INTERNATIONAL EXPERIENCES?

The economics of natural monopolies, markets, and regulation are not enough to
understand the complexities of real regulatory reforms. There are many issues of
practical implementation that should be analyzed through case studies to obtain a
clearer understanding of electricity restructuring. For that purpose, we have select-
ed four restructuring experiences to describe in detail in this book. These experi-
ences correspond to the cases of California, Norway, Spain, and Argentina. This
complexity is portrayed in Table 1.1, which compares the institutional, regulatory,
organizational, and technical issues of the four case studies.

We begin with California because of the problems during its transition from reg-
ulation to deregulation. In the late 1990s, California tried to ensure compatibility
between bilateral trading and a centralized pool. In addition, California addressed
the issue of the stranded costs of the former investor-owned regulated utilities. To
recover these stranded costs, electricity tariffs were frozen at a regulated tariff 10%
below 1996 levels and a competition transition charge was added to them. Conse-
quently, when the stranded costs were recovered and regulated tariffs disappeared,
customers faced the high prices of the wholesale market. See Chapter 6 on this and
other issues associated with the California "electricity crisis."

Norway's original restructuring design was one ofa wholesale, competitive mar-
ket based on bilateral trading. However, it was extended to incorporate internation-
al trading with other Scandinavian countries and retail access with the opening of
the market to small customers. These are characteristics that justify the inclusion of
this case. Further, markets for peak power, including demand-side bidding, are un-
der development in Scandinavia (see Chapter 7).

Electricity restructuring in Spain is similar to California's wholesale market de-
sign and stranded cost recovery. However, the starting point before deregulation in
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Spain was different from California's. For several years, a single independent com-
pany in Spain was operating as transmission owner and operator. This facilitated
the introduction of a wholesale market. In addition, the previous regulatory frame-
work in Spain set a national benchmark for efficiency whereby utilities were regu-
lated in competition by comparison (see Chapter 8).

Finally, Argentina is an example of a privatization resulting in a competitive
wholesale electricity market with new generation investment during the last decade.
Regulatory reforms in Argentina and Chile have influenced all other reforms in
Latin America (see Chapter 9).

Other experiences are also relevant, such as those of England and Wales, Aus-
tralia, and the PJM (Pennsylvania-New Jersey-Maryland) in the United States. We
do not include case studies of these experiences. They are left as exercises for our
readers and we encourage them to submit cases to our web site www.iit.upco.es/
witt/Electricity_Economics. Also, because international experiences become out-
dated with the fluid state of deregulation and restructuring, at the end of the book
we list World Wide Web sites where it is possible to find more up-to-date docu-
mentation.

Many organizational, institutional, and regulatory issues must be solved with
deregulation. (For discussions of specific issues, see Ilic, Galiana, and Fink, 1998.)
Although the ultimate objective is to achieve a technically reliable and financially
viable competitive electricity supply industry, each government has adopted differ-
ent approaches to restructuring. In the remainder of this chapter, we review the mo-
tivations that led to restructuring and the solutions adopted to address transitional
issues. This discussion serves as an introduction to the case studies in Chapters 6-9.

1.5.1. Starting Points and Motivations for Deregulation

A combination of factors promotes the political will to deregulate. Nationally
owned systems have been segregated into different companies and then privatized
under a new regulatory competitive framework. This is the case for the experiences
in Argentina, Chile, and England and Wales, where the ideology of the government
was clearly oriented toward a general liberalization program in the country. In Ar-
gentina, in addition, the situation of a chronic lack of investment, high growth in de-
mand, and frequent power outages, encouraged the adoption ofdramatic changes.

Electricity prices higher than those in neighboring countries or regions have also
pushed deregulation. In high-price areas, customers and governments influenced by
a general wave of deregulation have advocated restructuring. For example, Spain
was encouraged by European Directive 96/92/EC that called for the introduction of
competition. In both Spain and California, the electricity industry was primarily pri-
vate before restructuring. Therefore, privatization was not an issue.

However, another issue arises when private, regulated utilities have expected re-
quiredrevenues that are greater than what they would be in a competitive market.
This difference is known as strandedcost. A recovery procedure for stranded cost
can be designed by the regulator and used during a transition period. Also, where in-
vestor-owned utilities are required to divest their generation assets to mitigate possi-
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ble market power problems, the difference between the book value of these generat-
ing assets and the price received for them in the market is known as stranded assets.
We will refer to both stranded costs and stranded assets as "stranded cost."

Another objective pursued by deregulation is to avoid cross-subsidies among
different customer classes by designing more transparent tariffs. Electricity is
bought in the market at posted prices, whereas regulated costs (e.g., for transmis-
sion services) are charged under a separate system through access tariffs. Addition-
ally, under deregulation, subsidies to domestic primary fuels; such as coal, and to
nuclear power, progressively disappear, as in Spain and in England and Wales.

1.5.2. Structural Changes and System Operation

The introduction of electricity competition requires the separation of competitive
from still-regulated functions. In most restructuring experiences, the transmission
grid has been separated, in ownership and in operation, from generation companies
by creating a regulated transmission owner and operator. This is the case in England
and Wales, Argentina (with separation between system operator and transmission
owner), Norway, and Spain.

However, the situation is more complicated in California and other US states in
which utilities have retained ownership of some generation assets and parts of their
transmission grid. Here, new entities have been created to control the operation of
the interconnected transmission grid. This is an attempt to prevent a utility from
manipulating its grid to the disadvantage of competing generators.

Another key regulatory issue concerning system operation is how to maintain re-
liable operation under the unbundled structure. Regulated, vertically integrated util-
ities cooperated voluntarily to operate a reliable system by coordinating their re-
sources with neighboring utilities, knowing that regulated tariffs would cover
bundled costs. Under deregulation, the system operator is responsible for system re-
liability. It buys different ancillary services from generators and users to maintain a
reliable system. However, legal responsibilities of system operators (particularly
those that do not own transmission assets) must be clearly defined by new regula-
tions.

On the other hand, transmission grids were not designed to transmit power flows
from electricity markets. To do so requires updating transmission planning proce-
dures and defining transmission investment responsibilities between system opera-
tors and transmission owners. This is especially true in those cases in which these
functions have been separated, as in Argentina and throughout the US. Further, sys-
tems with transmission congestion problems use locational prices as a mechanism
of sending market participants the right economic signal for using congested paths.
In that sense, market participants can promote grid investments according to the
economic value they perceive. Chile, Argentina, and PJM have nodal prices,
whereas Norway and California have zonal prices. See Chapter 5 for more on nodal
and zonal prices.

Therefore, under deregulation, transmission and distribution, also known as
"wires businesses," continue to be regulated. Performance-Based Ratemaking
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(PBR) regulation is being introduced through price or revenue caps that limit com-
pany revenues during a regulatory period of several years (see Chapter 4). England
and Wales were the first to experience price caps as a formula to remunerate regu-
lated activities performed by distribution companies. Argentina, California, Nor-
way, and Spain also use PBR formulas for the same purpose. In addition, associated
with the concern that cost reductions can lead to quality degradation, mechanisms
to control service quality are also being used.

1.5.3. Design of Wholesale Markets and Market Institutions

A major objective of electricity deregulation is to achieve a workably competitive
wholesale market. See Stoft (2002, Part 3). At first, wholesale markets were de-
signed for economic dispatch of generating units in a centralized pool, managed by
the system operator. Participation in the pool was mandatory for all generators. This
was the case in Argentina, Chile, and England and Wales. (For an international
comparison of power pool operations, see Barker, Tenenbaum, and Wolf, 1997.)
Generators declared costs, or submitted bids, to the system operator who (using
economic dispatch algorithms) obtained the generation schedule and hourly mar-
ginal prices (in England and Wales for each half hour). There was no demand-side
bidding. Also, in Chile and in Argentina long-term marginal prices (3 to 6 months),
instead of hourly prices, were passed through to regulated final customers. Unregu-
lated customers could buy electricity with financial contracts.

In Norway, however, the wholesale market design was based on bilateral bid-
ding with both generation and demand bids. A market forfutures contracts (up to 3
years in advance) was also instituted. Market operations were coordinated by a sep-
arate entity distinct from the system operator, specifically created for this pur-
pose-the market operator. Later, as in California and Spain, market operations
were separated from system operations. Energy transactions can be made in a cen-
tralized pool or directly, outside the pool, through bilateral contracts.

Wholesale electricity markets have high price volatility due to daily and season-
al variations in supply and demand. This raises two important issues under deregu-
lation: demand responsiveness to price variations and new investment in generation
resources.

Under regulation, electricity demand was considered inelastic and new capacity
was built to cover projected demand to minimize investment .plus operating costs.
Under deregulation, it is assumed that competitive prices will encourage new gener-
ation. In some cases (e.g., in Argentina, Chile,England and Wales, and Spain) be-
sides energy revenues obtained from selling electricity, generators are paid a sup-
plemental capacity payment to encourage generation investment. In other cases
(e.g., Australia, California, New Zealand, and Norway), this supplemental payment
is not used.

This is a controversial issue. In Argentina, generation investment has been suc-
cessful, even when wholesale prices are depressed, because of capacity payments.
On the other hand, California has experienced high price volatility and high average
wholesale prices due to high fuel prices and delays in generation investment. In
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Scandinavia, markets for peak power (capacity markets) are under development.
Elsewhere, there are proposals to address the issue of long-term electricity supply.
For example, by using market mechanisms, consumers and generators can arrange
long-term contracts so consumers can cover their expected needs and generators
can stabilize incomes to recover fixed investment costs.

1.5.4. Retail Competition and Customer Choice

The aim of deregulation is to provide market-based electricity prices to customers
with reliable service at efficient prices. Wholesale competition is enhanced, on the
supply side, by participation of several generation firms, and, on the demand side,
by allowing customers to buy directly or indirectly from generators through cus-
tomer choice and retail competition.

The introductionof customer choice differs from country to country. In Norway,
all customers were qualified to choose their supplier when the competitive whole-
sale markets started. In most other cases [e.g., Argentina, Australia, the European
Union, and the United Kingdom (UK)] there has been a progressive implementation
of conditions defining qualified customers, starting with the largest customers un-
der a multiyear phase-in transition program. (Note: although we realize that UK
refers to the United Kingdom of Great Britain and Northern Ireland, occasionally,
this book refers to England and Wales as the UK.)

A good indicator of competition and market maturity is the number of effective-
ly nonregulated customers and total energy consumed outside regulated tariffs. For
example, in California all customers were qualified in 1998, but two years later
most ofthem continued under regulated tariffs, frozen at 10% below 1996 rates (not
including charges to cover stranded costs). Later, during the electricity crisis in Cal-
ifornia of 2000 and 2001, retail choice was suspended. In Spain, on the other hand,
the regulator adopted specific measures, such as the reduction of access tariffs, to
promote the exit of regulated customers. At the end of 1999, of the more than
10,000 qualified customers about 80% were nonregulated customers, but the corre-
sponding consumed energy was a small portion (2%) of the total consumption in
Spain.

1.6. CONCLUSIONS

Restructuring and deregulation of the electricity industry is a movement with the
aim of achieving lower prices to customers through cost savings. However, the
briefhistory of this process shows that there is still much to be learned. Despite this,
there is a consensus (1) to introduce competition into wholesale and retail markets
by deregulating generation and opening retail and (2) continuing to regulate net-
work activities.

But the experience also shows that those governments that started deregulation
are continually revising their regulations. Argentina, California, England and
Wales, and Spain, are still carrying out important revisions. The regulatory solu-
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tions adopted and the design ofa transitional period to implement the new organiza-
tional structures are strongly influenced by the starting point of the industry and the
political and institutional constraints in each country. To understand this continuous
revision, this book explains the economic and regulatory principles behind electric-
ity restructuring and focuses on some of the most representative experiences to il-
lustrate its complexities.



CHAPTER 2

ELECTRICITY ECONOMICS

2.1. WHAT IS A MARKET?

Economics focuses on optimization and equilibrium. Macroeconomics addresses
the general economy and asks whether macroeconomic indicators, such as inflation,
unemployment, and the cost of capital, are in equilibrium. Microeconomics ad-
dresses the optimizing behavior of consumers and producers and asks whether the
observed equilibrium prices and quantities in each market are economically effi-
cient (defined below). There is no guarantee that freely operating markets will nec-
essarily lead to efficiency. This chapter discusses the microeconomics of the elec-
tricity market. We will see that characteristics of the electricity market can lead to
nonefficient prices and quantities. We will learn how to measure the social losses
associated with both nonefficiency and the imposition of regulation.

2.1.1. Competitive versus Noncompetitive Markets

Buying and selling electricity involves at least three productive activities: genera-
tion, transmission, and distribution, including wholesale and retail distribution.
(Other electricity industry services, e.g., ancillary services, are discussed in Chapter
5.) These activities can be bundled in a single market in which producers generate,
transmit, and distribute electricity to consumers, or these activities can be unbun-
dled. For more on electricity markets, see Stoft (2002, pp. 17-29).

When these activities are bundled, there is a single electricity provider. This
provider can be owned by a national, regional, or local government, owned by a co-
operative of consumers, or owned privately. Because of the monopoly (single sell-
er) status of the provider, this firm can charge a price above the cost of production
(including the cost of capital; see Chapter 3). To achieve economic efficiency, the
ability to charge a price above the cost of production (known as market power)
must be mitigated through some form of regulation (see Chapter 4) or through in-
troducing competition (see Chapter 5).

Although we will assume that electricity markets are characterized by either mo-
nopoly or competition, there is a continuum of market types that depend on the
number of sellers and their interaction. Under perfect competition the interaction of
many buyers and sellers yields a market price equal to the cost ofproducing the last
unit sold. This is the economically efficient solution.

15
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Under monopoly, a single seller can reduce quantity, driving the price above the
cost ofproduction. Traditionally, the electricity industry has been dominated by na-
tional or local monopolies under price regulation to encourage economically effi-
cient behavior. Under regulation, the regulator sets prices. As electricity generation
is restructured, the role of the regulator becomes one of setting market guidelines to
yield competitive conditions under which prices and quantities are similar to what
they might be under the ideal of perfect competition. This chapter describes the
characteristics of competition and monopoly in the electricity industry. Chapters 4
and 5 describe how to structure electricity markets so effective competition can set
prices where appropriate and regulation can encourage efficiency where effective
competition is not possible.

2.1.2. The Market Mechanism

The simplest method of describing the interaction between buyers and sellers in a
market is to assume the existence of an auction. A hypothetical auctioneer (1) an-
nounces a range of prices to both buyers and sellers, asking market participants to
reveal the quantity they are willing to buy or sell at each price and (2) determines a
price that equates the quantity demanded by buyers with the quantity supplied by
sellers. (Of course, most markets operate withoutan explicit auctioneer, however in
many unbundled electricity systems, the Independent System Operator acts as the
auctioneer; see Chapter 5.)

The quantity demanded at each price is what economists call "the demand
schedule," or simply, demand. (Note: here, demand is not the same as the com-
mon usage in electrical engineering, where it refers to the instantaneous capacity
required by the load.) The quantity supplied at each price is the supply schedule,
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Figure 2.1. Supply and demand of electricity.
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or simply, supply. We represent supply and demand graphically in Figure 2.1. We
represent price on the vertical ("y") axis and quantity on the horizontal ("x") axis.
(Generally, we express quantity as a function of price, following standard practice
in economics.) For example, to represent the market for electric power, the verti-
cal axis represents the price per megawatt-hour (MWh) and the horizontal axis
represents the MWh quantity. (Throughout this book we use both price per MWh
and price per kWh. When expressed in US dollars, prices are in dollars per MWh,
and mills per kWh. So U.S.$30/MWh equals 30 mills/kWh, where 1000 mills = 1
US dollar.)

In nearly all markets we find that as price falls, the quantity demanded rises.
Buyers wish to purchase more at a lower price and less at a higher price. Therefore,
the demand curve (the graphical representation of the demand schedule) has a neg-
ative slope. In most markets, we find that as price falls, the quantity supplied de-
clines. At lower prices, suppliers are less willing or capable of producing. There-
fore, the supply curve (the graphical representation of the supply schedule) has a
nonnegative (Le., zero or positive) slope. (The slope of the supply curve can be zero
if suppliers are able, because of their costs, to supply more output at the same cost.)

We graphically represent the traded market price and quantity (traded during a
period, such as during an hour, day, week, month, or year) by the intersection of
the supply and demand curves. However, in many markets we usually only ob-
serve the intersection of supply and demand. On the one hand, if we assume that
the demand schedule is fixed (Le., the relationship between price and the quantity
demanded is fixed), then shifts in supply reveal a series of intersections that trace
out the demand curve. On the other hand, if we assume that the supply schedule
is fixed (Le., the relationship between price and the quantity supplied is fixed),
then shifts in demand reveal a series of intersections that trace out the supply
curve.

We make a distinction between changes in the quantity demanded (with changes
in price) and shifts in demand. The demand for electricity can shift for different
hours during the day or shift from one season to the next. Also, the supply curve can
shift because of changes in cost. (In regulated markets firms reveal their supply
curves to regulators, but there is no immediate mechanism that reveals demand,
other than quantities consumed under regulated prices.)

The market price and quantity are in equilibrium during a period. if buyers and
sellers are satisfied with the market outcome. But suppose there is a shift in de-
mand, for example from demand curve 1 (DI) to D2 in Figure 2.2. What will happen
to the market price and quantity?

For example, assume an unusually cold, dark winter day. At all prices, more
electricity will be demanded and the demand curve shifts to the right. At the origi-
nal market price, PI, buyers will want to purchase much more electricity than previ-
ously, Q3. However, suppliers are unable to produce Q3 at Pl' Instead, price rises,
lowering the quantity demanded, and a new equilibrium is established at (Q2' P2).
(See Exercise 2.2 on how this equilibrium is established.)

Throughout this discussion we have focused on a single market. These single
markets are the focus of microeconomics. In reality, many markets interact. For ex-
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Figure 2.2. A shift in demand.

ample, the market for electricity and natural gas are intimately connected because
electricity can be generated with naturalgas, and electricity and natural gas are sub-
stitutes for direct heating applications.Further, markets in one geographic area can
influence those in another area, or consumers can shift demand from one period to
another. As we begin to consider the interaction between markets, we move from
the analysis of partial equilibrium to general equilibrium for the economy as a
whole. This general equilibrium is the focus of macroeconomics.

One macroeconomicinfluencethat always complicatesthe analysis of markets is
a change in the general level of prices. Although the general level of prices can fall,
more often it rises. This is inflation (i). Because prices can inflate, to simplify the
analysis, we will assume a constant price level. We define these as real prices. To
move from observed, or nominal prices, to real prices, we must know the general
level of inflation. We do this by comparingthe total price of a set of goods and ser-
vices over time. Changes in the total price of this constant set represent inflation. In
the U.S., many payments are tied to the Consumer Price Index, or CPI. Similarly,
in the UK the Retail Price Index, or RPI, is used. Unless otherwise stated, through-
out this book we discuss real prices (in terms ofthe purchasing power ofa unit of
currency at a particular time, e.g., 1999 U.S. dollars).

2.1.3. Elasticity

Because the quantity demanded (Qd) and the quantity supplied (Qs) both change
with changes in price, all market participants (including regulators) are better off
knowing how these quantities change if price changes. The responsivenessofquan-
tity to changes in price is price elasticity. Because regulators set prices to achieve a
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total revenue target, they must know how market quantities respond to changes in
price. If the price is set too high or too low, revenues will be lower than expected. It
is a mistake to assume that by raising prices, total revenue will necessarily increase.
Total revenue depends on price elasticity.

The responsiveness of changes in Qd to price is the demand elasticity (Ed) and
the responsiveness of changes in Qs to price is the supply elasticity (Es)' We mea-
sure elasticity as the percentage change in quantity divided by a small percentage
change in price. For example, if quantity decreases by 10% when price increases by
5%, then the elasticity is equal to -2. Because Qd is negatively related to price
(when price increases, demand decreases), demand elasticity is negative. (Because
it is negative, we sometimes drop the negative sign; however, it is always implied.)
To be more specific,

Ed = %dQd/%MJ = (dQtlQd)/(MJIP)

= (dQIMJ) . (PIQd) (2.1)

where Ll represents a small incremental change in quantity or price between two
points on the demand curve (see Exercise 2.1). Demand elasticity can also be ex-
pressed more precisely in its continuous form: Ed = (d Qd1d P) . (PIQd), where d is
an instantaneous change at a single point on the demand curve. If Qd does not re-
spond to price (the same quantity is purchased whether there are small increases or
decreases in price), then the demand elasticity is zero, or completely inelastic at Qd'
If Qd goes to zero with any increase in price, then the demand elasticity is (nega-
tively) infinite, or completely elastic.

On the other"hand, because Qs increases with increases in price, the supply elas-
ticity is normally positive. For example, if the regulator increases the price of elec-
tricity, it is likely that producers will be able to produce more electricity. If there is
little change in Qs, then supply is inelastic. If there is a great change in Qs, then sup-
ply is elastic. Of course, both supply and demand elasticities depend on the initial
price. At a high equilibrium price, demand might be elastic and supply might be in-
elastic, because (1) small decreases in price might induce more consumers to enter
the market, but (2) producers might be producing all they can without investing in
new capacity, so there is little change in supply. However, at a low equilibrium
price demand might be inelastic and supply might be elastic, because small decreas-
es in price will not induce much more consumption, but could lead to a large supply
response.

Also, responsiveness changes over time. As consumers adjust to higher prices,
their responsiveness can be more elastic. A sudden increase in the price of electrici-
ty could leave consumers with few alternatives. But with time, they could switch,
for example, to more efficient electrical appliances. Further, a sudden increase in
the price of electricity could lead to little supply response by electricity generators,
but with time, new investments could be made in generating capacity. Another rea-
son for a change in responsiveness over time is income change. As incomes rise,
consumers change consumption patterns. This type of responsiveness is called in-
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come elasticity (equal to the percentage change in demand associated with a 1%
change in income).

Also, changes in the price of substitutes (for example, natural gas is a substitute
for electricity in some applications) or complements (for example, appliances that
use electricity) can change demand for electricity. This type of responsiveness is
called cross-price elasticity. The more responsive demand is to changes in other
prices, the more cross-price elastic it is. Increases in the price ofsubstitutes general-
ly lead to increases in demand for electricity, so the cross-price elasticity is positive.
If the price of natural gas rises, consumers would prefer to consume relatively
cheaper electricity. Here, electricity and natural gas are substitutes. Decreases in
the price of complements can lead to increases in demand for electricity, so the
cross-price elasticity is negative. If the prices of electric cars drop, more consumers
buy more electric cars, and the demand for electricity would increase. (So, electric-
ity and electric cars are complements.)

Because of the importance of understanding how changes in price might change
demand or supply, microeconomics investigates the underlying structure of supply
and demand. Because of the importance of understanding producer behavior under
regulation, the remainder of this chapter will focus on the structure of supply. Al-
though we will discuss demand in terms of the social costs of monopoly, interested
readers should see Pindyck and Rubinfeld (2001, Chapters 3 and 4) for a more com-
plete discussion ofthe structure ofdemand. (Also, Exercise 3.2 discusses the theory
behind the economics of demand.)

2.2. COST AND SUPPLY

2.2.1. Economic Cost versus Accounting Costs

Before we discuss supplier (producer) behavior we must define cost. The econo-
mists' definition of cost is different from the accountants' definition (which usually
refers to the price of inputs and outputs found on balance sheets, which list the
firm's assets, liabilities, and equities, giving the firm's financial position). Follow-
ing the discussion above regarding real prices, economists define the cost of a
scarce input relative to its alternative uses. Although we generally refer to the cost
ofan input in currency (e.g., dollars), implicit in measuring the cost ofan input is its
alternative use. This is the opportunity cost approach. It assumes that there are
complete markets for all inputs. For example, the opportunity cost of an hour of la-
bor is the best use of that hour in another activity. The opportunity cost of working
another hour at the office might be spending another hour with your family. When
allocating scarce resources to productive activities, efficient producers consider the
best use of each input.

Generally, microeconomics focuses on two basic resources: labor (L) and capi-
tal (K). There are other inputs in production, such as fuel (F), but to keep the dis-
cussion simple we will focus on Land K and one output, represented by quantity, Q
(for example, MWh of electricity).
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What is the price of acquiring units of labor and capital? Although there are
many types of labor, we will refer to the price of an average hour of labor in money
wages (w). Implicitly, we assume that labor is allocated to its most productive use
(the use with the highest opportunity cost) and that wages are determined in a com-
petitive labor market. (However, in some locations a single employer can depress
wages by exercising market power as a single buyer; this is monopsony, as opposed
to monopoly, in which there is a single seller.)

The wage bill is the sum of wages paid to all forms of labor employed by a firm
(or producer) and the average wage rate is the wage bill divided by the total number
of hours of labor. (Generally, a firm is a productive entity, whether employing one
person or a million people, or owned privately or publicly.)

Measuring units of capital and the price of capital is more complex. Capital can
be measured in real terms as the number of machines, or in capacity terms, such as
the generating capacity of an electric power plant. Or capital can be denominated in
money terms at acquired prices. Because of the opportunity cost approach, we im-
plicitly assume that physical capital is allocated to its best use and that all physical
capital can be rented in a well-developed capital market. Therefore, if a piece of
capital has a higher use elsewhere, its owner will rent it through the capital market
to the producer who values it the most. Therefore, we refer to the price of capital
charged to the user as a rental rate (r). (In Chapter 3 we refer to r as the rate ofre-
turn to the provider of the capital and we refer to the rate charged on debt as the rate
of interest.) If we measure capital by its cost of acquisition, then the rental rate is
the rate that could be earned on money in alternative uses. If this money has been
acquired from a bank, the rental rate on capital would be equal to the bank's interest
rate on debt.

Also, another important economic concept is that of sunk cost. Sunk costs are
those costs that cannot be recovered when production ceases (Pindyck and
Rubinfeld, 2001, Chapter 7). For example, many costs in preparing a site for the
installation of new generating capacity are sunk. In fact, if it is uneconomic to
move generating equipment to a new site, the entire cost of the generating capac-
ity could be sunk. The importance of recognizing sunk costs is that they should
not be taken into account when making decisions. If an old generating unit is un-
economic, then its cost of construction is sunk and should not be considered in de-
termining whether to retire the unit; the firm should only consider the plant's op-
erating costs.

2.2.2. Total, Average, and Marginal Costs

Associated with the basic inputs of labor and capital are the notions of variable and
fixed costs. Fixed costs are fixed during some period. Although a cost might be
fixed during a short period, such as a month, it could vary during a longer period,
such as a year. We define the short run as a period during which there are some
fixed costs. Further, we can define the following terms whereby technology de-
scribes how Land K are combined to produce Q:
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Time

very short run
short run
long run
very long run

Cost

all costs are fixed
some costs are fixed
no costs are fixed
no costs are fixed

Technology

fixed
fixed
fixed
not fixed

Also, variablecosts are those costs that vary in the short run with changes in out-
put. Although some forms of labor, once hired, are fixed in the short run and some
forms of capital are rented under agreementsthat depend on output, we will assume
that labor is variable and capital is fixed in the short run.

Total Cost (TC) is the sum of Variable Cost (VC, e.g., the wage bill) and Fixed
Cost (FC, e.g., the cost of renting capital).We represent this as

TC = w · L + r . K = VC + FC

Average cost (AC) is total cost divided by the quantityproduced (Q):

AC = TC/Q = VC/Q + FC/Q =AVC + AFC

where
VC/Q is Average Variable Cost (AVC)
FC/Q is Average Fixed Cost (4FC)

(2.2)

(2.3)

An example of these cost terms can be found in Table 2.1 and in Figures 2.3a
and 2.3b. Also, Marginal Cost (MC) is equal to the change in total cost with a unit
change in quantity,Q (discussedbelow).

In determininghow to allocatevariable inputs, it is importantto know the cost of
producing a particular unit of output. The cost of producing a particular unit is its
marginal cost. The marginalcost of producingthe first unit includes all of the fixed
costs and some of the variable costs. Therefore, marginalcost can be different in the

Table 2.1. Total, Average,and MarginalCost

Q Total Fixed Variable Average Average Average Marginal
Cost Cost Cost Cost Fixed Cost Variable Cost Cost

100 7,250 5,000 2,250 73 50 23 25
200 10,000 5,000 5,000 50 25 25 30
300 13,250 5,000 8,250 45 17 28 35
400 17,000 5,000 12,000 43 13 30 40
500 21,250 5,000 16,250 43 10 33 45
600 26,000 5,000 21,000 43 8 35 50
700 31,250 5,000 26,250 45 7 38 55
800 37,000 5,000 32,000 46 6 40 60
900 43,250 5,000 38,250 49 6 43 65
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Figure 2.3. (a) Total, variable,and fixed costs. (b) Averageand marginalcosts.

short run, where some costs are fixed (i.e., short-run marginalcost),and in the long
run, where no costs are fixed (i.e., long-run marginalcost).

If average variable cost is constant, marginal cost is level. Ifproductive capacity
becomes constrained, marginal cost rises. For example, the cost of producing a
MWh changes as more MWhs are produced. Marginal cost can decrease as more
electricity is produced, it can be level until capacity is constrained, and it can be-
come very high when full capacity is reached (and diesel generators are started). Al-
though marginal cost is associated with units of output, we will assume continuous
changes in cost such that marginal cost (MC) can be represented as the first deriva-
tive of total cost with respect to quantity:

MC=dTC/dQ (2.4)

where d is an instantaneous change in the variable. We will now use these cost.con-
cepts to discuss how cost changes with changes in the scale and the scope of opera-
tions.
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2.2.3. Economies and Diseconomies of Scale and Scope

For many productive activities average cost is (1) high for low output, (2) lower in
some range of output, and (3) high for high levels of output. This yields a familiar
"V-shaped" average cost curve. This shape is a function ofquantity: for small quan-
tities, fixed costs are high; for large quantities, variable costs increase as quantity
approaches production capacity. See Exercise 2.3.

1. Further, when average cost is falling, marginal cost is below average cost.
This is because if a unit of production costs less than the average cost of all
previous production, then average cost falls.

2. On the other hand, if a unit of production costs more than the average, then
average cost rises. Then marginal cost is greater than average cost.

3. If average cost is constant, the cost ofproducing the next unit ofproduction is
equal to the average cost of producing the previous units of production, so
marginal cost is equal to average cost, and the cost curves intersect, as in Fig-
ure 2.3b.

When a single-product firm experiences falling average cost with increases in
output (and marginal cost is below average cost), economies ofscale result. When
average cost is equal to marginal cost (so average cost is neither rising nor falling),
the firm experiences constant returns to scale. When a firm experiences increasing
average cost with increases in output (and marginal cost is above average cost), dis-
economies of scale result.

For some productive activities, fixed cost is a high proportion of total cost. For
example, the construction of an oil well represents most of the cost of producing
crude oil at a particular site. The incremental costs ofpumping another barrel of oil
are small (until most of the oil has been drained). Therefore, at a single production
site, there are economies of scale in the production of oil.

Also, in the production of telephone service, most of the total cost consists of the
fixed costs of constructing the communications network. The cost of placing a call
(i.e., using the mechanisms for switching connections so people can communicate)
is low. Therefore, the telecommunications network exhibits economies of scale.
This is true of most network services, including transportation and electricity trans-
mission and distribution. Further, for some generation technologies the cost of cap-
ital dominates the variable costs of production (consider hydroelectric and nuclear
power). Therefore, an integrated electricity industry exhibits economies of scale, al-
though some generation technologies (for which the cost of fuel is substantial) ex-
hibit more usual-shaped cost curves.

In industries with economies of scale, average cost decreases with additional
output (see Figure 2.4). So the firm with the largest output can produce at the lowest
cost, driving competitors from the market. This is a natural monopoly situation. It
is "natural" because of (1) the underlying characteristics of the production process
and (2) the size 'of the market (see Exercise 2.3 and Berg and Tschirhart, 1988).
Once competitors have been eliminated, a "natural" monopolist can exploit its posi-
tion to drive prices above the cost of production. Because of these underlying char-
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Figure 2.4. Demand and cost for the natural monopolist.

acteristics, a competitive market in a natural monopoly industry leads to the ex-
ploitation of market power. This is a case of market failure: a competitive market
fails to yield a market price equal to the marginal cost ofproduction. In natural mo-
nopoly situations, a single finn can produce at the lowest total cost. However, be-
cause of market power, regulation (in some form) is usually required to yield prices
closer to marginal cost.

Technical efficiency can arise in the joint production of two or more products. If
the cost ofproducing two products by one firm is less than the cost ofproducing the
same two products by two firms, the production process exhibits economies of
scope.For example, if the joint production of electricity and heat can be done more
cheaply than the production of electricity and heat separately, then there are
economies of scope in this joint production process. Although there is not necessar-
ily a functional relationship between economies of scale and economies of scope,
both are important when considering whether a multiple product industry could
lead to natural monopoly.

2.3. PROFIT MAXIMIZATION

2.3.1. What is Profit?

Before we go further, we must distinguish between accounting profit and economic
profit. Accounting profits are the difference between revenues and accounting
costs, i.e., those costs associated with an entry in the finn's accounts. Because econ-
omists use the opportunity cost of the inputs, there" is not necessarily an entry in the
accounts for every cost.

For example, if the finn borrowed money to finance the purchase of equipment
and must pay the bank an amount each month on its loan, there would be an ac-
counting entry for the cost of the loan. But if the firm's owner contributed savings
to the firm, there would not necessarily be an entry in the accounts to pay the firm's
owner for this contribution. Instead, the owner claims the accounting profit of the
firm.
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However, we should consider the opportunity cost of the owner's contribution.
The owner could have lent those funds elsewhere. Therefore, economic profits are
above the opportunity cost of capital, i.e., the rental rate on capital (r), as in Equa-
tion (2.2). Therefore, profit includes the opportunity cost of capital as a cost of the
capital input.

Our primary assumption is that producers attempt to maximize the difference be-
tween revenues from their sales and the cost ofproduction. This difference is profit.
Also, we assume that firms are profit maximizers. This is not to imply that all firms
producing all goods and services are all profit maximizers, but profit maximization
is a good first-order approximation ofhow firms behave.

To be more concrete, let total revenues (TR) equal the market price (P) of the
product times the quantity (Qj) sold: TRj = P . Qj, where j designates the jth firm.
Here, price is a function of quantity because of consumer demand response, so TRj

= P(Qj) . Qj. Profit (PRJ) is the difference between TR.i and Tej (from Equation 2.2):

(2.5)

A profit-maximizing firm seeks to maximize total profit (not rate of return). If
marginal cost increases with additional units, the firm should increase production as
long as the marginal cost of producing one extra unit is less than the marginal rev-
enue of selling the extra unit. For a competitive firm (which has no influence on the
market price, so d P/d Qj = 0), this means that it will produce at a quantity where
marginal cost equals the market price. This quantity is found by maximizing PR
with respect to Qjand setting the result equal to zero:

dPRj/d Qj = dTRj/dQj -dTGj/d Qj

= MR.i -MGj =0 (2.6)

At the maximum, Me (marginal cost) equals MR (marginal revenue). Further, be-
cause marginal revenue is a function of Q,

MRj = dTRj/dQj= d[P(Qj) . Qj]/dQj

= (dP/dQj)· Qj + P (2.7)

by the chain rule of differentiation. Under competitive conditions, MRj is equal to
the market price, P, because (dP/dQj) =0 (because changes in individual firm out-
put are not large enough to influence the market price) in Equation (2.7). Therefore,
the profit-maximizing firm chooses output such that price is just equal to marginal
cost (substituting P for MR.i in Equation 2.6): Mej = P. As discussed below, this is
the economically efficientprice.

When there are economic profits and no barriers to enteringthe market, several
things happen under competitive market conditions:

1. Other firms enter

2. These entering firms increase output in the market
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3. Prices decline (because of the outward shift in supply)

4. Economic profits decline

When there are economic losses and no barriers to exiting the market:

1. Finns exit

2. Output declines

3. Prices rise (because ofan inward shift in supply)

4. Economic losses decline

With no barriers to entry or exit, we expect to see economic profits equal to zero
in the long run, i.e., firms earn normal rates of return.

Considering the model of the market as an auction, as the market price rises,
profit-maximizing firms adjust their output so that marginal cost is just equal to the
market price. If average cost is above marginal cost (as it would be with the left side
of the V-shaped average cost curve), then average cost would be above the market
price. In this situation, the firm's total costs would be greater than its total revenues
and it would be operating at a loss. If we assume that firms leave the market when
they incur losses, firms would not produce under these conditions.

But in the natural monopoly case, marginal cost is below average cost in the rel-
evant range of output. (For example, in Figure 2.4, MC < AC when Q < 600
MWh.) Ifprice were equal to marginal cost, then total revenues would be less than
total cost and the natural monopolist would be operating at a loss. To remain in
business, the natural monopolist must charge at least average cost. Therefore, the
regulator must carefully choose a regulated price close to what it would be under ef-
ficient production (see Exercises 2.3-2.5).

On the other hand, if marginal cost is above average cost, total revenues would
be above total costs and the firm would be earning a profit. Therefore, the individ-
ual firm's supply curve is its marginal cost curve above its average cost curve in the
long run (see Figure 2.5). (In the short run, the firm's supply curve is its marginal
cost curve above its average variable cost curve because in the short run its fixed
costs have already been incurred. In Figure 2.5, the firm's supply curve is the entire
marginal cost curve because MC> AVC for Q> 0.) Finally, the market supply curve
is simply the addition of all of the firm's supply curves at each price.

In summary, the theory of supply is based on

1. A production model of a firm's marginal cost

2. The assumption that firms choose input and output levels to maximize profit

3. The conclusion that firms enter and exit markets based on maximizing profit

4. The summation of each finn's supply curve to yield an industry supply curve

The theory ofsupply also yields a measure of industry returns known as the Pro-
ducer Surplus (PS). Producer surplus is the difference between the market price
and the variable cost of production, summed over output (see Figure 2.6). With a
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Figure 2.5. The finn's supplycurve in the short run.

positively sloped supply curve, there are a variety of firms with different variable
costs ofproduction. But the lowest-cost firm receives the same price as the highest-
cost firm. Therefore, a lower-cost firm earns a higher producer surplus than a high-
er-cost firm. The difference between total revenue and variable cost is producer sur-
plus: PS = TR - VC from Equation (2.2). So, in the short run the difference between
producer surplus and profit is fixed cost: PS - PR = FC. However, in the long run
producer surplus is equal to profit, because in the long run all costs are variable, so
TC= VC andPS= TR - Te.

For example, in a competitive electricity-generating market (as in California, see
Chapter 6), there is one market price for each hour during the day. All producers re-
ceive the same price for a MWh of electricity. Generators with low variable costs of
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production (e.g., nuclear power plants) receive the same revenue as generators with
high variable costs of production (e.g., oil-fired power plants). Low (variable) cost
generators have a higher producer surplus than high (variable) cost generators, but
profits depend on both variable costs andfixed costs of the two types of generators.

2.3.2. What is Economic Efficiency?

Above, we introduced the term "efficiency." Here, we clarify the difference be-
tween "technical efficiency" and "economic efficiency." Technical efficiency im-
plies that the maximum output has been produced with a given set of inputs. This
also implies that the minimum levels of inputs have been used to produce a given
level of output. Economic efficiency implies that the maximum output has been
produced at a given (opportunity) cost, or that a minimum (opportunity) cost has
been achieved for a given level of output.

Under competition, minimum cost is achieved with price equal to marginal cost.
This is the economically efficient price; it lets the consumer know the cost of pro-
ducing another unit. When price does not reflect marginal cost, the market has
failed to produce efficient prices.

For example, if the price of electricity is set below the efficient price (marginal
cost), (1) consumers will demand more than the economically efficient level and (2)
producers will produce less than the economically efficient level. If the price of
electricity is set above marginal cost, (1) consumers will demand less than the eco-
nomically efficient level and (2) producers will produce more than the economical-
ly efficient level. But if price is set at marginal cost for a natural monopolist, rev-
enues will be too low to sustain production (see Exercise 2.4). Regulators must find
a price that will encourage production at minimum cost (see Chapters 4 and 5).

2.4. Social Surplus: Consumer and Producer Surplus

Although we did not develop a complete theory ofdemand (Pindyck and Rubinfeld,
2001, Chapter 4), we now introduce an important idea that follows from the micro-
economic theory of consumer behavior. Like optimizing firms, we assume that con-
sumers purchase goods and services to maximize their well being. If they are able to
purchase something at less than the maximum price they would be willing to pay,
they enjoy a surplus equal to the difference between the market price and what they
would have been willing to pay (as revealed to the auctioneer). This is Consumer
Surplus (CS).

Assuming that all consumers pay the same price in the market, those consumers
with a high willingness to pay enjoy a higher consumer surplus than those with a
lower willingness to pay. Consumer surplus can be added across all consumers in a
market. This total is consumer surplus (see Figure 2.6). For example, if electricity is
sold to all consumers at the same price, consumers with access to alternative
sources of energy, such as natural gas, will not place as high a value on electricity
as those consumers who have no other alternatives.

Social Surplus is the sum of producer surplus and consumer surplus. It repre-
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sents the surplus to society from the provision of goods or services. It is the differ-
ence between the total benefit to consumers minus the total cost ofproduction. This
surplus is divided between buyers and sellers as consumer surplus and producer
surplus. Social surplus is greatest when the market price is equal to the marginal
cost ofproducing the last unit sold (as represented by the supply curve).

For example, assume that in a regulated market the regulated tariff or price (Pr)

is set above marginal cost (see Figure 2.7, where P, is set such that Qd=AC). What
is the impact on producers and consumers? Producers supply less (Q) than they
would if the tariffwere P (in the short run). There is a decrease in consumer surplus
because less is produced. Also, the decrease in producer surplus is not entirely
transferred to consumers. Some is lost completely. These losses are known as dead-
weight losses: society as a whole is worse off because there are social losses from
reduced production.

Regulated tariffs are not the only source of deadweight loss. When the long-run
market price does not reflect the cost of production, there is market failure and a
loss of social surplus. For example, in some markets the costs of production are not
well defined. This includes markets in which there are external effects (externali-
ties), such as pollution. If the cost ofcoal does not include the cost ofpollutants, the
price of coal is socially too low. Coal consumers purchase more coal than is social-
ly optimal because they do not pay the costs of pollution. Too much coal is pro-
duced and those affected by the pollutants are forced to pay for the pollution direct-
ly or indirectly. Another source of social surplus loss occurs under monopolization,
which we discuss next.

2.5. MARKET POWER AND MONOPOLY

2.5.1. Maximizing Profit under Monopoly

We consider the efficiency problems caused by monopoly in the final section of this
chapter. We examine the profit-maximizing behavior of the monopolist without
considering the origins of the monopoly. The monopoly could have arisen as the
outcome of competition in a natural monopoly situation, it could have developed
from an innovation protected by patent rights, or it could have formed through the
collusion of all firms in an industry. See Stoft (2002, Part 4).

Because the monopolist is a profit maximizer, it follows the same output selec-
tion rule as profit maximizers in competitive industries (see Figure 2.8):

(2.8)

1. If the monopolist produces less than the profit-maximizing quantity, it loses
profit by producing too little and charging a price that is too high.

2. If the monopolist produces more than the profit-maximizing quantity, it loses
profit by producing too much and charging a price that is too low.

Like the competitor, the monopolist chooses quantity to maximize profit where
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MR = Me. Unlike the competitor, the monopolist has the power to influence price.
It chooses the price given by the demand curve. (If the monopolist can charge dif-
ferent prices to different consumers, it can transform more consumer surplus into
profit. This is price discrimination and is discussed in Chapter 4.) Therefore, the
monopolist sets (1) quantity, where marginal revenue is equal to marginal cost, and
(2) price by "charging what the market can bear," i.e., by choosing the price given
by demand. If the demand curve is not completely elastic, its price will be above
marginal revenue, and thus above marginal cost.

2.5.2. Deadweight Loss from Monopoly Power

How great is the loss of social surplus from the exercise of monopoly (market)
power? This can be determined by comparing the producer and consumer surplus
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under competitive and monopoly conditions (see Figure 2.9). Here, we see that by
raising price above marginal cost, an amount equal to the area Qm . (Pm - Pc) is
transferred from consumers to producers. But there is also a deadweight loss equal
to the sum of two triangular areas : (1) 12 . (Qc - Qm) . (Pm - Pc)plus (2) (Qc - Qm) .
P; - fMC, where the last term is the integral of MC from Qm to Qe, i.e., the differ-
ence between total cost ofproducing Qcand the total cost ofproducing Qm (see Ex-
ercise 2.6). This deadweight loss is a loss of social surplus because the consumer
does not enjoy it as consumer surplus and the monopolist does not earn it as profit.
The size of the deadweight loss from monopoly pricing depends on demand elastic-
ity. The monopolist is less able to raise prices if demand is more elastic, therefore
there is less deadweight loss. Further, the monopolist might not minimize cost,
spending resources to secure its monopoly power or leverage that power into other
markets. This increases the social cost of monopoly.

2.5.3. Response to the Exercise of Monopoly Power: Regulation
and Antitrust

On the other hand, the monopolist's power might not be secure . For example, if the
monopolist is the only supplier of fuel oil in a region , increases in price above some
level will induce competitors to enter the market. Therefore, if there are no barriers
to entry and marginal cost is above average cost, competitive markets can be relied
upon to disc ipline potential or temporary monopolists. When there are barriers to
entry (either technical or legal), institutional mechanisms must be constructed to re-
duce losses in social surplus from the exercise of monopoly power. Two approach-
es can be used:
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Figure 2.9. Deadweight loss under monopoly.
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1. Price or tariff regulation, under which competitive markets are difficult to
establish and sustain

2. Antitrust enforcement in established markets

Under regulation, the monopolist exchanges its control over price for legal
rights. For example, the electric monopoly accepts the duty to serve all customers
and submits to tariff (price) and investment regulation in exchange for protection
from competitors and other legal rights, such as the right to purchase land for trans-
mission lines. Although regulation focuses on tariffs that provide adequate rev-
enues, regulatory authorities must also be concerned with

• Output levels

• The quality ofoutput

• The construction ofnew capacity

• Attempts by regulated firms to extend their monopoly power into other mar-
kets

Price regulation requires regulated firms to provide so much technical and financial
information to regulatory authorities that conflicts inevitably arise between regula-
tors trying to maximize social surplus and monopolists trying to maximize profits.
Therefore, there has been an attempt to redesign regulatory institutions to minimize
information requirements while trying to mimic market efficiency. Chapter 4 re-
views regulatory institutions in the electric utility industry. Chapter 5 reviews at-
tempts to introduce market mechanisms into electric utility regulation, in particular
into the generation and retail sale of electricity. Chapters 6-9 provide case studies
of how market mechanisms have been recently introduced in the electric utility in-
dustry in several countries.

Another approach to reducing monopoly power is through antitrust enforcement.
Although the explicit application of antitrust is usually not appropriate to regulated
industries, as markets are introduced into electricity generation, antitrust principles
must be applied to these deregulated markets. See, for example, FTC (1996) on
merger policy in the electric utility industry. Antitrust regulations can be enforced
in two ways:

1. Giving antitrust enforcement power to government institutions

2. Giving parties injured by the exercise of monopoly power the right to bring
legal action against the monopolist and demand compensation for damages

A complete review of antitrust laws is beyond the scope of this chapter. Each
country has devised laws and enforcement mechanisms to limit the formation of
monopoly by either one firm or a group of firms acting together to raise prices, lim-
it output, or impose barriers to entry. Further, there is great tension between the ex-
ercise.ofantitrust authority and the granting of legal monopolies to encourage some
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social benefit, such as the issuance of patents and other protections of intellectual
property rights. Finally, when privatizing nationally owned, government monopo-
lies, great care must be taken to avoid transferring monopoly power to private own-
ers if regulatory and antitrust authorities are not well established.

EXERCISE 2.1. LINEAR AND LOGARITHMIC DEMAND FUNCTIONS

There are two popular representations ofdemand functions. These are the linear and
the logarithmically demand functions:

and

P=a-b· Qd

In P = e - d · In Qd

(2.9a)

(2.10a)

Often, quantity demand, Qd' is represented as a function of price, P, even though
price and cost are always plotted on the vertical axis and quantity is always plotted
on the horizontal axis. Solving for Qd(or In Qd) as a function ofP (or In P),

or

Qd= (alb) - (lib) . P

In Qd= (eld) - (lid) . In P

(2.9b)

(2. lOb)

Demand elasticity is the percentage change in quantity with respect to a small per-
centage change in price (e.g., 1%). First, with respect to discrete changes in price
and quantity:

Second, with respect to continuous changes in price and quantity:

Ed = (dQldP) · (PIQd) = (dQIQ)· (dPIP)

= d In Qdld In P

For the linear example, if Ed == -1 (negative unitary elasticity), from Equation
(2.9b)

and from Equation (2.9a)

P = a -b· Qd
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Substituting these into the definition,

Ed = (IiQIM) · (PIQd)

= - (lib) . [(a -b · Qd)IQd] = -(alb · Qd) + 1

Setting Ed = -1 and solving for Qd'

Qd= (112) . (alb)

i.e., a linear demand curve has (negative) unitary elasticity where quantity is one-
half the horizontal intercept. Substituting this value for Qdinto Equation (2.9a) and
solving for P,

P = (1/2)· a

i.e., demand elasticity is unitary where price equals one-half the vertical intercept.
For the logarithmic example, Ed = d In Qld In P. From Equation (2.10b), Ed =
-(lid). Therefore, if Ed = -1 (negative unitary elasticity), - (lid) = -1 and d = 1.
The demand elasticity of a logarithmic demand curve is constant and equal to -
(lid). (Elasticity does not depend on c in Equations 2.1Oaand 2.1Ob, c shifts the de-
mand equation vertically, but does not influence its shape.)

2.1.1. Ifa = 45 and b = 0.04 in Equation (2.9a), then

P = 45 - 0.04 . Qd (2.9c)

Determine Ed for Qd = 400, 600, and 800. Does demand elasticity become more
elastic or more inelastic as quantity increases?

2.1.2. Determine the value of c so that Equation (2.10a) is tangent to Equation
(2.9c) at Ed= -1. Graph these equations for price between 0 and 50 and quantity be-
tween 0 and 900.

2.1.3. If demand is actually logarithmic with unitary elasticity, determine the per-
centage error in predicting the quantity response when using a linear demand curve
(Equation 2.9c) for P = 30, 25, 20, and 15.

EXERCISE 2.2. A SHIFT IN DEMAND AND A NEW EQUILIBRIUM
PRICE (A COBWEB MODEL)

A linear demand equation is represented as

(2.11a)

and linear supply is represented as
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Qs= -c +d·P (2. I2a)

with the equilibrium condition that Qd= Qs . However, there can be lags in supply
because firms cannot respond immediately to changes in demand. Assume that
there is a demand shift and the supply responds to last period's price (where a peri-
od can be an hour, day, week, month, or year). The new demand and supply system
can be represented as

(2.IIb)

Supply is represented as a function of lagged price, P t- 1:

Substituting these into the equilibrium condition, Qdt = Qst:

a' -h' -P, = -c + d 'Pt- 1

or

b' . P, + d . Pt- 1 = a' + c

Shifting ahead one period and rearranging terms,

P t+1 + (dlb) .P, = (a' + c)/b'

(2. I2b)

(2.I3a)

(2.13b)

(2.I3c)

This is a first-order difference equation (a "discrete differential equation") that,
when solved, yields the following time path for price:

where P" is the long-run equilibrium price given by

P" = (a' + c)/(b' + d)

(2.14)

(2.15)

2.2.1. Show that the equilibrium solution to the following supply and demand sys-
tem is Po = 25.

(2.16a)

(2.16b)

2.2.2. Determine the price path and P" for a shift in demand (D2) to

(2.17)
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2.2.3. Calculate prices and excess demand for 6 periods. Plot the price path.

EXERCISE 2.3. RETURNS TO SCALE IN PRODUCTION AND COST

We define returns to scale in the context ofproduction and cost functions. The pro-
ductionfunction is

Q = f(L,K)

If all inputs are multiplied by a positive constant, m, then

Q 0 mg = f(m 0 L, m 0 K)

(2.18a)

(2.18b)

where g measures the returns to scale. For example, if m = 1.1, then all inputs in-
crease by 10%. mg indicates whether output increases by 10%, less than 10%, or
more than 10%:

1. Ifg = 1, then the production function exhibits constant returns to scale. Ifm =
1.1, output increases by 10%.

2. Ifg > 1, there are increasing returns to scale. If m = 1.1, output increases by
more than 10%.

3. Ifg < 1, there are decreasing returns to scale. If m = 1.1, output increases by
less than 10%.

A simple representation of the production function is the Cobb-Douglas model
(Cobb and Douglas, 1928):

or

Q= c .tr .s»

InQ=c+a·lnL+bolnK

(2.19a)

(2.19b)

(Note: the parameter c can be interpreted as a measure of technology, Le., as c in-
creases, the same level ofLand K produces greater output.) IfLand K both change
by m, then

f(m 0 L, m · K) = c · (m · L)a . (m 0 K)b

= C 0 im" 0 La) . (mboKb)

=m a+b
0 Q (2.20)
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So a + b measuresthe returns to scale:

1. If a+b =1, there are constant returns to scale

2. Ifa+b> 1, there are increasingreturns to scale
3. If a+b < 1, there are decreasingreturns to scale

Similarly, the costfunction is defined as the cost minimizingsolution to the follow-
ing constrainedoptimizationproblem (Varian, 1992,Chapter 1):

C(w, r, Q) = min w · L + r . K

subject to

Q = f(L,K) (2.21)

For the Cobb-Douglas production functionone can solve for K (or L) in Q = c . La ·
Kb and substitute:

(2.22)

Minimizingthis with respect to L and setting the result equal to 0 (ignoring the sec-
ond-orderconditions),

Solving for L (the firm's demand equation for labor),

L = c-lIa+b . (a . rib· w) b/a+b • Ql/a+b

Solving for K in the same manner (the firm's demandequation for capital),

K = C-1/a+b . (a . rib · w) -a/a+b . Ql/a+b

Substitutingthese into the total cost equation,

C(w,r, Q) = d . wa/a+b • rb/a+b • QlIa+b

or

(2.23)

(2.24)

(2.25)

(2.26a)

In C = In d + (ala+b) . In w + (bla+b) . In r + (l/a+b) · InQ (2.26b)

where
d = c-lIa+b • [(alb) b/a+b + (alb) -a/a+b]

This is the Cobb-Douglas cost function. If there are constant returns to scale in the
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Cobb-Douglas production function, (a + b = 1) and the Cobb-Douglas cost func-
tion becomes

or

TC(w, r, Q) = d . wa .r I -a · Q

In TC = In d + a In w + (1 - a) In r + In Q

(2.27a)

(2.27b)

If there are increasing returns to scale (with cost-minimization), total cost increases
less than the increase in the cost of inputs. For example, if all inputs increase by
10%, costs increase by less than 10%. If there are decreasing returns to scale, total
costs increase more than the increase in the inputs. In this framework we can define
average cost and marginal cost:

AC = TC/Q= d . wzla+b . rb1a+b . Q(1/a+b)-1

MC == dTC/dQ == (l/a+b) . d · wa1a+b . rl'la+b . Q(lla+b)-I

MC == (l/a+b)· AC

1. Ifa+b = 1, then MC = AC with constant returns to scale.

2. Ifa+b > 1, then MC < AC with constant returns to scale.

3. Ifa+b < 1, then Me> AC with constant returns to scale.

(2.28)

(2.29)

In other words, with continuously increasing returns to scale MC is always less
than AC. However, few production functions exhibit continuously increasing re-
turns to scale. At some constraint, average costs begin to increase and marginal cost
is greater than average cost. But if market demand is less than the quantity where
MC > AC, a "natural monopoly" can develop.

Nerlove (1963) provides an early estimation of a Cobb-Douglas cost function
for electric utilities. His final form was similar to Equation (2.27b). However, he in-
troduced the price of fuel (In1) and dropped the price of capital (In r), because there
was little variation in the measured price of capital across the 145 electric utilities
that constituted his sample. Further, he found that total cost was a quadratic func-
tion of output (Q in MWh):

In TC == f30 + f31 ·In w + f32 . Inf + f33 · In Q + f34 · (In Q)2 (2.30)

Here, (d In TC/d In Q) equals (f33 +2 · f34 . In Q).
Building on Nerlove, Christensen and Greene (1976) define scale economies as

1 - d In TC/d In Q = 1- (f33 + 2 · f34 · In Q) (2.31)

This yields positive values for increasing returns to scale and negative values for
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decreasing returns to scale. Although Nerlove found economies of scale for electric
utilities, increasing returns to scale were far less for larger utilities than smaller util-
ities. Christensen and Greene (1976), using a more general functional form (the
translog), found that utilities in 1970 with outputs above 25 TWh annually did not
exhibit increasing returns to scale.

Because ofthe importance of the relationship of TCand Qin determining returns
to scale, many analyses of cost, output, and returns to scale use a linear reduced
form of (2.30):

(2.32a)

This is a quadratic cost equation or cost curve and can be generalized to the cubic
cost curve:

(2.32b)

Again, one minus the elasticity of cost with respect to output, 1 - [(dTC/dQ)/
(TC/Q)], yields positive values for increasing returns to scale and negative values
for decreasing returns to scale.

2.3.1. Assuming that fixed cost is $5000 and VC = 20 . Q + 0.025 . Q2, find total
cost, fixed cost, variable cost, average fixed cost, average variable cost, average
cost, and marginal cost for quantities 0, 100, 200, ... , 900.

2.3.2. There are increasing returns to scale when AC is falling and decreasing re-
turns to scale when AC is rising. For the cost equation identified above, determine
the quantity at which AC begins to rise. Also determine the quantity at which MC =
AC.

2.3.3. If fixed costs increase to $10,000, at which quantity does MC = AC? Plot MC
andAC for quantities between 0 and 600 andAC < 100.

2.3.4. The firm's supply curve is equal to MC above average variable cost. On a
plot ofMC, AVC, and AC show the firm's supply curve.

2.3.5. Assume the demand equation is P = 150 - 0.25 . Q . Plot demand on the same
graph as the firm's supply. Determine the quantity and price where demand equals
supply. This is the competitive market solution.

EXERCISE 2.4. CALCULATING A REGULATED TARIFF

The primary problem with marginal cost pricing can be seen in Figure 2.7.
Because marginal cost is less than average cost, the competitive market solution
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(i.e., where supply equals demand) results in losses for the firm, here assumed to
be a monopolist. As we discuss in Chapter 4, there are several solutions to this
problem. One solution is for the regulator to set a tariff so that average revenue is
equal to average cost. Because TR = P(Q) . Q, average revenue is simply the de-
mand equation:

AR = TR/Q = P(Q)

i.e., price as a function of quantity demanded.

(2.33)

2.4.1. Under the cost (supply) and demand conditions in Exercise 2.3.5, determine
the firm's average cost and total losses if the tariff is equal to marginal cost.

2.4.2. Under these same conditions,determine the price and quantity if the regulator
sets a tariff so that Average Revenue,AR, is equal to .Average Cost, AC.

EXERCISE 2.5. CALCULATING SOCIAL SURPLUS UNDER
COMPETITION AND REGULATION

If consumers are able to purchase something at less than the maximum price they
would be willing to pay, they enjoy a surplus equal to the difference between the
market price and what they would have been willing to pay. Consumer Surplus, CS,
is the integral of surplus for all consumers in the market. For example, consumer
surplus at P; and Qc, the competitiveequilibriumprice and quantity, is

CS= J[P (Q) -Pc] dQ from Q = 0 to Qc (2.34)

The theory of supply also yields a measure of industry returns known as Produc-
er Surplus, PS. The difference between Total Revenue, TR, and Variable Cost, VC,
is producer surplus: PS = TR - VC over all Q. Because VC at Q= Qc (at the com-
petitive equilibrium quantity) is the integral of marginal cost from Q = 0 to Qc:

PS = TR- VC

= P(Q)-· Q-J MC from Q = 0 to Qc (2.35)

Social Surplus is equal to consumer surplus plus producer surplus. Deadweight
Loss is the loss of social surplus when efficiency is not achieved.

2.5.1. Determine the consumer and producer surplus and the social surplus for the
competitive solution defined in Exercise 2.3.5.

2.5.2. Determine the consumer and producer surplus and the social surplus for the
regulated tariff in Exercise 2.4.2.
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2.5.3. Determine the deadweight loss of imposing a regulated tariff equal to average
cost in Exercise 2.4.2.

EXERCISE 2.6. CALCULATING DEADWEIGHT LOSS
UNDER MONOPOLY

To maximize profits the monopolist attempts to choose quantity so that

MR = (dP/dQ)· Q + P=MC

Given this quantity, the monopolist sets price given by demand. With linear de-
mand, P =a -b . Q-b'

MR =b · Qj+ (a - b · Q)

=a -z.». Q=MC

i.e., with linear-demand, the marginal revenue curve has a slope twice that of the de-
mand curve.

2.6.1. With the supply and demand conditions as in Exercise 2.3.5, determine the
monopolist's profit-maximizing quantity and price. Calculate total revenues, total
cost, and profit.

2.6.2. Calculate consumer and producer surplus under the monopolist's profit-max-
imizing quantity and price. Calculate deadweight loss and compare with the dead-
weight loss under regulation.



CHAPTER 3

THE COST OF CAPITAL

One of the most difficult tasks ofan electric utility is to determine its cost ofcapital.
As we saw in Chapter 2, total cost is equal to variable costs plus fixed costs. As we
will see in Chapter 4, under regulation the regulator must determine (1) which oper-
ating expenses are appropriate and (2) whether customers are paying prices that en-
sure sufficient long-run security of supply.

Under regulation, a utility is allowed to recover reasonable costs incurred in the
provision of service. Under deregulation, generators are not guaranteed cost recov-
ery, but most transmitters and distributors remain regulated; see Chapters 4 and 5.
Typically, the definition of reasonable costs is based on a review and evaluation of
the accounting costs incurred. However, as discussed in Chapter 2, there are some
costs that are not readily identifiable in this way, such as the cost of equity.

3.1. WHAT IS THE.COST OF CAPITAL?

Financing the capital cost of new investment can involve borrowing funds from fi-
nancial institutions that charge a rate ofinterest (the rental rate in Chapter 2). This
is debt capital. Determining the appropriate cost of capital for these funds is easy.
The rate of interest is the cost of capital charged by financial institutions. However,
some financial capital is provided by the owners or shareholders of the firm or from
profits earned by the firm. This is equity capital. The rate ofreturn is the rate that
the owners of the firm earn on their equity. When the firm is a regulated electric
utility, the regulator must decide the appropriate rate of return to charge customers
to remunerate the providers of equity capital. This chapter discusses the principles
used to determine this rate of return.

To simplify our discussion, we begin by assuming that there is a single market
for financial capital. In this market, firms announce how much they are willing to
borrow at each rate of interest and individual investors announce how much they
are willing to lend at each rate of interest. Here, the equilibrium rental (or interest)
rate and the total level of capital demanded are determined by the interaction of (1)
demand for financial capital by firms and (2) the supply of financial capital by in-
vestors (see Figure 3.1).

43
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Quantity of Financial Capital

Figure 3.1. The market for financial capital.

From Chapter 2, we know that firms will demand more capital as its price falls
and that investors will supply more capital as its price rises. A simple extension of
the theory of profit-maximizing behavior states that firms will optimally demand a
level of capital such that the increase in revenues that the capital produces is just
equal to its price (this is its marginal revenue product; see Pindyck and Rubinfeld,
2001, Chapters 14 and 15). Therefore, if the cost of capital rises (holding total pro-
ductivity constant), the optimal level of capital used by the firm falls. What deter-
mines how much capital investors are willing to supply at each price?

As discussed in Chapter 2, we assume that individual investors attempt to maxi-
mize their well-being. Further, we will assume throughout this chapter that individ-
uals prefer certainty to uncertainty. Given a choice between an uncertain outcome
and an equivalent certain outcome, most individuals would prefer the equivalent
certain outcome. For example, consider the choice between (1) receiving U8$100
with probability one-half and $0 with probability one-half and (2) $50 with proba-
bility one. Most individuals would choose the latter.

We refer to uncertainty as risk and the preference for certainty as risk aversion.
This is discussed in Exercises 3.1-3.4. (Although one could make a distinction be-
tween risk and uncertainty, we will use them interchangeably in this chapter. More
specifically, risk refers to situations with known probability distributions, whereas
uncertainty refers to situations with unknownprobability distributions. See Pindyck
and Rubinfeld, 2001, p. 150.)

If investors were risk averse at each interest rate in the financial market, they
would be willing to invest less in projects that are more risky. (We will broaden the
definition of risk in Section 3.4.) Therefore, we should consider not one, but many,
financial capital markets, in which projects with similar risks compete for invest-
ment funds. Because these markets are interrelated, we could plot the rental rate for
capital in each market as a function of investment riskiness. In this view of the fi-
nancial world, the role of the electric utility decision maker is to determine the risk
class of each investment and the appropriate rate of return on capital for the appro-
priate risk class.

Until we develop an explicit relationship between risk and the interest rate, let us
assume there is at least one certain investment: one investment that always pays a
known return to the lender. This could be 90-day (e.g., U.S.) government securities.
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We call the (nominal) rate of interest on the risk-free investment the risk-free inter-
est rate, Rfe

There are two components to the risk-free rate. One component compensates in-
vestors for inflation (i). The other component compensates them because they are
unable to use the funds while they are being used by the borrower. This is the real
risk-free interest rate, rf So the nominal risk-free interest rate (for example, the rate
that the US government promises to pay on a 90-day security) is

(3.1a)

(3.1b)

(3.1c)

If inflation is low (e.g., less than 5%) and the real risk-free rate is low (e.g., less
than 3%), then the last term in Equation (3.1a) will be small (e.g., i· rf< 0.15%).
So, we often simplify this relationship as rf = Rf - i, i.e., the real risk-free rate is
equal to the nominal risk-free rate minus the rate of inflation. However, one
should always remember the last term (i . rf)' particularly if the rate of inflation is
high.

Finally, for all risky projects, investors will charge a risk premium (RP) to com-
pensate them for the unknown rate of return:

1. The real (risky) interest rate is equal to the real risk-free rate plus a real risk
premium, RP,r = rf + RP.

2. The nominal (risky) interest rate is equal to the nominal risk-free rate plus a
nominal risk premium, RP*, which also compensates lenders for the riskiness
of an unknown inflation rate, R = R.r + RP*.

Throughout this chapter we will use real interest rates. In the next section we
will assume that the real (risky) interest rate r is 10%, which is equivalent, for ex-
ample, to a risk-free rate, rf = 5% and a riskpremium, RP = 5%. If the rate of infla-
tion is 10%, then the nominal (risky) interest rate, R, would be at least 20% with sta-
ble inflation: inflation (10%) + the risk premium (5%) + the real interest rate (5%) +
(i . rf = 0.25%). Given these definitions, we next discuss how firms choose between
projects with similar risk. In Section 3.4, we discuss measuring risk.

3.2. NET PRESENT VALUE

In this section we present the most widely accepted method ofproject evaluation in
modem finance: net present value maximization. We begin by defining and dis-
cussing discounting from the future into the present and from the present into the
future. We then extend our discussion of profit-maximizing behavior from Chapter
2 to net present value maximizing behavior.
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3.2.1. Discounting to the Present

The most importantconcept in finance is the "time value of money," i.e., that mon-
ey in hand today has a different value than the same amount one year ago or one
year from now. We will assume a perfect capital market, where the rental rate on fi-
nance capital ("money") is the same for the borrower or the lender, i.e., there are no
transaction (e.g., banking) costs, so that the finn pays 10%per year to the investor.
At this rate, r = 10%, one dollar lent today (present value, PV) will be worth $1.10
in one year (future value, FV):

and

FV= (1 + r)· PV

PV= [1/(1 + r)] . FV

(3.2a)

(3.2b)

We will refer to [1/(1 + r)] or (1 + r)-1 as the discount factor. Here, with r = 10%,
the discount factor is 0.9090, or about 0.91. We can extend this formula to two or
more years:

PVo= [1/(1 + r)] . FV1

= 1/[(1 + r) . (1 + r)] . FV2

PVo= [1/(1 + r)/] . FVh t = 2

(3.3a)

(3.3b)

We follow the conventionof designating the present period as period 0 (t = 0), the
next futureperiod as period 1 (t = 1), etc. We will assumethat interest is paid on the
first day of the next period. This can be extendedto

FV2 = (1 + r) . FV1 =(1 + r) . (1 + r) . PVo

FVt = (1 + rY . PVo

(3.4a)

(3.4b)

Here, we are using compounding: A return is earned on the return from a previous
period. For example, if $100 is lent today (period 0), in one year it is worth $100
plus $10, in two years it is

$100 plus
$ 10 (as a return in the first period) plus

$ 10 (as a return in the secondperiod) plus
$ 1 (as a return on the return in the first period, equal to 10% of $10), or

$121.

If the project was riskier and financial institutionsrequired a high risk premium, so
that r = 20%, in two years the lender would earn
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$100 plus

$ 20 (as a return in the first period) plus

$ 20 (as a return in the second period) plus

$ 4 (as a return on the return in the first period, equal to 20% of $20), or

$144.

But if the project has no risk (see Exercise 3.3 on measuring risk), a risk-free rate of
5% would eam

$100 plus

$ 5 (as a return in the first period) plus

$ 5 (as a return in the second period) plus

$ 0.25 (as a return on the return in the first period, equal to 5% of$5), or

$110.25.

We can also discount by breaking the periods into subperiods, for example, into
months. Under monthly discounting, the annual rate of 10% is divided by twelve, or
0.833% per month. With monthly compounding, the annual rate is slightly higher
than with a 10% annual rate:

[1 + (10%/12)]12 = 1.10471

or an effective interest rate of 10.47%. The appropriate monthly rate equivalent to
an annual rate of 10% would be 0.797%, not 0.833%. Further, under daily discount-
ing the annual rate would be divided by 365, or 0.0274%. Again, with compound-
ing the annual rate would be higher than 10%:

[I + (10%/365)]365 = 1.10515

or an interest rate of 10.52%. At the limit we could continuously compound

[1 + (10%/m)]m = 1.10517 = eO.} (or exp{O.I}) as m~ 00

Therefore, we can approximate subannual discounting with exponential constant (=
2.7183 ...) to the power of the interest rate: ere Notice that monthly compounding
approaches continuous compounding and daily compounding is almost indistin-
guishable from continuous compounding. When continuous compounding is appro-
priate, the mathematics of discounting can be greatly simplified.

Next, we consider a series of cash flows in each future period discounted to the
present. For example, let A be a uniform amount (called an annuity) invested each
year at 10% for 3 years. What is the present value of this investment?

(3.5a)
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This present value can be represented by the formula

PVo=A . [(1 + r)T- 1]/[r· (1 + r)T] (3.Sb)

where T is the last year. The inverse of the last part of Equation (3.Sb), [1" (1 + r)1]/
[(1+ r)T -1], is the capital recovery factor, CRF. Given an investment made in
the present, what amount must be collected each year to recover the investment?
It is

A = PV· [r · (1 + r)1]/[(1 + r)T- 1] (3.6)

This is also known as the levelized capital cost, because it is a level or uniform cost
in each year. For example, if an investment of $1000 is made today, what amount
must be collected each year for 30 years to compensate the investor? Using Equa-
tion (3.6) with r = 10%, $106.08 must be collected each year for 30 years. Further,
we can extend t into the future. As the number of periods increases, annuities ap-
proach a perpetuity, i.e., to the equivalent of a payment made every period in the
foreseeable future:

PV=A/r and A =PV·r (3.7)

For example, assuming 1" is 10% and the present value is $1000, the annual pay-
ment would be $100. So for long recovery periods, the simplified perpetuity ap-
proach yields values close to the exact formula. Although there are many other for-
mulas to discount more complicated cash flows, such as increasing annual
payments or changing rates of return, discounting future values into the present al-
lows us to discuss net present value.

3.2.2. Net Present Value

In Chapter 2 we assumed that the firm maximized profit in each period. But firms,
particularly those owning physical capital with long productive lives, such as elec-
tricity generation capacity, must make decisions based on future profits. We now
extend our behavioral assumption from single-period profit maximization to multi-
period profit maximization.

Assuming a competitive market for buying and selling firms, how much would a
buyer offer the owner of the firm for the potential of receiving the firm's profits in
each future period? Considering profits (net cashflows) in two future periods, PRt =

(TRt - TCt) , what is the present value of the firm (in period O)?

NPVo(PR1, PR2) = PR1 • (1 + 1")-1 + PR2 • (1 + 1")-2

=(TR1 - Tel) . (1 + 1")-1 + (TR2 - Te2) • (1 + 1")-2 (3.8a)

where r is the buyer's real cost of capital. Or, more generally for Tperiods,
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NPVo(PRh ••• ,PRT) = (TRI - TCI) . (1 + r)-l + ... + (TRr- TCT) • (1 + r)-T
(3.8b)

This is the Net Present Value (NPV) of the firm', because it is present value of fu-
ture revenues, TR, minus (net of) future costs, TC. Because we have assumed that
these costs include a normal rate ofretum on invested capital, NPV> 0 implies pos-
itiv:e (above normal) discounted profits.

This approach assumes that costs are incurred in each future period, but some
costs, such as capital costs, must be spent in the current period so revenues can be
received in the future. If the fixed cost is incurred in the first period and variable
costs are spent in the future periods, then Equation (3.8b) becomes

NPV= -FCo+ (TRI - VCI) . (1 + r)-l + ... + (TRT- VCT) . (1 + r)-T (3.9)

where TRt and VCt represent relevant positive and negative cashflows in each fu-
ture period, discounted at the relevant cost of capital, r, to the present. If neither
real TR nor VC change over time, then we can simplify Equation (3.9):

NPV= -FCo+ (TR - VC) . [(1 + r)r - 1]/[r· (1 + r)1]

= -FCo+ (TR - VC) . (l/CRF)

(3.10a)

(3.10b)

We can extend the behavioral assumption of profit maximization to a multiperi-
od framework by assuming firms act to maximize their NPV. In particular, they in-
vest in all projects (e.g., power plants) with positive NPV, because all projects with
positive NPV imply above-normal discounted profits. This is the Net Present Value
Rule. However, given constraints on their ability to manage multiple projects, we
assume that (1) firms rank possible projects by NPV and (2) begin by investing in
the project with the highest NPV. Following this strategy, firm managers maximize
NPV for the firm's owners. (On electric utility reaction to projects with negative
NPV, see Rothwell, 1997. On the distribution of uncertain NPVs, see Rothwell,
2001.)

3.2.3. Assessing Cash Flows under the Net Present Value Rule

Before comparing the NPV method with other project evaluation methods, we
should discuss a few issues related to appropriately assessing cashflows in an NPV
analysis (see Brealey and Myers, 2000, Chapter 6).

The first is the definition of working capital (to be discussed in Chapter 4).
Working capital is the difference between short-term assets (benefits to the firm)
and short-term liabilities (costs to the firm):

1. Short-Term Assets include customer's unpaid bills (accounts receivable),
cash, and the value of raw materials and finished goods inventories.

2. Short-Term Liabilities include the firm's unpaid bills (accounts payable).
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Regarding NPV analysis, changes in working capital should be included as a cash
flow.

Second is the definition of depreciation. Depreciation is used in tax and regula-
tory accounts. For tax purposes, depreciation reduces the (book) value of an asset
and can be counted against income, reducing tax liabilities. (The book value is the
value of an asset in the firm's accounting "books.") For regulatory purposes it pro-
vides the regulated finn with income from customers to pay for capital investments
that must be replaced at the end of their useful life. The physical counterpart to de-
preciation is wear-and-tear. Depreciation can also include economic or technical
obsolescence. However, when incorporating depreciation or other tax effects, dis-
counting after-tax cash flows requires the use of after-tax discount rates.

For tax purposes there are several methods of calculating depreciation. The
straight-line depreciation rate is equal to the inverse of the life of the asset. For ex-
ample, if a power plant has a 25-year life, then the straight-line depreciation rate is
1/25 or 4% per year. Many regulators use the straight-line method.

However, the tax authority (to encourage investment) can allow firms to acceler-
ate their depreciation. One method of accelerated depreciation is double-declining
balance. This method doubles the simple depreciation amount applied to the re-
maining book value of the asset. For example, if the simple depreciation rate is 4%,
the double-declining balance rate would be 8% on the remaining book value (after
depreciation). Double-declining balance and other accelerated depreciation meth-
ods increase depreciation in the early life of the asset and decrease depreciation in
the later years. Therefore, after-tax income is higher in the early years than with
straight-line depreciation and is lower in the later years. NPV maximizers prefer ac-
celerated depreciation because the present value of income is greater the closer it is
to the present. Unfortunately, if the tax authority is using one form of depreciation
and the regulator is using another form, two sets of accounts must be kept. (The
stock market regulator might require a third set of accounts for the shareholders.
Also, there might be a fourth set for the finn's management to make investment and
production decisions.)

To complete our discussion of depreciation, we introduce the concept of sal-
vage value. This is the value of an asset at the end of its useful life. Generally, the
salvage value is assumed to be positive. But the salvage value could be negative.
For example, if a nuclear power plant must be decommissioned (decontaminated
and dismantled), and the cost of decommissioning is $300M, then the salvage val-
ue would be -$300M. The cost of decommissioning could be financed through
depreciation. However, tax and regulatory authorities usually treat decommission-
ing accounting separately from depreciation accounting (see Pasqualetti and
Rothwell, 1991).

Because we have acknowledged the tax collector, we conclude this section by
discussing the influence of taxes on the NPV calculation. Because after-tax cash
flows are income to an NPV maximizer, taxes should be subtracted from profits be-
fore they are discounted to the present. For example, if the tax rate on income (rev-
enues minus costs) is 50%, then annual revenues to the owner of an electric genera-
tor are reduced by half. If customers contribute an amount equal to the depreciation
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allowed by the tax authorities and another amount equal to the income taxes, the
NPV analysis is unchanged under regulation. If electricity generation is deregulated
(see Chapter 5) and firms must subtract taxes from after-depreciation income, the
NPV calculation will change. Therefore, the firm must be fully aware of the tax col-
lector and calculate the NPV on projects accordingly.

3.3. ALTERNATIVE METHODS OF PROJECT EVALUATION

Although net present value analysis is the most widely accepted form of project
evaluation in modem finance, there are at least three others that are used and can be
compared with the,NPV approach:

1. Payback analysis

2. Average return on book value

3. Internal rate of return

We give an introduction to each of these here, but because each of these methods
has problems that NPV does not have, we will not discuss them completely. Inter-
ested readers should consult Brealey and Myers (2000, Chapter 5).

3.3.1. Payback Analysis

The Payback Rule is commonly used in small businesses as a rule-of-thumb for
making routine investment decisions, such as whether to install fluorescent light
bulbs to reduce the cost of electricity. The rule is simple to use: make those invest-
ments that pay back the cost of the initial investment after some arbitrarily chosen
(payback) period, e.g., 2 years. For example, if

1. The cost of a fluorescent bulb is $10 greater than the cost of the nonfluores-
cent bulb

2. The reduction in electricity is 100 watts

3. The bulb is used 10 hours per day

4. The price of electricity is $0.1O/kWh(or $1OO/MWh)

then the payback period is 100 days: $10 (the cost of the bulb) = $0.10/kWh . 100
watts . 10 hours . 100 days. If the payback period is 2 years, then the business own-
er buys the bulb. Notice, however, that whereas this method is easy to use, the busi-
ness owner is not considering the savings after 100 days. Many fluorescent bulbs
last for years, so the savings over the life of the bulb should be considered. If the
payback period is too short, then some investments with a positive NPV will be ig-
nored. If the payback period is too long, some investments with a negative NPV
will be accepted. If the net revenues over the life of the project are uniform (as in
this example), the NPV-equivalent payback period is equal to
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(l/r) - l/[r . (1 + r)T] (3.11)

where T is the life of the project. If r = 10% and T = 3 years, then the NPV-equiv-
alent payback period is about 2.5 years. In this example, the business owner
would come to the same conclusion using the payback rule or the NPV maxi-
mization rule, but with complicated investment decisions, the Payback Rule is too
simplistic.

3.3.2. Average Return on Book Value

Another project evaluation approach considers the ratio of (1) the average income
over the life of the investment to (2) the average book value of the investment (after
depreciation). If the ratio is above the average accounting rate ofretum for the firm,
then the investment is made. For example, if the business owner is contemplating
buying a computer system with a 3-year economic life (after the end of 3 years the
computer system is essentially worthless) for $3000, then the average book value
(assuming straight-line depreciation) is

• $3000 at the beginning of the first year

• $2000 at the beginning of the second year

• $1000 at the beginning of the third year

• Then $2000 is the average for 3 years

Assuming that the computer saves the business owner $1000 per year in labor costs
(after training), the average return on book value is 50%, which is above the firm's
accounting rate of return, so the business owner buys the computer.

But this approach ignores the fact that the computer costs $3000 in the present
and any discounting reduces the value of future savings. If the cost of capital is
10%, then the value of the labor savings in the second year discounted to the present
is $909 and its value in the third year is $826. The NPV at the time of the purchase
is $1000 (first year) + $909 + $826 - $3000, or -$265. This is not a good invest-
ment under NPV maximization with r = 10%. (Also, if the payback period were 2
years, the business owner would not invest, but would invest if the payback period
were 3 years.) The problem with the average rate of return (and similar methods) is
that it does not consider actual cash flows.

3.3.3. Internal Rate of Return

The third approach is the internal rate ofretum method. Under it, the decision mak-
er calculates the rate of return that yields NPV = 0 and compares this rate with the
firm's (internal) rate of return. If this InternalRate ofReturn (IRR) is greater than
the cost of capital, then the firm selects the project.

For example, let's assume that Equation (3.10a) and a 10% cost ofcapital are ap-
propriate, then the IRR method is (1) solve the following equation for IRR:
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0= -FCo+ (TR - VC) . [(1 + IRR)T- I]/[IRR · (1 + IRR)1]

(2) invest if IRR > 10%. Solving,

FCoI(TR - VC) = [(1 + IRR)T- I]/[IRR . (1 + IRR)1]

FCoI(TR - VC)= (IIIRR) - [IIIRR · (1 + IRR)1]

(3.12a)

(3.12b)

(3.12c)

This equation is difficult to solve analytically, so it is usually solved numerical-
ly. (Also, notice the similarity of the right-hand side of Equation 3.12c with Equa-
tion 3.11.) We leave the exact solution for a specific example as an exercise; see
Exercise 3.5.

Although the IRR and NPV approaches are similar, and often equivalent, there
are some cases in which they are not equivalent. First, solutions to Equation (3.I2c)
can involve multiple roots, i.e., there are multiple values of IRR that solve the equa-
tion. Second, comparing IRRs for different projects with different cash flow pro-
files can be unreliable when selecting between projects. Third, the method assumes
only one cost of capital, if the cost of capital changes with the length of the borrow-
ing period (e.g., the cost of capital might be low for a one-year loan, but higher on a
five-year loan), there is indeterminacy. These problems can be avoided by using
NPV analysis, but NPV maximization assumes knowing the appropriate opportuni-
ty cost of capital. In the final section of this chapter, we explore the relationship be-
tween the cost of capital and risk.

3.4. RISK AND RETURN

In this section, we explore risk and return and show how financial markets deter-
mine risk premiums for risky investments. In well-defined capital markets, we can
deduce the price of risk by correlating historic rates of return with the probability
distribution of these returns. In undefined or emerging capital markets, we can try
to apply our conclusions from observations on more established markets. For ex-
ample, for newly privatized electric utilities we will rely on observations of the
price of risk for established electric utilities, assuming similar cost and regulatory
risks.

We begin by exploring the characteristics of a probability distribution for rates
of return, r.; to an investor during the last Tperiods: rh r2' ... ,rT' The two most im-
portant characteristics of this probability distribution are its mean and variance.
The mean is the average value of the population: [(rb + rz + ... + rT)/11. The mean
is the expected value of observing a particular r; It is a weighted sum of the obser-
vations, where the weights are equal to the probability ofobserving a particular val-
ue. Here, these probabilities are (1/1): the probability of observing a particular r, is
lout of T observations. Mathematically,

E (rt) = (1/1) . rl + (1/1) . r2 + · · · + (1/1) . rT (3.13)
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For example, if a firm earned rates of return of 5%, 10%, 0%, and 5% during the
last 4 years, the mean is the average of these values: 5%. So the expectedreturn is
5%.

The variance describes the dispersion of the returns. Mathematically, it is equal
to a weighted sum of the distances of each observation from the mean of the popu-
lation. Because we are interested in distance, not whether an observation is above or
below the mean, we square the difference between the observation and the mean.
This eliminates the distinction of whether r is greater than or less than E(rt) . So,

VAR (r t) = [1/(T- 1)] · [rl- E(rt)]2+... + [1/(T- 1)] · [rT- E(rt)]2 (3.14)

Here, T is reduced by 1 because one degree of freedom has been used to calculate
the mean return. In our example, E(rt) = 5%, so

VAR (r t) = (1/4)· {[5% - 5%]2 + [10% - 5%]2 + [0% -5%]2 + [5% - 5%]2}

= (1/4) · {[0%]2 + [5%]2 + [-5%]2 + [0%]2}

= (1/4) . {0.25% + 0.25%}

= 0.125%

Because of the differences in scale between the mean and variance we will find it
easier to work with the square root ofvariance. This is the standarddeviation (SD).
In our example, the SD of'r, is about 3.5%. Given these definitions, Exercises 3.1-
3.3 explore the relationship between risk and return in financial capital markets.

Mean and variance describe two characteristics (statistical moments) ofa proba-
bility distribution. Higher-order moments (such as skewness) are also important for
some probability distributions. However, the normal distribution is completely
characterized by the first two moments of its distribution: mean and variance. It is a
symmetric "bell-shaped" curve. Figure 3.2 portrays a standard normal distribution
with a mean of 0 and a standard deviation of 1. Given the shape of the normal dis-

-3 -2 -1 o 2 3

Standard Deviation

Figure 3.2. The standardnormaldensityfunction.
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tribution, the probability of finding an observation between one standard deviation
above the mean and one standard deviation below the mean is about two-thirds
(68%). The probability of finding an observation between two standard deviations
above and below the mean is about 95%. The probability between three standard
deviations above and below the mean is about 99.75%. (Total probability is 100%.)

In our example, if the four observations on the firm's rate of return were drawn
from a normal distribution then the probability ofobserving a rate ofreturn between
1.5% (= 5% - 3.5%) and '8.5% (= 5% +3.5%) is 68%. The probability ofobserving
a rate of return between -5.5% (= 5% - 3 ·3.5%) and 15.5% (= 5% + 3 · 3.5%) is
almost one (99.75%). This does not imply that we could not find observations out-
side these bounds. With only four observations, our estimate of the mean and stan-
dard deviation is not robust. Generally, we need more than 30 observations to accu-
rately estimate the characteristics of a normal distribution.

3.4.1. Financial Instruments

Although an investor can invest in many types of financial instruments, we will lim-
it our discussion to three types of instruments: government securities, corporate
bonds, and corporate stocks. Government securities or government bonds are is-
sued by all forms ofgovernments to finance their expenditures. For example, a fed-
eral government can sell long-term bonds to make up the difference between cur-
rent expenditures and tax revenues, or a local government can sell bonds to build
schools or other infrastructure. Although there can be risks associated with the re-
turns on government bonds, generally, stable governments pay investors for hold-
ing short-term securities, either out of tax revenues or out of revenues from the sale
of longer-term bonds.

For example, 90-day U.S. government securities (Treasury Bills) are considered
risk-free. Therefore, it is possible to determine the current nominal risk-free interest
rate, RI , by looking at the rates of return offered to investors published in the finan-
cial sections of newspapers. Some governments issue inflation-adjusted securities,
such as the US government's "Treasury Inflation Bonds." The rate of return to in-
vestors is free of inflation or inflation risk. The interest rate on these instruments is
(theoretically) equal to the real risk-free interest rate, rl' Therefore, the expected in-
flation rate equals the difference between these two interest rates, as discussed in
Section 3.1.

Financial instruments similar to government bonds are bonds issued by non-
government entities, such as corporate firms or joint-stock companies. These firms
usually issue at least two types of financial securities:

• bonds are a form ofdebt and pay a fixed payment (the coupon) in each period

• stocks (sometimes known as ordinary shares) are a form of equity and pay
dividends

Although there can be many forms of bonds and stocks with different risk charac-
teristics, the difference between bonds and stocks is the risk associated with claims
on the firm's earnings. When there are earnings, bondholders are paid before stock-
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holders. When there are no earnings, bondholders can claim the property of the
finn. This can take the form of forcing the finn to declare bankruptcy and allowing
a court to sell the firm's property to pay the bondholders. This is a right of a credi-
tor. For example, another form of debt is mortgage debt backed directly with prop-
erty, such as a house. If the mortgagor does not pay the mortgagee, the mortgagee
can seize the property, sell it, pay the mortgage, and return the difference, if any, to
the mortgagor.

Equities, on the other hand, are a form of joint ownership. The equity investor
shares in the returns of the company with no guarantee of a return. In some years
profits are high and in other years they are low or zero. The equity holder does not
have the right to seize property, but has the right to participate in the management
of the company (such as voting for the Board ofDirectors) and to a share of the pro-
ceeds if the finn's property is sold and creditors have been paid. In a limited liabili-
ty company, the loss of the equity holders is limited to their investment. If the in-
vestor does not have limited liability, the investor's property can also be seized to
pay the debts of the bankrupt finn.

The returns on corporate bonds have a wider variance than returns on bonds is-
sued by governments. Although the bond pays a fixed amount in each period, and
thus seems certain,' there is no guarantee that the issuer of the bond will pay the
fixed amount. The firm might default on its bond payments. (Governments can also
default on their bonds.) Although bond payments are fixed, the prices of the bonds
in financial markets can change. With a fixed payment, if the price of the bondfalls,
the implied interest rate rises.

For example, assume the price of a bond is $1000 and pays $100 per year in
perpetuity. The rate of interest on the bond would be $100/$1000 or r = 10%. If
the price of the bond drops to $900 (and continues to pay $100 per year as stated
on the bond), then the rate of interest would be $100/$900 or r == 11%. Therefore,
given the fixed payment, as the price of bonds fall, the interest rate on bonds ris-
es. Or if interest rates on government securities rise, the price of a corporate bond
falls, given a fixed payment. Because regulated electric utilities rarely default on
their bond payments (although there is a possibility, see Chapter 6 on the bank-
ruptcy of Pacific Gas & Electric in California), interest rates on bonds expected by
investors issued by electric utilities are usually among the lowest rates of all cor-
porate bonds.

Because corporate equities ("stocks" or "shares") are not backed by the property
of the finn or the tax authority of a government, they are far riskier than govern-
ment or corporate bonds. In one year, the finn might pay a dividend of 5% on in-
vestments, pay 10% the next year, nothing in the following year, and 5% in the
fourth year, and so on. Because of the uncertainty of the return, shareholders expect
a higher rate of return than bondholders do. Often, these shares are traded in finan-
cial markets, such as the New York Stock Exchange.

The rate of return depends on the share price and the expected dividend. If in-
vestors expect a lower dividend, the price of the share decreases, thus raising the
rate of return on the share. For example, if an electric utility announces that it will
pay $1 per share in a particular quarter (of a year), and the share is trading at $40,
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then the rate of return on the share is 2.4% per quarter or about 10% for the year. If
investors were expecting a higher return, they might sell their shares, increasing the
supply of the firm's shares in the market. So the price of the share falls. If it falls to
$35, then the $1 dividend yields a quarterly rate of return of 2.8% or about 11.6%
per year.

Of course, this is a simplified explanation of how investors behave in stock
markets, because they also have expectations about future dividends and future
changes in share prices. Generally, firms in the same risk category can expect to
pay the same rate on equity capital in financial markets. Therefore, when trying to
determine a firm's cost of capital, one needs to determine the risk class of the
firm.

Although it is difficult for individual investors to determine the riskiness of cor-
porate debt and equity, there are rating services that grade these financial instru-
ments (Brealey and Myers, 2000, Chapter 23). For example, Moody's Investor Ser-
vices grades corporate bonds. These grades range from Aaa for bonds with the
lowest risk (and lowest expected return) to C for bonds with the highest risk (and
the highest expected return). Other investor services grade bonds issued by coun-
tries or firms in a country. Once an electric utility's bonds have been graded, i.e.,
assigned to a risk category, it is easy to determine the utilities interest rate on debt.
Determining expectations regarding the cost of equity is more difficult. It involves
(1) determining the risk category of the utility's equities and (2) determining what
financial markets are charging firms in that risk category. These issues are dis-
cussed in the exercises below.

To summarize this discussion, Figure 3.3 shows the historic relationship be-
tween the cost of capital and risk. The vertical axis shows the historic annual aver-
age rate' of return and the horizontal axis shows risk, measured by the annual stan-
dard deviation of the rates (Brealey and Myers, 2000, Chapter 7). As the riskiness
of a class of financial instruments increases, so does the return expected by in-
vestors.
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3.4.2. Capital Structure and the Cost of Capital

Because the firm can use both debt and equity financing, its cost of capital is a
weighted average of the rate of interest on debt and the expected rate of return on
equity. The nominal WeightedAverage CostofCapital, WACC, is

WACC= [Debtl(Debt +Equity)] . Rdebt

+ [Equityl(Debt + Equity)] · Requity (3.15).

Assume 70% of an electric utility's financing is in corporate bonds and 30% is in
corporate equities. IfR debt = 7% and Requity = 12%, then the WACC is 8.5%.

However, using the WACC to discount cash flows for purposes ofNPV calcula-
tions is only appropriate if the costs of debt financing have been ignored in the cal-
culation of cash flows (i.e., not subtracted from cash flows). If the costs of debt fi-
nancing have been included in the calculation of cash flows (i.e., subtracted from
the cash flow), then the appropriate discount rate is the equity rate.

Although one might conclude from Equation (3.15) that increasing the percent-
age of debt in the firm's total capitalization would lower the WACC, debt financing
also increases the probability of default. This is because creditors must be paid; if
there is a decrease in earnings, the firm might not pay all creditors. Therefore, bond-
holders will demand a higher rate of return as the percentage ofdebt rises (and risk-
iness increases). Increasing debt is financial leverage,because equity holders lever-
age their small contribution with large contributions from debt holders (Brealey and
Myers, 2000, Chapter 19).

EXERCISE 3.1. RISK AND DIVERSIFICATION

To minimize risk and maximize expected return, individuals invest in a diverse set
of financial instruments. This exercise explores how risk can be reduced by invest-
ing in a portfolio of assets. We focus on a portfolio of common corporate stocks se-
lected by Dow Jones & Company, publishers of the WallStreetJournal. Dow Jones
tracks three portfolios of common stocks: industrials, transportation, and utilities.
The Dow Jones Industrial Average is a portfolio of 30 common stocks of large in-
dustrial corporations headquartered in the US. Table 3.1 lists the monthly percent-
age returns for 1997 for 12 companies listed in Table 3.2, which lists the company
name and the common stock symbol. Here, nominal return,

(3.16)

where P, is the period-t price of the stock (with capitalized dividends). Also includ-
ed in Table 3.1 is the (value-weighted, i.e., weighted by the total value of each
firm's equity) average return for the New York Stock Exchange (NYSE).

Investors compare average returns and risk for each stock. The average, or ex-
pected value of the return, E(Rt) , is defined in Equation (3.17):
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Table 3.1. 1997Monthly Percentage Returns for 12 Stocks in the Dow Jones
Industrial Average

1997 NYSE AXP BA CHV C KO DIS XON GE HWP IBM MCD WMT

Jan 5.3 10.0 0.6 2.1 5.7 10.0 4.6 5.7 4.7 4.7 3.5 0.3 4.4
Feb -0.1 5.6 -4.8 -2.0 -2.5 5.4 1.9 -2.5 -0.6 6.7 -8.1 -4.8 11.1
March -4.4 ~8.8 -3.1 7.9 -10.6 -8.4 -1.9 7.5 -3.0 -4.7 -4.5 9.2 5.9
April 4.3 10.2 0.0 -1.6 0.0 14.1 12.4 5.1 11.8 -1.6 16.9 13.2 0.9
May 7.1 5.7 7.1 3.0 6.3 7.7 0.2 5.4 8.8 -1.9 7.9 -5.9 6.2
June 4.4 7.2 0.7 5.6 4.4 -0.5 -2.0 3.4 7.7 9.0 4.3 -3.9 13.4
July 7.6 12.7 10.6 6.8 13.1 1.7 0.9 4.9 8.3 25.0 17.2 1i.3 10.9
Aug -3.7 -7.2 -6.9 -1.2 -5.5 -17.1 -5.0 -4.1 -10.8 -12.1 -3.9 -11.8 -5.3
Sept 5.8 5.3 -0.1 7.3 5.9 6.7 5.0 4.7 9.2 13.3 4.6 0.7 3.4
Oct -3.4 -4.5 -11.8 -0.2 -4.2 -7.2 2.3 -4.1 -5.1 -11.4 -7.1 -5.9 -4.4
Nov 3.1 1.1 11.0 -2.6 -2.7 10.6 15.3 0.0 14.3 -0.8 11.4 8.4 14.5
Dec 1.8 13.4 -7.9 -4.0 3.7 6.7 4.3 0.3 -0.3 2.3 -4.5 -1.5 -1.4

Note: Data does not necessarily refute actual returns.

E(Rt) = (liT) . r. R, for t= 1, ... , T (3.17)

The most common measure of variation is the standarddeviation, SD(Rt) , which is
the square root of the variance, VAR(Rt) :

VAR(Rt) = [1/(T - 1)] · r. [Rt - E(Rt)]2 for t = 1, ... , T (3.18)

Table 3.2 lists percentage values of E(Rt) , SD(Rt) , and VAR(Rt) for the 30 stocks in
1997.(As mentioned above, an unbiased estimator for sample variance accounts for
the degree offreedom lost in calculatingthe sample mean using I/[T- 1] in place of
liT.)

Notice in Table 3.2 that the standard deviation of the returns to the market
(NYSE) is lower than all but one of the standard deviationsof the individual stocks.
This is because the variance ofa portfolio depends on (1) the variances of the stocks
in the portfolio and (2) the covariances between these stocks. Covariance between
the returns on two stocks,j and k, is

for t= 1, ... , T
(3.19a)

Although portfolio variance is a function of covariancebetween the stocks in the
portfolio, it is easier to work with correlation, defined as

(3.19b)

Positive correlation implies that the two stocks move up and down together. Nega-
tive correlation implies that the two stocks move in opposite directions, i.e., when
one goes up, the other goes down. If the correlation coefficient is 1, the two stocks
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Table 3.2. The Issuers of the Stocks in the Dow Jones IndustrialAverage

Symbol Company E(R) SD(R) VAR(R)

NYSE New York Stock Exchange 2.32 4.28 0.18
AA Alcoa 1.22 7.84 0.61
ALD Allied Signal 1.62 7.48 0.56
AXP AmericanExpress 4.24 7.53 0.57
BA Boeing -0.38 7.16 0.51
C Citigroup 1.13 6.54 0.43
CAT Caterpillar 2.47 6.19 0.38
CRV Chevron 1.77 4.28 0.18
DD DuPont 2.49 7.72 0.60
DIS Disney 3.16 5.81 0.34
EK EastmanKodak -1.84 7.67 0.59
GE GeneralElectric 3.75 7.62 0.58
GM GeneralMotors 1.62 5.13 0.26
GT GoodyearTire 2.15 6.46 0.42
HWP HewlettPackard 2.37 10.42 1.09
IBM IBM 3.14 8.94 0.80
IP InternationalPaper 1.14 9.72 0.95
JNJ Johnson& Johnson 2.79 8.19 0.67
JPM J P Morgan 1.63 5.41 0.29
KO Coca Cola 2.47 9.21 0.85
MCD McDonalds 0.77 7.98 0.64
MMM 3M (Minn. Mining & Mfg.) 0.40 7.97 0.64
MO Philip Morris 2.16 7.99 0.64
MRK Merck 2.96 9.25 0.85
PG Procter & Gamble 3.66 6.96 0.48
S Sears Roebuck 0.71 11.94 1.42
T AT&T 3.94 8.44 0.71
UK Union Carbide 0.87 8.58 0.74
UTX UnitedTechnologies 1.12 6.45 0.42
WMT WalMart Stores 4.96 6.68 0.45
XON Exxon 2.18 4.09 0.17

Note: All valuesare in percentages. Datadoes not necessarilyrefute actualreturns.

are perfectly positively correlated. If the correlation coefficient is 0, then the two
stocks are independent. If the correlation coefficient is -1, the two stocks are per-
fectly negatively correlated.

For example, the correlation between American Express and Citigroup is +0.8
(or 80%). The stocks of these two financial services companies move together most
of the time. But between American Express and Chevron the correlation coefficient
is -0.1 (or -10%, American Express and Chevron, an oil company, although nega-
tively related, are almost independent).

We now consider portfolios of assets. The expected return ofa portfolio of two
stocks is



EXERCISE 3.1 61

E(portfolio return) =x 'E(Rj t) +(I-x) ·E(Rkt) (3.20)

where xis the proportion of value of the portfolio invested in one stock and (1 -x)
is the proportion of value of the portfolio invested in the other stock. The variance
ofaportfolio of two stocks is

YAR(portfolio return) = x2 'YAR(Rj t) + (1 -X)2 ·YAR(Rkt) (3.21)

+ 2 . x- (1 -x) · COY(Rj t, Rkt) ,

=x2 'YAR(Rj t) + (l-x)2 ·YAR(Rkt)

+2 . x- (1 -x) . CORR(Rj t, Rkt) • SD(Rj t) . SD(Rkt) .

For example, in an equally weighted portfolio of American Express and Chevron,

1. The expected return would be 3% =

(0.5) . (4.24%) + (0.5) . (1.77%)

2. The variance would be 0.179% =

(0.5)2. (7.53%)2 + (0.5)2. (4.28%)2+ 2·0.5 . 0.5 . -0.1 ·7.53%· 4.28%

3. The standard deviation would be 4.14%, which is less than the standard devi-
ations of either of the two stocks because of the negative correlation between
the two returns.

By varying the proportions of stocks in the portfolio, the investor can find opti-
mal combinations that minimize risk for each level of expected return. This is the
portfoliofrontier. Further, the investor can divide assets between the risk-free asset
(e.g., a short-term government bond) and an optimal portfolio. If the investor can
lend or borrow funds at the risk-free rate to purchase shares of the risk-free asset
and an optimal market portfolio (a portfolio of equities, such as a portfolio of the
Dow Jones Industrials), the resulting combinations will yield the highest return for
each level of risk.

For example, assume the point [E(R) = 2.9%, SD(R) = 4.0%] is on the portfolio
frontier. A weighted combination of this investment opportunity and the risk-free
asset can be represented by a line. Assuming the line has an intercept equal to a
risk-free rate of 0.5% and it passes through (2.9%,4.0%) at 100% of the risky asset,
it can be represented as

E(R) = 0.5 + 0.6025 . SD(R)

This line can be plotted as a tangency on the portfolio frontier as in Figure 3.4, or
alone, as in Figure 3.5. This line represents the highest rate of return for each level
of risk, given the parameters of the problem.
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Figure 3.4. Efficientportfolios with borrowing and lendingat the risk-free rate.

3.1.1. Plot E(Rj t) against SD(Rj t) with data from Table 3.2.

3.1.2. Calculate the expected return and standard deviation for a portfolio of Amer-
ican Express and Chevron at x = 100%, 90%, 80%, ... , 20%, 10%, and 0% from
the data in Table 3.1. Plot the portfolio's expected return as a function of the portfo-
lio 's standard deviation. (In later exercises, assume that this portfolio represents an
optimal portfolio for the Dow Jones in 1997.)

EXERCISE 3.2. RISK AVERSION

To describe how investors evaluate risk, economics proposes a theory of risk aver-
sion. It is based on the economic description of how individuals make choices be-
tween uncertain alternatives. The microeconomic theory of demand assumes that
consumers (or investors) purchase goods and services (or financial instruments) to
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Figure 3.5. A portfolio of the risk-free assetand the marketportfolio.
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maximize their well-being or "utility" (welfare). (Here, "utility" is a term used by
economists. It was inspired by the philosophical and political movement known as
utilitarianism. )

Because it is impossible to compare well-being among individuals, utility theory
is more abstract than production theory, but it has a similar framework. Like firms
that maximize output subject to their production possibilities, in utility theory indi-
viduals attempt to maximize their utility, U (measured by an ordinal index), subject
to their income. Solutions to this constrained maximization problem give rise to in-
dividual demand functions (quantities demanded by the individual at each price),
which can be summed up to market demand functions.

A reduced form of this maximization problem focuses on the individual's utility
ofwealth, W. How do individuals rank different levels ofwealth? We refer to U(W)
as the utility function ofwealth. What is a reasonable form for this function? U(~)

represents the value that the individual places on ~. We w~t a utility function
such that when WI > W2, then U(W1) > U(W2) . But if WI and W2 are uncertain, as
they would be ifwealth involved financial instruments, then how would individuals
compare uncertain levels of wealth? For example, how would an individual com-
pare the following choices?

1. A return of $5,000 half the time or a return of $20,000 half the time

2. A return of$I2,500 all of the time

To help make this comparison, we specify the utility function as a (natural) loga-
rithmic function ofwealth (we will consider other functional forms below):

U(W)=ln W (3.22)

Figure 3.6 represents utility as a function ofwealth in $1000s.
If W is equal to 5 half the time and 20 half the time (measured in thousands of

dollars), then the expected utility, E(U), would be

5040302010
O'-'------------------J

o

5,...------------------.

Wealth

Figure 3.6. Utility as a logarithmic functionof wealth.
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E[U(W)] = 0.5 . U(5) + 0.5 . U(20)

= 0.5 . In(5)+0.5 · In(20)

= 0.5 . 1.61 + 0.5 · 3.00 = 2.3 (3.23)

On the other hand, the utility ofthe expected wealth [E(W) = 12.5] would be

U[E(W)] = U[O.5 . 5 + 0.5 . 20]

=U[12.5] = 2.5 (3.24)

With logarithmic utility, the utility of the expected value of the certain choice is
greater than the expected utility of the uncertain choice: U[E(W)] > E[U(W)]. Here,
the individual would prefer a certain outcome (= 2.5) to an uncertain outcome
(= 2.3), even though the certain outcome is equal to the expected value of the un-
certain outcome. To describe this behavior, we define the following:

• If U[E(W)] > E[U(W)], then the individual is risk averse

• If U[E(W)] = E[U(W)], then the individual is risk neutral

• If U[E(W)] < E[U(W)], then the individual is risk preferring

Risk aversion, where U[E(W)] > E[U(W)], is portrayed in Figure 3.7.
The risk premium, RP (Figure 3.8), equates expected utility and the utility of the

expected value:
E[U(W)] = U[E(W) -RP] (3.25)

The risk premium is the value that makes the individual indifferent when choosing
between a certain outcome and an uncertain outcome. In the above example,

RP = E(W) - exp{E[U(W)]} = 12.5 - 10 = 2.5 =} $2500
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Figure 3.7. Utility ofexpected wealth versus expected utility.
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Figure 3.8. Calculating the risk premium.

Also, we would like to know how an individual's risk aversion changes with the
level of the individual's wealth. A wealthy individual might not be as risk averse to
a $10,000 gamble as an individual with an average income. To measure risk aver-
sion as a function of wealth, we define Absolute Risk Aversion, ARA, as

ARA =- (d2U/dW2)/(dU/dW) (3.26)

where (dU/dW) is the first derivative of utility with respect to wealth and
(d2U/dW2) is the second derivative. For example, with logarithmic utility

dU/dW= l/W

and

d2U/dW2 = -1/W2

so

ARA = l/W

With the logarithmic utility function, absolute risk aversion is an inverse function
of wealth; as wealth increases, the absolute level of risk aversion declines:
dARA/dW< O.

On the other hand, someone with a net worth of $10,000 might feel the same
aversion to a $100 gamble as someone with a net worth of$10,000,000 evaluating a
$100,000 gamble. To compensate for levels ofwealth, Relative RiskAversion, RRA,
is defined as

RRA = -W(d2U/dW2)/(dU/dW) = -W· ARA (3.27)
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For example, with logarithmic utility, RRA = W· ARA = W· (1/W) = 1, relative risk
aversion is constant and dRRAldW= 0, i.e., relative risk aversion does not change
with wealth, whereas absolute risk aversion does.

3.2.1. The Quadratic Utility Function

With these definitions of risk aversion, absolute risk aversion, and relative risk
aversion, the remainder of this exercise explores the quadratic form of the utility
function. We will define reasonable criteria by which to judge the appropriateness
of a specific functional form for the utility function. Then we explore how well the
quadratic utility function approximates risk aversion. The quadratic utility function
is

U(W) = a + b . W + c . W2 (3.28)

The first criterion for a well-behaved utility function is whether utility is increasing
in wealth. But a quadratic function has a single maximum or minimum. For a single
maximum (so that utility increases with increases in wealth), the second derivative
should be less than zero. Determine the first and second derivatives of this quadrat-
ic utility function. What must be the sign of c to ensure that utility increases with
wealth? Given this solution, what conditions must be satisfied to ensure that
dU(W)/dW> O? Given these requirements on the signs of band c, calculate the ab-
solute and relative risk aversion for the quadratic utility function. What additional
restrictions should be placed on the parameters of the quadratic utility function to
ensure reasonable behavior in absolute and relative risk aversion?

3.2.2. The Mean-Variance Approximation

Because the quadratic utility function has limitations, what are its appropriate appli-
cations? Assume that the utility function, U(W), is not necessarily quadratic. A Tay-
lor series expansion of U(W) around some point x would yield

U(W) = U(x) · (W -x)O

+ [U' (x)/l] · (W -X)l

+ [U" (x)/I · 2] . (W -X)2

+ [U'" (x)/l ·2·3] . (W -X)3 +... (3.29a)

where U' is the first derivative of the utility function with respect to x, U" is the
second derivative, etc. The Taylor series expansion can approximate any function
to high degrees of accuracy by extending the remainder. Because the derivatives of
the utility function are constants, let U (x) = Q, U' (x) = b, U" (x)/2 = C, and U'"
(x)/6 = d. So,

U(W) = a · (W -x)o+ b . (W -X)l + c . (W -X)2+ d- (W -X)3 + ... (3.29b)
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Because this approximation holds for an arbitrary value ofx, set x = 0, and consider
a randomly distributed rate ofreturn, Rj ,

U(~) = a + b ·Rj + C • R] + d .R] + ...

Taking the expected value ofboth sides,

(3.30)

(3.32a)

E[U(Rj ) ] = a + b . E (Rj ) + C • E(R]) + d .E(R]) + . . . (3.31)

How many moments of the probability distribution of R, should be considered?
This depends on

• The shape of the utility function (through the parameters a, b, etc.)

• How good of an approximation is desired

• The characteristics of the probability distribution ofRj

If Rj ' s probability distribution is well approximated by the normal distribution,
only the mean and variance of the distribution must be considered. Given the defin-
ition of variance, the second moment of the distribution of Rj , E(R]) , is equal to
VAR(Rj ) +.[E(Rj )]2. So,

E[U(Rj)] = a + b · E(Rj) + C • {VAR(Rj ) + [E(Rj)]2
}

= a +b · E(Rj ) + C . {[SD(Rj )]2+ [E(Rj )]2}

i.e., the expected utility associated with an uncertain rate of return is a function of
its mean and standard deviation. Setting parameters equal to reasonable values (b >
oand c < 0):

(3.32b)

To simplify this exercise, assume the following representation for Equation (3.32b):

(3.32c)

Let a = 0 and b = 10%. Further, define the expected utility function such that
E[U(Rj)] = [1/E(~)2], so that lower values of rate ofreturn variance represent high-
er levels of well-being. Plot Equation (3.32c) for SD(Rj ) = 0, 1, 2, 3, 4, 5, 6, and 7
for U = 0.115, 0.125, and 0.135. These curves represent an individual's indifference
between increases in risk and higher rates of return at different levels of utility.
(Note: Circular indifferencecurves violate the axioms of utility theory and are used
here only for illustration.)

What is the highest level of utility such that the indifference curve is tangent to
the line defined in Exercise 3.1, i.e., E(R) =0.5 + 0.6025 . SD(R)? What is the ap-
proximate optimal combination of risk and return for this particular individual? At
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that optimum, what portion of the portfolio should be held in risk-free assets and
what remaining portion should be held as a share of the market portfolio?

EXERCISE 3.3. THE CAPITAL ASSET PRICING MODEL

To determine the risk premium that investors seek on risky assets, the Capital Asset
Pricing Model (CAPM) observes the following relationship:

(3.33a)

where
E(Rj - Rf ) is the expected risk premium above the risk-free interest rate for assetj,
E(Rm - Rf ) is the expected risk premium above the risk-free rate on a market portfo-

lio (which has been around 8% during the last 70 years in the US), and
f3.i is a measure ofasset-specific risk (defined below).

Because E(Rf ) = Rf , since the risk-free asset has no variance,

(3.33b)

If the investor can invest in a risk-free asset and an efficient market portfolio, the
expected return on the resulting portfolio is

(3.33c)

The expected return, E(Rj ) , equals the risk-free rate of interest, Rf , plus a risk pre-
mium based on (1) the riskiness of the asset, f3.i, times (2) the expected risk premium
on the market portfolio, E(Rm - Rf ). For example, ifR.r= 6% per year and E(Rm - Rf )

= 8%, then the expected return on the market portfolio (where f3 = 1) would be 14%.
If~ = 1.1, then E(Rj ) = 14.8%.

Under the assumptions of the mean-variance approximation, the CAPM shows
that

(3.34)

The risk-free asset has a f3 = 0 because there is no covariance between a constant,
Rfi and the randomly distributed return on the market portfolio, Rm• Therefore, the
expected risk premium on the risk-free asset is o. On the other hand, ifRm =Rj , then
the right-hand side is only equal to the left-hand side when f3 = 1, i.e., the f3 on the
market portfolio is 1. Because investors (in equilibrium) demand the expected mar-
ket rate ofreturn on the market portfolio, Equation (3.34) states that the risk of the
individual asset is equal to its covariance with the market rate of return normalized
by the variance of the market rate of return.

To determine an expected rate ofretum on the stock ofa particular firm (such as
an electric utility), we need values for four variables:



EXERCISE 3.3 69

1. The risk-free rate of interest

2. The expected risk premium on an efficient market portfolio

3. The covariance of the firm's return with the return on the market portfolio

4. The variance of the return on the market.

3.3.1. Calculating Pi
Calculating f3j is done by "regressing" Rj on Rm using Ordinary Least Squares
(OLS):

(3.33d)

where ~ is a measure of "abnormal" returns; its expected value is zero. f3j is equal
to its value in Equation (3.34) by the definition of OLS. (Although this version of
the CAPM is different from Equation 3.33a, it yields the appropriate value for /3.i de-
fined in Equation 3.34.) Using regression routines (for example, in a spreadsheet
computer program), estimate ~ and f3j for the stock returns in Table 3.1. Let Rj be
the "monthly percentage returns" for each stock. Let Rm be the return on the NYSE.
Plot returns ofAmerican Express and Chevron against the return on the NYSE. Plot
the observations and regression lines for American Express and Chevron using a
spreadsheet program.

3.3.2. Calculating WACC

The expected return on the assets of a diversified firm can be thought of as the ex-
pected return on a portfolio of the firm's profit generating activities. Just as the fi-
nancial investor can reduce risk by diversifying, the firm can manage the risk and
return on its common stock by financing the firm's operations and investments with
a combination of at least two financial instruments. If the firm has issued both debt
and equity, the nominal WeightedAverage Cost ofCapital (WACC) is

WACC= (Debt/Value) · Rdebt + (Equity/Value) . Requity

where

Debt is total outstanding debt

Equity is total outstanding equity

Value is Debt plus Equity

Rdebt is the nominal rate of interest on the firm's debt obligations

Requity is the nominal expected rate of return on the firm's equity

Requity is determined as

(3.35a)

(3.35b)
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where f3equity (the riskiness of the finn's equity) is given by the CAPM. Calculating
the WACC for the firm using the CAPM approach requires information on

1. The nominal risk-free rate of interest, Rfi given by the rate of interest on gov-
ernmentbonds

2. The finn's nominal cost of debt, Rdebt, given by the rate of interest on its cor-
porate bonds

3. The nominal expected return on an efficient market portfolio, Rm

4. The capital structure of the firm (Debt/Value and Equity/Value)

4. An estimate of the firm's f3

Calculate the WA CC for an electric utility with the following financial characteris-
tics (all values are expressed in nominal rates):

1. JY= 6%

2. Rdebt =8%
3. Rm = 14%

4a. Debt/Value= 33%

4b. Equity/Value= 67%

5. f3= 0.5

where f3 is the approximate value for electric utilities in the US during the 1990s.

EXERCISE 3.4. CERTAINTY EQUIVALENT DISCOUNT RATES

3.4.1. Calculating Risk Premiums

When determining the Present Value (PV) of uncertain future returns, there are two
related methods: (1) risk-adjusted discount rates and (2) certainty equivalence.
Risk-adjusted discount rates were discussed in Section 3.1:

1. The real (risky) rate of interest, r, is equal to the real risk-free rate plus a risk
premium, RP:

(3.36a)

2. The nominal (risky) rate of interest, R, is equal to the nominal risk-free rate
plus a riskpremium, RP*:

(3.36b)

Here, both rand R are risk-adjusted discount rates. If the riskiness of the project
does not change during the project's life, then a single (time invariant) discount rate
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is appropriate. However, if project risk changes over time, the risk premium must
change with changes in risk. Consider

(3.37a)

where Co is the initial investment in the project and C, is the net cash flow in period
t. Substituting r, = rf + RPt ,

Let rf = 5%, RPl = RP2 = 10%, Co =-150, and Cl = C2 = 100, then

PV = -150 + 100/(1 + 0.05 + 0.10) + 100/(1 + 0.05 + 0.10)2

= -150 + 100 · 0.87 + 100 · 0.76

= 13

(3.37b)

(3.37c)

However, if much of the uncertainty is resolved after the first year of operation, the
risk premium should reflect changes in risk. For example, ifRP2 = 5%, then the PV
becomes

PV = -150 + 100 · 0.87 + 100/(1 + 0.05 + 0.05)2

= -150 + 100 . 0.87 + 100 . 0.83

=20

(3.37d)

which is higher than under the single (time-invariant) risk-adjusted rate in Equation
(3.37c).

3.4.2. Calculating Certainty Equivalence

To help distinguish between discounting for risk and discounting for time, one ap-
proach is to define a cash flow that has certainty equivalence to a risky cash flow.
This Certainty Equivalent (CEQ) cash flow can then be discounted using the risk-
free rate. Considering only one period,

(3.38a)

Given a risk-adjusted discount rate, r, and a risk-free rate, rf' what value for CEQ
solves the second equality? For the example above,

PV = 100/(1 + 0.15) = CEQl/(l + 0.5)

CEQl = 100 . (1 + 0.5)/(1 + 0.15) = 91.30

(3.38b)

(3.38c)

i.e., an investor is indifferent between receiving a risky $100 cash flow or a certain
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$91.30 cash flow. Using this same technique, all future cash flows can be adjusted
to their certain equivalents, then discounted to the present using the risk-free rate.

On the other hand, the investor could determine the perceived certainty equiva-
lence, then calculate the risk-adjusted discount rate that corresponds to this percep-
tion. For example, let CEQ} =$90, i.e., for a project the investor is indifferent be-
tween receiving the risky $100 return or the certain $90 return in one year. Solving
for the risk premium, RP:

100/(1 + 0.05 +RP) = 90/(1 + 0.5)

RP = (100 - 90) . (1 + 0.05)/90 = 11.67%

So, r = 5% + 11.67% = 16.67%. Therefore, the investor's implicit risk-adjusted dis-
count rate is greater than the assumed rate of 15%. In this situation, more marginal
projects might be accepted than the investor should optimally accept.

3.4.3. Calculating Certainty Equivalence Using the CAPM

One can also determine the risk-adjusted discount rate following the CAPM. Since

(3.39a)

where

then
r = rf+ COV(r, rm)NAR (rm) . tr; - rj)

= rf+ COV(r, rm) · [(rm - rf)/VAR (rm) ]

(3.39b)

(3.39c)

The last term is known as the "market price of risk" and is often designated as A.
So,

r = rf + A. COV (r, rm)

Therefore, when f3 is unknown, but the market price of risk (which is independent
of r) and COV(r, rm) are known, this approach can be used. Here, if COV (r, rm) =
0, then r = rf' i.e., if r is independent of rm» investors should be willing to accept a
return equal to rf.

3.4.4. Certainty Equivalence of Electricity Generating Investments

Assume that an electric utility would like to invest in a new technology, for exam-
ple, a new combined-cycle gas turbine power plant (CCGT). The first unit will take
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a year to construct and cost $125,000,000. The electric utility believes that there is
only a 50% chance that it will produce power at a price lower than competing
sources. Ifpower is cheaper, the utility will construct eight more units for $1 billion
and will earn $250 million inprofit per year in each year ofoperation. If the electric
power is more expensive than the alternative, the utility will abandon the project
and declare a $125M loss.

The expected cash flows are (assuming that there are no revenues in year 0 or 1)

• E[CoJ = -$125M

• E[C1J = 50% . 0 + 50% . -$IB = -$500M

• E[CtJ = 50%·0 + 50%· $250M =$125M, for t= 2, ... , T

where T is the life of the project. Because of the 50% probability of not building
the eight additional units, the electric utility argues that they should apply a high-
risk premium to this project. Therefore, the utility discounts these cash flows at
25%.

Assuming r = 25%, the present value of C1 would be -$500M/(1 + 25%) =
-$400M. Treating the $125M, E[CtJ, as a perpetuity, the present value of these rev-
enues would be $125M/0.25 = $500M. Under these assumptions,

NPV = E[CoJ + PV(E[Cd) + PV(E[CtJ) = -$125M - $400M + $500M = -$25M

So the utility would not undertake the project.
However, the electric utility has assumed that the risk of the project is constant

over time. After the construction of the first unit, much of the risk has been re-
solved. There is a 50% probability of -$125M on the project and a 50% probability
of building the other eight units and earning $250M per year on an additional in-
vestment of SlB. These revenues shouldbe discounted at a lower than 25% rate be-
cause the uncertainty will have been resolved if the additional units are built. As-
sume that similar projects earn a 10% rate ofreturn. When the utility must decide to
build the additional units; there is a 50% probability that

NPV = -$125M - $1000M + $250M/O.I0 = $1375M

Therefore, with an initial investment of$125M the utility has an expected return of

E(NPV) = 0.5 · -$125M + 0.5 . $1375M = $625M

Of course, the certainty equivalent of an uncertain $625M is less than $625M.
Assuming the electric utility feels that the certainty equivalent is worth only 50%

of$625M and the risk-free rate is 6%, determine the NPV for the project, using the
following formula:
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(This exercise is extended in Exercise 4.5. These exercises are based on Rothwell
and Sowinski, 1999.)

EXERCISE 3.5. CALCULATING THE INTERNAL RATE OF RETURN

The internal rate of return for an investment in a power plant is determined by solv-
ing the following equation (see Equation 3.12c) for IRR:

FCoI(TR - VC) = (I/IRR) - [l/IRR . (I + IRR)'IJ

where FCo are fixed costs in the investment period, TR are total revenues in each
period, and VC are total costs in each period. Assume FCo= $750M and (TR - VC)
= $88.7M. This equation is difficult to solve analytically, so it is usually solved nu-
merically. If at 10%, NPV for the power plant is positive, and at 12%, the NPV for
the power plant is negative, 0.10 < IRR < 0.12. Using numeric methods, solve for
IRR.



CHAPTER 4

ELECTRICITY REGULATION

4.1. INTRODUCTION TO ECONOMIC REGULATION

Chapter 2 discussed the problems of achieving economic efficiency in natural mo-
nopoly industries. In these industries, the largest firms can charge the lowest
prices, driving rivals from the market. Once there is no competition, the remain-
ing firm can charge monopoly prices, reducing quantity and social welfare. There
are several solutions to this problem, including (1) government ownership of the
industry with a mandate to provide adequate output at reasonable prices and (2)
private ownership with government regulation to provide adequate output and a
reasonable return on private investment. Today, in the electricity sector, only
transmission and distribution exhibit natural monopoly characteristics. Generation
and retail sale of electricity do not appear to be natural monopolies and can be ef-
ficient in a competitive setting. We discuss competitive electricity markets more
completely in Chapter 5.

The economic theory of regulation attempts to predict which institutional
arrangement is preferable as a function of the comparative social costs and benefits
of

• Government monopoly

• Private monopoly without regulation

• Private monopoly with' (national, regional, or local) regulation

Each solution involves costs, including the social cost of the monopolist using its
market power, the cost of maintaining a regulatory agency, and the costs imposed
on the monopolist by the regulator.

For example, under all forms of monopoly, managers and employees might not
work as hard as they would under competition. In addition to the administrative
costs associated with regulation, another potential cost is associated with trying to
correct for market failure: misguided regulatory intervention can create social wel-
fare loss. Therefore, the regulator must carefully consider the costs and benefits of
each regulatory requirement on the regulatory agency and the regulated utility.

Chapter 3 discussed the private firm's cost of capital. We know in a competitive
industry with free entry and exit that economic profit is driven to zero. In these in-

75
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dustries, the equilibrium rate of return on capital is equal to the returns in competi-
tive industries with similar levels of risk. This rate of return is considered the nor-
mal or reasonable rate ofreturn. The role of regulation is (1) to encourage enough
investment to meet customer demand and (2) to compensate investors with a rea-
sonable rate of return. The first section of Chapter 4 explores the institutional struc-
tures and purposes of regulation. Also see Kahn (1991).

There are several ways of accomplishing regulatory goals in the electric power
industry. Sections 4.2 and 4.3 explore two basic regulatory forms for determining
the appropriate level of revenues for electricity services providers. These are (1)
Rate-ofReturn (ROR) or Cost-ofService (COS) regulation that requires the regula-
tor to actively monitor the electric utility and (2) Performance-Based Ratemaking
(PBR). Under ROR or COS regulation, the regulator determines (1) appropriate ex-
penses, (2) the value of invested capital, and (3) the allowed rate of return on in-
vested capital. This process requires a costly exchange of information between the
regulator and the electric utility. PBR involves mechanisms that attempt to reduce
the cost of regulation. Section 4.4 discusses how to design a price structure that al-
lows utilities to earn their allowed rate of return. The final section of Chapter 4 de-
scribes the accounting systems used by the US Federal Energy Regulatory Com-
mission (FERC) to determine reasonable wholesale electricity prices.

4.1.1. Regulatory Policy Variables

To achieve the goals ofelectricity regulation, regulators employ several policy vari-
ables:

• Regulated tariffs defining the rate structure (discussed in Section 4.4)

• Allowed investment in generation (if it is not deregulated), transmission, and
distribution assets

• Access rules, including entry into the market by Nonutility Generators
(NUGs), access to the transmission network for wholesale customers, and ac-
cess to the distribution network for retail customers

• Quality ofservice requirements, including reliability and voltage disturbances

If the goal of the electricity provider is to maximize profit, the regulator must
carefully consider each of these policy variables. For example, focusing on price,
quantity, and quality, the electricity supplier might have an incentive to focus on
low-cost customers (such as those in urban, concentrated areas) and avoid high-cost
customers (such as those in rural, less densely populated areas).

The primary short-run focus of the electricity regulator is to set a tariff structure
that provides the utility with revenues to pay suppliers and compensate the firm for
its investments. Expanding on our definitions in Chapter 2, let TR, total revenue,
equal the sum of revenues from each customer class:

(4.1)
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where
P, is the price or tariff charged to each customer class j
Qj is the quantity sold to each customer class j

Customer classes can include different categories of customers, such as residen-
tial, commercial, industrial, and governmental. Or more generally, classes could in-
clude purchases made at different times of day, as under Peak-Load Pricing, dis-
cussed below and in Boiteux (1960). (More recent discussions can be found under
Time-of-Day Pricing and Real-Time Pricing. See, for example, Berg and Tschir-
hart, 1988; Crew, Fernando, and Kleindorfer, 1998; and Patrick and Wolak, 1999.)

Further, quantities could be divided into electricity production activities, such as
generation, transmission, and distribution. Also, because these revenues are re-
quired by the utility to provide the level of service required by customers, they are
known as Required Revenues, RR. We will discuss the complexity of the tariff
structure in Section 4.4. Until then, we will focus on the determination of total rev-
enues to compensate expenses and investments.

The primary long-run focus of the electricity regulator is to encourage the elec-
tricity supplier to construct enough generation, transmission, and distribution ca-
pacity to "meet all demand." If the supplier is earning a reasonable return on invest-
ment, there should be adequate incentive to build new capacity. (However, if the
supplier is also earning a return on other inputs, such as fuel, there might be an in-
centive to use more noncapital inputs than is efficient. For example, if the electrici-
ty generator is also earning a return on providing natural gas, the electricity genera-
tor might not invest in new generating capacity and instead run existing natural gas
plants beyond efficient capacities.)

Also, if the supplier is earning an above-normal rate of return on investment,
the utility has an incentive to build more capacity than is necessary. Because of
this problem, the regulator generally requires some form of license to construct
new capacity. (This license is the Certificate of Need in some jurisdictions or
Certificate ofPublic Convenience and Necessity in others.) This licensing process
could involve an informal review of the proposed facilities or a formal hearing
procedure to decide whether the new capacity is prudent. Sometimes this involves
the regulator in least-cost or Integrated Resource Planning (IRP) to determine
whether the technology or system being proposed will result in the lowest re-
quired revenues. (Least-cost IRP determines minimum cost expansion plans, i.e.,
a balanced mix of generating units, and transmission and distribution installations,
integrating end-use demand-side actions; see Stoll, 1989. See Hall, 1998, and Hall
and Hall, 1994 for examples of IRP. See Mamay and Pickle, 1998 for the appli-
cation of a specific IRP program, ELFIN, to investment planning.) This involve-
ment increases the cost of regulation, so a cost-benefit calculation must be made
before the regulator becomes involved in this activity. Or, this process can be del-
egated to a different regulator, increasing the checks and balances in the regulato-
ry system. For example, first, price regulation could be delegated to a local regu-
lator who is familiar with local suppliers and customers. Second, capacity
regulation could be delegated to a regional or national regulator who can coordi-
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nate new investment, provide expertise regarding new technologies, and monitor
national and international fuel markets.

Another set of policy instruments (access rules) involves entry and exit. Under
competition, the actual or potential entry of competing suppliers reduces market
power (to increase prices above marginal cost). Electricity regulation involves a
contract that gives the electricity provider the exclusive right to distribute electrici-
ty in exchange for submission to regulatory control. However, generating electricity
can be the by-product of industrial processes (cogeneration) and it would be social-
ly inefficient not to distribute possible excess electricity from these industries.
Therefore, the regulator must decide who can sell electricity to the exclusive dis-
tributor and at what price. These NUGs, (or Independent Power Producers, IPPs)
can be subject to the same case-by-case rate hearing as the monopoly distributor
but, usually, the regulator makes a general ("substantive") rule determining the
price paid by the distributor to the NUG. In the US during the last two decades,
much controversy has surrounded the determination of avoided costs (of the mo-
nopoly utility) paid for NUG electricity. We will not discuss how various jurisdic-
tions have calculated avoided costs because the introduction of competition into
electricity generation avoids this issue.

Regarding exit, this problem does not present itself in the same way as firms ex-
iting from competitive markets, unless, of course, the firm declares bankruptcy and
the regulator must find a new owner of the monopolist's assets and franchise. More
generally, exit involves attempts by electric utilities to abandon classes of high-cost
customers, for example, those living in sparsely populated areas. Once customers
are served by the transmission and distribution network, the attempt to abandon
them usually disappears, but the electric utility might focus resources to serve low-
cost customers, and the regulator might need to persuade the utility to increase ca-
pacity in high-cost areas. If capacity in these areas does not meet demand, the regu-
lator could provide financial incentives for other providers to enter these markets,
for example, by granting franchises to local cooperative distributors.

Finally, although it is difficult to measure quality in many markets, quality is
generally defined in electricity markets as (1) reliability, (2) power quality associat-
ed with power outages and voltage disturbances, and (3) customer satisfaction with
service. The case studies in Chapters 6-9 explore some minimum standards that
regulators have attempted to maintain in their jurisdictions and the penalties that are
imposed if these standards are not maintained.

4.1.2. The Regulatory Process

As discussed above, the economic theory of regulation maintains that the institu-
tional arrangement that eventually is preferable in a regulated industry is the one
that maximizes social welfare through minimizing social costs and maximizing so-
cial benefits. In some countries, it is possible that government ownership with gov-
ernment oversight maximizes welfare. However, in many countries, private owner-
ship with independent regulation is better able to minimize the social costs of
providing electricity. Below, we discuss the U.S. approach to regulation.
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The transition from one system to another (or for a change in the regulatory sys-
tem) usually begins with an act of the legislative branch. It falls to the executive
branch to make the change and to the judicial branch to oversee that change con-
forms to the act of the legislature. This balance of rights and responsibilities is re-
produced in the regulatory system, where the economic power of the electric utility
is balanced by the regulatory power of the regulating agency and overseen by aju-
dicial body that also resolves disputes. Most regulatory agencies are headed by a
commissioner or commission that is ultimately responsible for the agency's deci-
sions. However, the regulatory staff gathers much of the information and makes
recommendations to the head of the agency. Therefore, there is a balance of power
between the regulatory staff and the utility with the head of the agency acting as a
judge whose decisions can be appealed to a higher judicial authority. Although dif-
ferent nations follow different systems, most rely on a system of checks and bal-
ances to ensure that one party in the regulatory process is unable to dominate the
others.

Because of the importance ofbalancing powers between the utility and regulator
it is essential to ensure independence

1. Between the regulator and other branches of government to reduce the politi-
cal influence in setting tariffs and allowing entry into potentially competitive
industries

2. Between the regulator and the utility to reduce the possibility of maximizing
utility profits at the expense ofconsumers

The importance of independence is so great that many national governments also
enact conflict of interest laws. For example, utilities cannot hire commissioners or
members of the regulatory staff immediately after their service at the regulatory
agency.

Regulatory proceedings can take on the character of a judicial hearing. For ex-
ample, in the state of California (see Chapter 6), the California Public Utilities
Commission makes all decisions acting as a whole. But because of the complexity
of regulating many industries, hearings are usually conducted by appointed Admin-
istrative Law Judges, who make recommendations to the Commission based on ev-
idence presented by the regulatory staff, the utility, and other interested parties. Al-
though any party with standing can appeal these decisions to the California
Supreme Court, the Court rarely overturns Commission decisions. However, con-
sumers affected by the decision can ask the legislature to pass new legislation or
circulate a petition to change decisions through a voter referendum.

This judicial orientation leads to case-by-case decisions, although the regulatory
agency can make substantive rules that apply to all regulated firms. All these pro-
ceedings take time and involve social cost. To minimize the social cost of regula-
tion, the regulated firm has the right of due process, i.e., the regulatory agency and
the judicial system must meet judicial deadlines following prescribed procedures or
forfeit the specific powers of regulation, such as setting price. On the other hand,
because utilities can strategically manipulate the regulatory process (by delaying
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the provision of information to the regulator), utilities must also comply with dead-
lines and procedures or face penalties.

This regulatory process of balancing powers has developed in the electricity in-
dustry into ROR or COS regulation under the assumption of natural monopoly. We
discuss traditional forms of regulation in this chapter. But these forms of regulation
are not perfect and there have been recent experiments to improve them by intro-
ducing competitive markets in generation and retail, as discussed in Chapters 5-9.
(Transmission and distribution will likely continue to be regulated under the forms
of regulation discussed in this chapter.)

4.2. RATE-OF-RETURN REGULATION

Rate-of-Return (ROR), also known as Cost-of-Service (COS), regulation involves
two steps during the rate case. (Much of this discussion is based on the implemen-
tation of ROR in the US; other countries employ a slightly different implementa-
tion.) First, the rate level determination is concerned with (1) identifying allowed
costs and investments and (2) setting an allowed rate of return so that the utility
will have the appropriate level of earnings on its investment. During the rate case,
tariffs are set based on a test period (generally, the previous accounting period) and
remain in effect until the next rate case. Second, the rate structure determination
deals with setting tariffs for different customer classes and products that permit the
utility to recover the revenues required to earn its allowed rate of return. Sections
4.2 and 4.3 discuss the rate level and Section 4.4 discusses the rate structure.

Both the utility and the regulator have the right to request a rate case with the fol-
lowing structure.

1. The utility (or the regulatory staff) argues that current tariffs are too low (or
high) because the cost allowance or the allowed rate of return is too low (or
high).

2. After presentation ofdetailed accounting information by the utility and the reg-
ulatory staff and negotiation between the regulator, agency staff, and the utili-
ty, the regulator determines the appropriate level of expenses and sets the al-
lowed rate of return.

3. Tariffs are adjusted to yield the new rate of return allowed by the regulator.

(Changing tariffs also changes quantities, so the regulator also needs information on
demand elasticities and the anticipated quantity demanded.)

The following accounting equation summarizes the process of determining the
rate level.

where

RR is required revenues

RR = Expenses + s · RB (4.2)
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Expenses is allowed expenses
s is the allowed rate of return
RB is the rate base, the value of the allowed investment.

The underlying idea is that a utility's revenues must equal its costs, so that eco-
nomic profit is zero. Notice that actual costs can be different from allowed costs.
(On the difference between allowed and realized rates of return, see Rothwell and
Eastman, 1987.) This provides an incentive to the utility for efficient behavior or a
penalty for inefficient practices. Table 4.1 shows the accounting components used
to calculate the allowed rate of return, s, in Equation (4.2). An adjustment is made
to increase revenues and thus the allowed rate of return.

After the rate case, and until the next rate case, required revenues (per MWh) re-
main fixed. This provides an incentive for the utility to reduce cost. The utility
earns higher rates of return by incurring lower costs than the costs anticipated in the
rate case. Of course, if costs are higher than anticipated, the utility earns less than
the allowed rate ofreturn. The utility's incentive to reduce cost increases as the reg-
ulatory lag increases. (Regulatory lag is the period between two consecutive rate
cases, or the lag between a change in required revenues and the next rate case.) If
the regulator could adjust tariffs to keep the rate of return always equal to s, there
would be no regulatory lag and, thus, no incentive for cost reduction.

Another important instrument that provides incentives for regulated firms to be
efficient is the determination ofwhether a particular investment is to be included in
the rate base. The evaluation of the rate base can be done using different methods.
These include the following:

1. Original cost valuation-the amount that the company originally paid for its
plant and equipment, less depreciation.

Table 4.1. Overviewof FinancialStatements

Revenues
Expenses

Fuel
Operations
Depreciation

Total expenses
Net operating. income

Rate base (RB)
Plant minus depreciation
Workingcapital
Total rate base

Rate of return

Anticipated

30,000,000

24,000,000
3,000,000
1,000,000

28,000,000
2,000,000

42,000,000
350,000

42,350,000
4.72%

Adjustment

1,600,000

Anticipatedafter
Adjustment

31,600,000

24,000,000
3,000,000
1,000,000

28,000,000
3,600,000

42,000,000
350,000

42,350,000
8.50%

Source: Adapted from Viscusi, Vernon, and Harrington (2000, p. 363).
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2. Reproduction cost-an estimate of the current cost of reconstructing the
same plant and equipment.

3. Replacement cost-what it would cost to replace plant and equipment with
capacity embodying the newest technology.

4. Market-value-the value that might be received if the finn or its assets were
sold.

Presently, many regulators in the US use original cost valuation and focus on the
selection of the allowed rate of return.

The most common method of choosing the allowed rate of return is to calculate
the weighted (average) cost of the utility's financial securities, for example, bonds
and stocks. (See Chapter 3 on the weighted cost of capital.) Table 4.2 presents an
example. Usually, the most controversial issue is to determine the cost of equity
capital, which depends on a comparison of the utility with similar utilities.

Throughout the rate case, there is an asymmetric information problem. This re-
sults from an asymmetry of information between a regulator who wants something
done and the electric utility that must do the work. One solution to this problem is to
involve regulators in managerial decisions. For instance, regulators could be in-
volved in the investment planning process, with access to detailed information on
utility short-term and long-term costs and assets. This increases information re-
quirements and the costs of regulation.

Another problem with ROR regulation is the "Averch-Johnson effect" (Averch
and Johnson, 1962). A finn with an allowed rate of return greater than its cost of
capital (s > r) has incentives to use too much capital, resulting in inefficiently high
production costs. But if its allowed rate ofreturn is less than its cost ofcapital, it has
an incentive to use too little capital and too much of its variable inputs, resulting in
inefficiently high production costs. Averch and Johnson assume that the utility
maximizes profit subject to the rate-of-return constraint:

subject to

PR = TR(L,K)-w·L - r-K

s=(TR-w ·L)/K

(4.3)

where r is the utility's cost of capital and s is the allowed rate of return. Using the

Table 4.2. ExampleCalculationof the AllowedRate of Return

Bonds
Commonstocks

Total

Percent of Capitalization

70
30

100

Rate (%)

7.00
12.00

8.50
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techniques of constrained optimization, Averch and Johnson show that the utility
has an incentive to use more capital than is efficient as the allowed rate ofreturn ris-
es above the cost of capital. See Exercise 4.4. This inefficiency increases with in-
creases in this divergence. Although it is easy to show this result in a simple model
of ROR regulation, it is difficult to prove empirically that the Averch-Johnson
effect has had a large influence on utility behavior. Whether or not there is an
Averch-Johnson effect, Averch and Johnson's analysis emphasizes the importance
of correctly assessing the utility's cost of capital.

In contrast, incentive regulation (discussed next) provides incentives for cost re-
duction through increasing the regulatory lag between rate cases; therefore, it re-
duces the costs of regulation incurred by the regulatory agency and the distortions
due to the regulatory structure (Joskow and Schmalensee, 1986).

4.3. PERFORMANCE-BASED RATEMAKING

Performance-Based Ratemaking (PBR) or incentive regulation is a form of utility
regulation that strengthens the financial incentives to lower rates or lower costs, or
to improve nonprice performance compared with traditional ROR regulation
(Navarro, 1996). PBR weakens the link between a utility's regulated tariffs and its
costs. This decoupling is accomplished by decreasing the frequency of rate cases
and increasing the regulatory lag. During a regulatory period of several years, e.g.,
four or five, the regulator establishes a formula that sets utility's revenues or tariffs.
After that period, a complete revision of costs and investments (similar to a rate
case, described above) takes place, and a new revenue or tariff formula is estab-
lished for the next regulatory period. The design and application of a PBR plan is a
set of interrelated tasks:

1. Set a baseline revenue requirement or "starting point. " During the rate case,
the regulator sets the initial revenues that will be adjusted during subsequent
years. The regulator could begin, for example, with a detailed analysis of
each cost item or, where comparable "efficient" companies exist, with a
benchmark model. The regulator can use benchmarking with engineering and
management analysis. (See, for example, Chapter 7, Section 7.5.)

2. Set the adjustment factors. Adjustment factors determine how revenues
evolve until the end of the regulatory period. These factors could consider
variations in macroeconomic indices or changes in the number of customers
that might modify the company's efficient costs.

3. Design ofcontrol mechanisms to meet specific objectives. Regulators also de-
sign control mechanisms to ensure that the utility meets specific objectives
associated with (1) energy, industry, or social policy, and (2) quality of sup-
ply, security of supply, universal service, environmental regulation, research
and development programs, etc. But in attempting to reduce cost, the utility
might ignore some of these objectives. In some restructuring experiences,
economic penalties have been proposed if the PBR-regulated distribution
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utility reduces reliability, customer service, or employee safety below specif-
ic limits (see Chapters 6-9 for details).

In recent years, interest in PBR has increased because of economic and techno-
logical trends leading to more competition in the electricity industry. (For a review
ofPBR applied to a specific generating technology, see Che and Rothwell, 1995.)
Incentive regulation can be seen as a bridge between traditional regulation and
deregulation. The most typical forms of incentive regulation for electric utilities are
sliding scale, price cap, and revenue cap. We discuss each of these below.

First, to show the bridge between traditional and incentive regulation, Laffont
and Tirole (1993) present a simple model of incentive regulation:

TR = a + b . Costs
where

TR is actual (ex post) total revenues received
a is fixed payment, set ex ante
b is sharing fraction, 0 < b < 1, set ex ante
Costs are ex post costs

(4.4)

Equation (4.4) shows a relationship between ex post revenues and costs based on
two parameters set ex ante, a and b. The firm's incentive to minimize costs is in-
versely proportional to the magnitude of the sharing fraction, b. ROR regulation
with frequent rate cases can be thought of as low-powered incentive regulation with
b = 1, because the utility is allowedto collect all the incurred costs. Forms of high-
powered incentive regulation (where b approaches 0) are (1) rate freezes, (2) ROR
regulation with infrequent rate cases, and (3) PBR revenue or price cap formulas
with a long regulatory lag. They increase the portion of revenue a utility receives ex
ante and decrease the portion of utility revenue computed as a function of ex post
costs.

A purely competitive market (where the seller cannot influence the market price)
is another situation of high-powered incentives. High-powered incentive regulation
with no adaptation to ex post costs will eventually result in overall revenues that are
either too high or too low, and can threaten the viability of the incentive plan.
Therefore, a rate case after several years is required. The incentive plan should bal-
ance its short-run incentive power, its overall economic efficiency, and its ability to
remain viable over time (Comnes, Stoft, Greene, and Hill, 1995).

4.3.1. Sliding Scale

One method of incentive regulation, known as sliding scale, is described in Viscusi,
Vernon, and Harrington (2000). Its essential property is that it permits the sharing
of risks and rewards between the utility and consumers. Under this mechanism, a
sliding scale would adjust prices in the current rate case, so that the allowed rate of
return, s, at the new prices would be
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where

h is a constant between 0 and 1
R, is the realized rate of return at the tariffs set in the previous rate case in year t
R* is the target rate of return

If h = 1, tariffs are always adjusted to give the firm a rate of return ofR*. If rate
cases were frequent, the firm would neither benefit from being efficient, nor be hurt
by being inefficient. Similarly, if h = 0, the regulation is fixed-price: All gains from
efficiency accrue to the firm, and all unexpected cost increases affect the firm
alone. An h value of 0.5, however, would indicate that unexpected benefits and
costs are shared between the firm and its customers.

In Comnes, Stoft, Greene, and Hill (1995), sliding scale regulation is presented
as a mechanism under which tariffs are adjusted to keep a utility's rate of return
within (or close to) a prespecified ROR band. The primary rationale is to reduce the
frequency of rate cases and thus increase regulatory lag. If earnings become too
high above the band, rates are cut; if earnings fall too low below the band, rates are
increased. Adjustments outside the band are sometimes only partial. Therefore,
sliding scale is an earning-loss sharing mechanism between the utility and its cus-
tomers. If earnings fall within the specified band, rates are not changed, and the
firm makes profits or losses.

Earnings-sharing mechanisms are sometimes used in combination with price
caps or revenue caps; see below. A progressive sharing mechanism is one in which
the utility's share ofthe cost savings increases with the cost savings achieved. For in-
stance, the utility might receive 20% of the first 1% of its cost savings, 40% of the
next 1%, and so on. Because each increment of additional cost savings will usually
cost the utility more to achieve, progressive mechanisms are preferred to regressive
mechanisms in which the utility's share falls as cost savings rise. (See Exercise 4.1.)

4.3.2. Revenue Caps

Under revenue cap regulation, the utility's allowed revenues are set during a regu-
latory period of several years, usually four or five. The revenue amount allowed
during the first year is adjusted in subsequent years according to a prespecified set
of economic indices and factors. Subject to this cap, the utility is permitted to max-
imize its profit during the regulatory period by minimizing total costs. When the
regulatory period expires, a rate case takes place, and a new revenue cap formula is
set for the following period. A common form of a revenue cap is as follows
(Comnes, Stoft, Greene, and Hill, 1995).

TRt = {[TRt- 1 + (CGA ·L\Customers)]· (1 + i-X)} tZ (4.6)

where

TRt is authorized utility revenues in year t
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CGA is customer growth adjustment factor (U.S.$/customer)
~Customers is annual change in the number of customers
i is annual change in prices (the inflation index, e.g., CPI or RPI)
X is productivity offset
Z is adjustments for unforeseen events

The objective of the revenue adjustments year-by-year in Equation (4.6) is to
simulate how the costs of the company would reasonably change with changes in
system features (such as the number of customers or the price of inputs). To mea-
sure inflation the use of CPI or RPI is optional, since other price indices (e.g., sec-
tor-specific industrial price indices) can also be used. Different values of Customer
Growth Adjustment (CGA) factors can be specified for different classes of cus-
tomers. For instance, in case of network distribution revenues, customers connected
in medium-voltage networks can be considered with a different adjustment factor
than customers connected in low-voltage networks. The X productivity offset factor
ensures that customers receive a share of the expected enhanced productivity re-
quired of the utility. The unforeseen events (± Z) can include, for example, in-
creased taxes, changes in environmental laws, natural disasters, or restructuring
costs. However, ± Z should not cover costs that cannot be projected with a reason-
able degree of accuracy. In these cases, revenues are adjusted ex post according to
realized values.

A variant of the revenue cap is the Revenue-per-Customer (RPC) cap. Equation
(4.6) is a generalized revenue cap. If CGA is equal to the average revenues per cus-
tomer, then it is equivalent to an RPC cap. Revenue caps do not address retail
prices. Therefore, revenue caps usually coexist with traditional methods of allocat-
ing costs and setting relative prices for customer classes.

4.3.3. Price Caps

Under price caps, maximum (but not required) prices for utility services are set for
several years without regard to the utility's own costs. Maximum prices allowed
during the first year are adjusted in subsequent years according to a prespecified set
of economic indices and factors. The most common form ofprice cap is

where

Pj,t = [Pj,t-l . (1 + i-X)] ±Z (4.7)

Pj,t is maximum price or tariff that can be charged to the jth customer class in year t

i is annual change in prices (the inflation index)
X is productivity offset
Z is adjustments for unforeseen events

Equation (4.7), known in the UK as the "RPI minus X" and in the US as the "CPI
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minus X," has been widely applied in incentive regulation of the telecommunica-
tions industry in the U.S. and for regulation of electricity distribution utilities in the
UK. ROR regulation with rate freezes and significant regulatory lag can be viewed
as price cap regulation without adjustment factors. Price caps can be applied to cus-
tomers as a whole or to individual classes of customers. The number of caps pre-
sents a choice to regulators between (1) utility pricing flexibility and (2) preventing
cost shifting between customer classes (Woolf and Michals, 1995).

Regulators can combine price caps and revenue caps with profit-and-Ioss-
sharing mechanisms intended to protect both the utility and the ratepayers from
the risk of over- or underrecovery of revenues. These mechanisms take effect if
the company earns above or below a specified band around its allowed rate of re-
turn.

Although revenue and price caps create similar incentives to minimize costs,
they differ significantly in the incentives they provide for incremental sales. Price
caps create an incentive to maximize sales. On the other hand, revenue caps create
incentives to minimize sales (either by raising prices or by other means) to reduce
costs. Finally, revenue caps can be considered friendlier to energy savings and
Demand Side Management (DSM) programs. (These are programs that reduce
electricity demand; see Comnes, Stoft, Greene, and Hill, 1995; Rothwell, Sowinski,
and Shirey, 1995; and Woolf and Michals, 1995).

4.3.4. Some Problems with Incentive Regulation

Concerns with PBR regulation include the following:

1. Quality of service degradation. Because the regulated firm is the only
provider of services, most customers will continue to buy at the regulated tar-
iff even if quality suffers from cutting costs. A practical implication is that
regulators must set standards for quality, monitor utility performance, and pe-
nalize poor quality.

2. Concerns over excessive or low profits cause a convergence with ROR regu-
lation. As the time between rate cases increases, the utility captures more
benefits from any productivity-improving initiatives. Unfortunately, several
factors, including considerations to set equitable rates, unforeseen events that
influence utility costs, and asymmetric information problems, could increase
the rate case frequency, making incentive regulation more closely resemble
traditional (ROR) regulation.

3. Shift ofcosts toward the most captive customers. The utility has incentive to
shift costs from the unregulated to theregulated lines of business, because
under incentive regulation, regulators are relieved of the need to monitor
costs. Further, if the PBR plan allows pricing flexibility, it will likely lead to
an increase in relative rates for customer classes that have the fewest alterna-
tives.
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4.4. RATE STRUCTURE

4.4.1. Introduction to Tariff Regulation

Sections 4.2 and 4.3 discussed how the regulator determines the total revenues re-
quired to provide electricity to all classes of customers. This section discusses how
to determine tariffs (or prices) for each customer class. Ideally, economists would
recommend setting tariffs for each customer at the marginal cost of providing elec-
tricity. If the marginal cost of providing an industrial customer is less than the mar-
ginal cost of delivering electricity to a household, then households should pay a
higher tariff. Unfortunately, different tariffs for different customers, i.e., price dis-
crimination, though economically efficient, can be viewed as inequitable. Also,
charging different prices could also involve cross-subsidization (i.e., charging one
customer class a higher tariff so that another customer class can pay a lower tariff).
Before discussing pricing strategies for allocating costs among customer classes,
we present a brief overview ofprice discrimination and cross-subsidization.

In Chapter 2, we assumed that the monopolist could not discriminate between
customers and could charge only one price. However, if the monopolist can price
discriminate, what price would it charge to each customer to maximize profit? If the
monopolist (1) knew the maximum price each customer was willing to pay (or the
quantities that each customer would buy at each price) and (2) could separate cus-
tomers so that they could not resell electricity to each other, then the monopolist
could negotiate a maximum price for each customer, thus capturing all consumer
surplus as profit. This is first-degree price discrimination. However, it is difficult to
know the maximum willingness to pay.

Second-degree price discrimination is easier to implement and is often used in
electricity pricing by price regulators. Under it, the utility charges different tariffs
for different amounts of electricity. If marginal cost falls for larger levels of con-
sumption and the willingness to pay declines with larger levels, lower tariffs are
charged for larger amounts. For example, if P is the tariff for the first 200 kWh,
then 0.8 . P could be charged for the next 200 kWh, and 0.6 . P could be charged for
the next 200 kWh, etc. This is declining-block pricing. (This was a common prac-
tice for residential pricing in the United States when generation was assumed to be
a natural monopoly, but was replaced with increasing-block pricing when techno-
logical constraints led to increasing marginal costs.)

Also, we define cross-subsidization. This is a practice by which some customers
are charged a higher tariff, so that other customers can be charged a lower tariff. For
example, if rural customers are charged the same tariff as urban customers, but the
cost of supplying rural customers (because of the cost of distribution) is higher than
the cost of supplying urban customers, then urban customers are cross-subsidizing
rural customers. There are two commonly used tests to determine the existence of
cross-subsidization:

1. The stand-alone average cost test

2. The average incremental cost test
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Under the stand-alone average cost test, if the tariff charged to each customer
class is less than the average cost would be if each class generated its own electrici-
ty, then the price structure does not subsidize one class at the expense of another.
Although one class might be paying above marginal cost, it is better offbecause the
average cost of supplying the whole market is lower. However, it is difficult to de-
termine what the average cost would be for each customer class. Under the average
incremental cost test, if each customer class pays an amount that at least covers the
incremental cost of supplying it with electricity, then the price structure does not in-
volve cross-subsidization (see Viscusi, Vernon, and Harrington, 2000).

4.4.2. Marginal Cost Pricing, Multipart Tariffs, and Peak-Load Pricing

Chapter 2 discussed the primary problem with marginal cost pricing in the context
of electricity. For a natural monopolist, marginal cost is less than average cost be-
cause of large fixed costs. Ifprice equals marginal cost, the utility has a loss on each
kWh. There are several solutions. First, prices could be set at average cost, as dis-
cussed in Chapter 2. Second, the government could subsidize the utility by making
up the difference between marginal cost and average cost. (However, the govern-
ment must raise taxes to cover this subsidy, and those taxes could introduce other
distortions in the economy, such as tax-avoidance behavior.)

Third, the regulator could use a Ramseypricing mechanism (Ramsey 1927). Un-
der this pricing rule, customers or customer classes are charged different tariffs
based on their demand elasticity. This is a tariff structure in which tariffs are raised
differentially above marginal cost until total revenues equal total costs, i.e.,

(4.8)

where

Pj is the price or tariff for the jth customer or class
c is a constant that depends on the cost structure
Ed j is the demand elasticity ofthejth customer or class

The markup above marginal cost is inversely related to the demand elasticity.
Customers with few alternatives to purchasing electricity (such as residential and
commercial customers) would be charged a higher tariff than customers with more
alternatives (such as industrial customers who could purchase fuel and generate
their own electricity). Of course, whenever different tariffs are charged for electric-
ity to different customers, there is an incentive for low-priced customers to sell
electricity to high-priced customers, thus avoiding the price discrimination mecha-
nism. In situations in which price discrimination is easy to enforce, such as in trans-
portation services, Ramsey pricing is routinely used to differentiate between the
type of product being shipped. Value-of-service pricing charges a higher price to
manufactured goods (where the price of transportation is low compared with the
price of the product) and a lower price to agricultural and mineral products.
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Fourth, the regulator can use a two-part tariff to allocate fixed costs among cus-
tomers and use marginal-cost pricing to allocate variable costs. Although this ap-
proach has the benefit of signaling the correct price to the consumer, determining
how to allocate fixed costs is difficult. If fixed costs (FC) are allocated equally and
there are n customers, then under an equitable distribution, all customers would pay
FCln. Customers pay FCln to "enter" ("connect to") the market, then pay MC to
purchase their desired quantity. This type of pricing mechanism is common among
telephone services that charge a high fixed fee to have a telephone installed and a
low fee for using the telephone. The high fixed fee covers (1) the cost ofconnecting
the user to the network, including the telephone, and (2) a portion of the cost ofpro-
viding the telephone network (see Exercise 4.2).

However, in electricity service (and elsewhere) two-part tariffs might exclude
some customers who would be willing to pay a marginal cost for each kWh, but
who might not be able to pay the connection charge. Of course, the regulator could
price discriminate among customers by charging different connection fees. If price
discrimination is not politically feasible, the entry fee could be lowered to provide
universal service. However, to cover the fixed costs, this would require raising the
price above marginal cost for each kWh, causing inefficiencies.

The two-part tariff solution can be extended to a multipart tariff in electricity
pricing. For example, there are four major components of the marginal cost of elec-
tric service:

1. Marginal energy and generation capacity costs

2. Marginal costs of transmission and distribution facilities

3. Marginal energy cost of transmission and distribution networks

4. Marginal customer costs

Investment in transmission facilities depends on the level of peak demand. This
means that peak demand should be charged for the cost of expanding transmission
capacity. Distribution facilities investments, however, depend on the level of de-
mand assumed when the system was built, so it does not change with increments in
actual demand until capacity is surpassed.

These pricing mechanisms can be applied to fully distributed cost (FDC) pricing.
Under FDC, the regulator (1) allocates costs to serve a particular customer to that
customer and (2) divides common costs among customers. For example, the costs of
connecting customers to the distribution network are assigned to the connected cus-
tomer. The costs of generation and transmission are common costs that must be al-
located among customers. Common costs can be treated as fixed costs in a two-part
tariff. Unfortunately, this approach does not necessarily provide the correct margin-
al cost signals.

.Finally, a special case of two customer classes in which cross-subsidization
might be present is the case ofon-peak and off-peak customers. The problem of set-
ting different tariffs for base-load and peak-load power has been discussed in the
economics literature for many year (see Exercise 4.3). The problem arises because
it is difficult without time-of-day consumption information to charge
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• A low tariff for base-load electricity use, such as for refrigeration for residen-
tial customers and for street lighting for governmental customers

• A higher tariff for peak-load uses, such as evening use for residential cus-
tomers or on particularly hot or cold days during the year

If one price is charged, then

• Price is greater than marginal cost for base-load customers, so too little is (ef-
ficiently) consumed

• Price is lower than marginal cost for peak-load customers, so too much is (ef-
ficiently) consumed

This leads to underinvestment in base-load capacity and overinvestment in peak-
load capacity.

One solution is to implement peak-loadpricing, i.e., different prices for on- and
off-peak electricity. However, implementing peak-load pricing based on time-of-
day consumption usually requires new metering equipment. Implementing time-of-
year pricing is much easier. This could involve charging different tariffs each day,
announced the previous day. Although this approach is more efficient than seasonal
pricing, it might not be feasible if consumers do not have easy access to daily price
information.

Because it might not be efficient to require small consumers to invest in demand-
metering equipment or time-of-day energy meters, the tariff elements will vary ac-
cording to the meters in place. Thus, customers with time-of-day meters should (in
theory) face four elements in their tariff (in practice some simplifications could be
adopted according to customer sophistication, ease of administration, etc.):

1. An energy charge for kWh consumed in each pricing period, to reflect the
marginal energy and generation capacity costs, corresponding to the market
price

2. A capacity charge for peak kW used in each pricing period, to reflect the mar-
ginal costs of transmission and distribution facilities

3. A fixed charge related to the customer's demand, to reflect the marginal cost
of distribution facilities between the substation and the customer's meter

4. A fixed monthly charge, varying according to the customer class, but inde-
pendent ofusage, paid to cover the marginal costs ofmetering and billing

Customers who do not have meters to measure demand at different times of day
would face a similar set of tariff elements, except that (1) and (2) would be com-
bined into a single seasonal charge per kWh.

4.5. OVERVIEW OFTHE UNIFORMSYSTEM OF ACCOUNTS

Traditional ROR regulation requires extensive electric utility accounting informa-
tion. A uniform system of accounts applied to all utilities in a jurisdiction has been
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under discussion in the accounting profession since the introduction of electric
lighting in the late nineteenth century. This system is an extension of Table 4.1 to
cover all forms of utility expenses and investments. Associated with the system is
an extensive set of definitions describing what is included and excluded from each
cost category. Because it is primarily used to determine the appropriate rate of re-
turn, these accounts differ from those required by the tax authorities or financial in-
stitutions. Therefore, great care has been taken by accountants to design a system
that is transparent to the utility's management, the rate regulator, the tax collector,
and investors.

The creation of a U.S. Uniform Systems ofAccounts, and codified in the U.S.
Code of Federal Regulations (CFR), was the responsibility of the Federal Power
Commission (FPC, the precursor of theFederal Energy Regulatory Commission,
FERC) because of its role in regulating wholesale and interstate sales of electricity
in the US. However, because each state is responsible for regulating retail prices,
the National Association of Regulatory Utility Commissioners (NARUC), repre-
senting the electric utility regulators, has worked extensively with the FPC and
FERC to update the uniform system. Although it is not possible here to adequately
describe this system of accounts in the US (and because it is being continually up-
dated), information is available in the public domain and on the Internet. Readers
can download information on how these accounts are defined and used in FERC
Form 1, "Annual Report of Major Electric Utilities, Licensees, and Others" at
www.ferc.fed.us/electric/electric_USOAIelectric_USOA.htm.

EXERCISE 4.1. A PROFIT-SHARING MECHANISM UNDER
PBR REGULATION

A distribution company presents a financial statement (Table 4.3) to the regulator
for the next regulatory period. The regulator has established a profit-sharing mecha-
nism between the shareholders and the ratepayers. This mechanism works as shown
in Table 4.4. For example, under a "progressive" mechanism, if the utility reduces

Table 4.3. AnticipatedFinancialStatement

Anticipated(1,000$)

Revenues
Expenses

Operationand management cost
Purchasetransmission services
Valueof lost electricity
Depreciation plus taxes
Total expenses
Net operatingincome

Rate base
Rate of return

32,000

14,200
7,100
2,556
4,554

28,400
3,600

42,350
8.50%
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Table 4.4. "Progressive" Profit-Sharing Mechanism

Basis points
Shareholders %
Ratepayers %

0-50
20
80

50-100
40
60

100-150
60
40

150-200
80
20

>200
100
o

cost by 1% (= 100 basis points), the shareholders would receive 20% of the first 50
basis points, 40% of the next 50 basis points, and so on.

4.1.1. If the utility decreases its operation and management costs by 4%, determine
how much of these savings will be kept by the utility as profits and how much will
be returned to ratepayers as a rate decrease.

4.1.2. In addition to this operation and management cost reduction, the utility hopes
to reduce electricity losses. In reducing these losses, each increment of loss reduc-
tion will cost the utility more to achieve (due to increasing marginal costs). Table
4.5 shows loss reductions and the increment of operational and investment costs
needed to achieve each reduction. Determine the optimal utility loss reduction tar-
get.

4.1.3. If the regressive profit-sharing mechanism presented in Table 4.6 is imple-
mented instead of the progressive one proposed previously, determine the new opti-
mal cost reduction target.

Table 4.5. Loss Reduction and Cost Increment

Reduction in losses (%)
Cost increment needed (%)

0-10
0-1

10-20
1-4

20-30
4-9

30-40
9-16

40-50
16-25

50-60
25-36

Table 4.6. "Regressive" Profit-Sharing Mechanism

Basis points
Shareholders %
Ratepayers %

0-50
80
20

50-100
60
40

100-150
40
60

150-200
20
80

>200
o

100

EXERCISE 4.2. OPTIMAL TWO-PART TARIFFS

An electric utility has the following cost structure:

TC= 500 + 20· Q
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Market demand for its electricity is

P> 100-Q

4.2.1. Ifprice is set at marginal cost, what is the electric utility's profit?

4.2.2. If price is set at average cost, what are the equilibrium price and output, and
what is the deadweight loss compared to Exercise 4.2.1?

4.2.3. Under a two-part tariff, each customer pays a connection charge (fixed fee) to
use the electric system and a usage fee for each kWh. If the usage fee is set to mar-
ginal cost and there are 10 identical customers, what is the largest connection
charge that a customer would be willing to pay? What charge would let the electric
utility cover its costs? What would be the deadweight loss?

4.2.4. Next assume that there are six Class 1 customers with demand curves

P> 100-6.3· ql

and four Class 2 customers with demand curves

p = 100 - 80 . q2

What is the largest connection charge that a Class 2 customer would be willing to
pay if the usage fee is set at marginal cost? If the Class 2 customers would not be
willing to pay 50 to connect (i.e., the Class 2 customers would not enter the mar-
ket), the electric utility could cover fixed costs by charging all of them to the Class
1 customers. What would be the resulting deadweight loss? (The market demand
curves are determined by adding individual demand curves at each price.)

4.2.5. If the regulator allowed the electric utility to charge a different connection
charge for each customer class, what are two feasible connection charges and their
associated deadweight losses?

4.2.6. An optimal two-part tariff minimizes deadweight loss by (1) charging an op-
timal connect charge to all customers equal to the consumer surplus of the Class 2
customer and (2) charging all customers the same usage fee. Determine the optimal
two-part tariff using these criteria. (This problem relies on Viscusi, Vernon, and
Harrington, 2000, p. 360.)

EXERCISE 4.3. THE PEAK-LOAD PRICING PROBLEM

Assume that a cogeneration heating distribution system can be constructed for
$14,600 per unit of capacity and can be operated at variable costs of $0 (heat is sup-
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plied by an industrialfacility that operates24 hours everyday). Assumethat during
8 hours of the day the on-peakdemandfor heat is

P=a-b·Q

Assume that during the other 16hours of the day (off-peak) the demand for heat
is one-half the demandduring the peak period. Assumethat the cost of capital, r, is
10%,and that heating distribution systemdoes not depreciate.

4.3.1. Assumeon-peakdemandis

P= 16-0.08· Q

and off-peakdemandis

P=16-0.16·Q

If the existing capacity (Q) were 120 units, what would be the socially optimal
prices during the on-peakhours and duringthe off-peakhours?

4.3.2.Whatwouldbe the optimalcapacity?Whatwouldbe the prices at this optimal
capacity?(Thisproblemrelies on Viscusi,Vernon,and Harrington, 2000,p. 394.)

EXERCISE 4.4. THE AVERCH-JOHNSON MODEL

Averch and Johnson (1962) assume that the utility maximizes profit subject to the
rate-of-retumconstraint:

MaximizePR = p. Q(L, K) -w -L - r-K

Subjectto s = [P . Q(L, K) - w .L]/K

(4.9)

where PR is profit, P is the price of electricity, Q is the output (which depends on
labor and capital through the production function), r is the utility's cost of capital,
and s is the allowedrate of return. (Note: Averch and Johnsonuse only two inputs;
similarresultscan be obtainedwith fuel as a third input.)Further,Averchand John-
son assume that s > r, i.e., that the allowed rate of return is greater than the cost of
capital. This problem can be transformed using the Lagranianmultiplier technique
(a more rigoroussolutionrelies on the Kuhn-Tucker conditions):

Maximize PR = P:Q(L, K) - w· L - r· K

+A · [s 0 K +w 0 L - P: Q(L, K)]

(4.10)

where A is the Lagranianmultiplier. If the constraintis binding,then (s · K + w . L -
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P: Q) = O. To solve for the constrained profit-maximizing levels of capital (K) and
labor (L):

1. Differentiate with respect to K, L, and A
2. Set each derivative to zero

3. Solve simultaneously for K and L

These derivatives are

apR/aK=p· QK-r+ A . (s-p· QK) = 0

apR/aL=P · QL - W+ A . (w - P . QL) =0

apR/a}... =s·K + w ·L-p· Q= 0

where
QK = aQ/aK is the marginal product of capital
QL = aQ/aL is the marginal product of labor

Because apR/aA = 0, the ROR constraint is satisfied at maximum profit. Averch
and Johnson show that the Marginal Rate ofTechnicalSubstitution (MRTS) of la-
bor for capital (the rate at which capital can be reduced when one extra unit of labor
is used so that output remains constant) is

MRTS = {r - [(s - r) . }"'/(1 - A)]}/W = (r - a)/w

If the allowed rate of return is equal to the cost of capital (s - r = 0), then MRTS =
r/w, i.e., the profit-maximizing solution is levels of capital and labor such that the
MRST is equal to the ratio of input prices. Further, Takayama (1993, pp. 212-219)
shows dK*/ds < 0, where K* is the optimal level of capital, i.e., as s decreases
(holding. 1: fixed), the optimal.level of capital inc-reases...

If s > r, "[T[he firm adjusts to the constraint, then, by substituting capital for the
cooperating factor and by expanding total output" (Averch and Johnson, 1962, p.
1056). Therefore, because the firm earns a "bonus" on capital equal to (s - r), it has
an incentive to use more capital than it should if it were behaving efficiently.

The size of the distortion depends on A and (s - r). The Lagranian multiplier can
be interpreted as a measure of the sensitivity of profit to the ROR constraint. If A=
1, then profit is simply K . (s - r). If A= 0, there is no ROR constraint. So as regula-
tion becomes more constraining, the closer A is to 1.

Empirically, it is difficult to determine the value of A. On the other hand, where-
as it is possible to determine the allowed rate (s) of return from regulatory proceed-
ings, it is more difficult to determine the underlying cost of capital (r). Further, even
if these variables are known, it is difficult to determine the firm's efficient choice of
technology given uncertainty in the price of inputs.
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4.4.1. Because 0 < A < 1, plot against (s - r) for A = 0.1, 0.2, ... , 0.9, and 1.0,
where ex = [(s - r) . A/(1 - A)]. What happens as s approaches r?
4.4.2. If the regulator is wrong and sets s < r, how do the finn's incentives change?

EXERCISE 4.5. A REAL OPTIONS PRICING MODEL
OF COGENERATION

4.5.1. Nonutility Generator Investment

The Public Utilities Regulatory Policy Act (PURPA) of 1978 opened the U.S.
wholesale electricity market to unregulated independent power producers: cogener-
ators and small power producers, known as NUGs. How does a NUG evaluate the
risk of investing in new capacity?

For example, consider a paper mill's decision to invest in cogeneration equip-
ment (see Exercise 3.4.4). Under the usual investment criterion, the paper mill
would invest if the NPV is positive, where NPV is equal to the discounted value of
its net revenues (R) minus the cost of the investment (l) :

NPV= [L R/(I + r)f] - I

for t = 0 to T, where r is the firm's cost of capital.
Let the cost of the electricity generation equipment equal $30001kW for 50 MW

of capacity, Q. The total investment, I, is $150 million. Assume that (I) the equip-
ment can be installed instantaneously, (2) there are no operating costs (e.g., waste
steam is free), (3) the capacity factor, CF, is 0.70, and (4) the remaining life of the
paper mill is 1°years, T.

The current price, P, to NUGs for electricity offered to the utility is $80/MWh
for 10 years at 8760 hours per year. (This is similar to prices paid under PURPA
contracts.) With a discount rate, r = 10%, the uniform series, present worth factor is
6.145. Should the paper mill invest at the current price? The NPV (from t = 0 to 10)
equals

NPV= [L (8760 . Q . CF· P)/(I + r)t] - I (4.11)

= [8760 ·50 · 0.70 ·80 ·6.145] - $150,000,000

= $150,700,000 - $150,000,000

= $700,000

The NPV is positive. So under traditional investment criteria, the firm should install
the electricity generating equipment.

Note that if the project life is long, discounted net revenues can be approximated
as a perpetuity (i.e., the firm receives the same revenues in each period forever; see
Chapter 3). Then discounted net revenues are equal to (R/r) and NPV = (R/r) - I. If
R > r . I, then NPV > 0, and the firm should install the cogeneration equipment.
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Also, the present worth factor for r = 10% is equivalent to a discount rate of 16.3%
for a perpetuity.

Next, consider the situation in which the price this year is $80/MWh. But next
year, the price could rise to $100 with probability P = 0.6 or drop to $60 with prob-
ability (1 - P) =0.4. These prices would then remain the same for 10 years. Should
the finn invest or wait to see what happens to price? If the price increases to $100
with a probability of 0.6, the NPV (for t = 1 to 11) would be

NPV= [It (8760 · Q·CF· P)/(1 + r)l] - 1/(1 + r) (4.12)

=[(8760 · 50 ·0.70 . 100 ·6.145) - $150,000,000]/1.1

= [$188,000,000 - $150,000,000]/1.1

=$34,545,000

[Note: here discounting is from t = 1 to 11, dividing by (1 + r) shifts t from °to 10.]
If the price falls to $60 with probability 0.4, the expected NPV falls to about
13,440,000. In fact, if the price falls by $0.40/MWh, NPV is negative. The finn
would not invest (after waiting) if the price fell, so NPV is zero and the expected
NPV is 0.6 . $34,545,000 + 0.4 . °= $21,000,000. The price where NPV is just
equal to zero is the triggerprice. Here the trigger price is $79.60/MWh.

By investing today, the firm gives up the option of investing in one year, when it
might earn an expected NPV of $21 million. The value of this option is the differ-
ence between the expected NPV of waiting and the NPV of investing today: $21
million - $0.7 million == $20.3 million. When considering the option value of wait-
ing, it is unlikely that the paper mill would invest, i.e., the firm would wait and see.

4.5.2. Nonutility Generator Investment Options

What costper kilowatt ofcapacity would leave the paper mill owner indifferent be-
tween investing today and waiting? We can generalize this example by assuming
that revenue (a function of price) changes over time so that percentage changes in
revenue (~ R/R) follow a normal distribution with a mean of 0 and a standard devi-
ation of 0'. (Above, price had a mean of 84 = 0.6 . 100 + 0.4 ·60 and a standard de-
viation of about 29.) We assume that R either increases or decreases by a fixed per-
centage in each period, (dR/R) is constant. If these changes are unrelated from
period to period and if we can characterize the changes over short periods (dt) as
.(dR/R) = 0' . dz, [where dz follows a normal distribution with a mean of°and a stan-
dard deviation of (dt)1I2], then R exhibits proportional Brownian motion. See Dixit
and Pindyck (1994).

Under these assumptions, the finn will observe random projected revenues. Let
H be a trigger value such that if R > H, the firm invests. For example, under tradi-
tional investment criteria, this trigger is approximately r . I. This is because if NPV
=(R/r) - I> 0, R > r . I. The value of the project is

(4.13)
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where VI is the (net present) value of investing. If R < H, the finn waits. Dixit
(1992, p. 113) shows that the value of waiting, Vw, can be represented as

(4.14)

where B is a positive constant and y is a function of the discount rate (r) and the
standard deviation of net revenues (0).

What is B? When R = H, the finn is indifferent between waiting and investing.
So, the value of investing, Rlr - I, must be equal to the value of waiting, B . Rt.
Equating these and substituting H for R,

or

(Hlr)-/=B ·HY

B = [(Hlr) - /]IHY

(4.I5a)

(4. 15b)

Therefore, B is a constant that equates the value of investing and the value of wait-
ing:R=H.

Further, Dixit shows that y is a solution to the differential equation that describes
the Brownian motion of R through time. The solution involves a quadratic expres-
sion in y:

y2- y= 2 rks? (4.I6a)

where 0 2 is the variance ofR. Solving for the positive root of this expression,

y= 1/2 . {I + [1 + (8 rl( 2)]1I2} (4.I6b)

If a 2 > 0 (i.e., revenues are uncertain), then 't? 1.
What is the optimal trigger value H? The optimal value occurs where small

changes in R are equal for investing and waiting at R = H. The derivative of Equa-
tion (4.13) with respect to R is (Ilr). Also, we differentiate Equation (4.14), the ex-
pression for the value of waiting, with respect to R. This is equal to y . B . R (y-l).

Setting these equal and substituting R = H:

Solving for H, we find

I/r = y .B ·nv-»

H = [y/(y - 1)] · r . I

(4.17)

(4.18)

The trigger level is y/(y- 1) greater than r · I, the trigger level of the traditional (but
approximate) net present value criteria. The discount rate under the real options ap-
proach to investment is [y/(y - 1)] greater than the unadjusted discount rate:
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rr = r . [1'/(1' - 1)] (4.19)

Reconsider the case of the paper mill with continual changes in revenues. Let the
discount rate equal the perpetuity-equivalent discount rate of 16.3% and the stan-
dard deviation of proportional changes in revenue equal 36% (= $29/$80). Under
these assumptions, what are the values of "'(, 1'/("'( - 1), r y, and H, where I =
$3000IkW? (This exercise is based on Rothwell and Sowinski, 1999.)



CHAPTER 5

COMPETITIVE ELECTRICITY MARKETS

5.1. OVERVIEW

Throughout the world, restructuring and competition are being introduced into the
electric power industry. The traditional organization based on vertically integrated
utilities (generation, transmission plus distribution, and retail), publicly or privately
owned, is moving toward a new structure of companies producing unbundled ser-
vices: generation companies have been separated from transmission and distribu-
tion companies. In wholesale markets, several generation companies compete to
sell their energy. Competition is also being introduced into retail sales, so cus-
tomers can choose among different retail companies and retailers can compete for
market share by offering competitive prices and new services. Transmission and
distribution still are considered natural monopolies that must be regulated. This reg-
ulation ensures open, nondiscriminatory, and tariff-regulated third party access to
the network for all market participants: generators, retailers, and customers.

The specific objectives of these restructuring processes vary from country to
country, but several common characteristics driving the changes can be pointed out:

• The traditionally regulated industry led to high electricity prices.

• Cross-subsidization among customer categories created inefficiency.

• New efficient generation technologies with small unit sizes (e.g., 150-300
MW) and shorter construction periods became competitive, and they could be
built by private companies.

• Nationally owned sectors needed investments that could not be funded by the
state, so, new private initiatives were required.

This chapter introduces the main ideas needed to understand the mechanics of com-
petitive electricity markets discussed in Chapters 6-9. In Section 5.2, short-run op-
erational issues associated with wholesale energy transactions and the operation of
the transmission system are presented. Competitive wholesale electricity markets
have been traditionally organized with pool trading and centralized coordination
through a market operator. Additionally, some restructuring models allow physical
bilateral trades between market participants outside the pool. Whatever the whole-
sale market organization, the physical integrity of the bulk power system must be

101
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guaranteed to meet the required security conditions. Combined ownership and con-
trol ofthe transmission system is the cornerstone for ensuring system security under
the new unbundled structure. See Stoft (2002, Part 3).

In Section 5.3, long-term planning and investment issues, related to system ade-
quacy for meeting future demands, are presented. Planning and building new trans-
mission lines requires new ways of regulating transmission companies and system
operators. On the other hand, market incentives might not induce construction of
enough new generation. So additional capacity payments to generators might be
needed.

Finally, Section 5.4 describes issues associated with retail sales and distribution
systems. Retail competition has been introduced through customer choice in select-
ing among different retailers. Distribution companies will continue to be regulated,
but new regulation schemes based on incentives are being implemented to improve
economic efficiency. For more on these issues, see Fox-Penner (1997) and Stoft
(2002). Examples of how each one of these issues have been solved for different
systems can be found in the following chapters. Throughout this chapter, references
will be made to the cases of California, Norway, Spain, and Argentina. For more
detail see Chapters 6-9.

5.2. WHOLESALE POWER MARKETS

The traditional power sector based on vertically integrated utilities (generation,
transmission plus distribution, and retail) is moving toward a new structure ofverti-
cal disintegration. In a wholesale power market, all generators compete to sell to all
distributors, or directly to customers and retailers if retail competition is allowed.
Under this new unbundled structure of generation and transmission with competi-
tive trading between wholesale market participants, the traditional pool operating
functions have been more clearly defined and segregated into:

• Market operation functions related to energy trading, scheduling, and settle-
ment of energy transactions in different time horizons (week, day, or hour
ahead before physical transactions occur) and

• Systemoperation functions related to operation and control of the bulk power
system (1) to meet load and security needs with real-time dispatch to balance
supply and demand, (2) to manage ancillary services to maintain system relia-
bility, and (3) to manage transmission congestion, etc.

Regarding the organization ofcompetitive wholesale electricity trading, many of
the restructuring experiences (e.g., in the UK; Argentina; Chile; Victoria, Australia;
and Alberta, Canada) have been based on pool trading with centralized coordination
by a Market Operator (MO), who is usually the System Operator (SO). The MO
has a monopoly in arranging all wholesale transactions that affect the physical flow
of electricity in the bulk power system.
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More recently, during the restructuring debate in California, and previously in
Norway and Spain, a more flexible wholesale model was proposed and implement-
ed. Besides pool-based trading, physical bilateraltrades scheduling generation and
demand outside the pool are allowed. The separation of market operation functions
and system operation functions into two independent entities, the MO and the SO,
has been used in the hybrid pool plus physical bilateral trading model. For instance,
in California, the Power Exchange (PX) matched bilateral physical trades between
generation and demand, and submitted these schedules to the Independent System
Operator (ISO), who was responsible for system reliability and transmission con-
gestion management. (Note: the PX was dissolved during the California electricity
crisis of 2000-2001.) In Norway, where physical bilateral transactions are also al-
lowed, Nord Pool is the MO and Statnett is the SO. In Spain, a MO and a SO were
created as two independent entities. This separation allows the possibility of several
entities conducting trading even under competition. This seems to be the general
trend in most new restructuring experiences, including the recent reform of the UK
wholesale market.

Competitive wholesale trading in a pool market and by bilateral trading is ana-
lyzed in Sections 5.2.1 through 5.2.3. Regulatory issues concerning transmission
ownership and the creation of an independent systemoperatorare discussed in Sec-
tion 5.2.4. Finally, new ways of unbundling and procuring ancillaryservices (ser-
vices necessary to maintain reliable operation) under wholesale competition, are
presented in Section 5.2.5.

5.2.1. The Poolco Market

In a pooleo or "mandatory pooling" market, all generators sell into a pool run by a
MO (the MO can also be the SO.) Generators' physical sales of power and energy
trades are all within the pool. Similarly, all power flows and purchase transactions
are between buyers and the pool. If the market allows wholesale competition only,
the buyers are distribution companies (distributors) who then resell the power at re-
tail to customers. If the market allows retailcompetition, buyers could be individual
customers, suppliers, retailers, etc. See Stoft (2002, p. 224).

The MO holds an auction in which each generator bids different prices for dif-
ferent quantities of power (from specific plants or as a portfolio) for the trading pe-
riod; for example, for each hour ofthe following day. Based on the bids and consid-
ering demand, the MO uses a matching process to set the market price (generally
one price per hour) and the generation quantities.

One of the most popular market clearing systems is the simple matchingalgo-
rithm, in which the MO first chooses the quantity with the lowest bid price and uses
as much of it as possible. Next, the MO does the same for the quantity with the next
lowest price, and so on until demand is covered (see Exercise 5.1). (Under price
competition, costs are private information and prices are public information.)

Buyers can also bid quantities and prices. The MO ranks them in a demand curve
by decreasing price. The "winners" of the auction (i.e., all plants and all customers
that will be scheduled, represented by the intersection of the supply and demand
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curves) are announced. Usually, the price of the last generator scheduled becomes
the system-wide pool price. This price is known as the market-clearing price
(MCP): the price that all sellers will receive and that all buyers will pay. This mar-
ket mechanism is the basis of poolco competitive generation markets. Figure 5.1
shows market agents and transactions in a poolco market. (Market power issues in
competitive generation markets are discussed in Section 5.3.1.2.)

In wholesale power markets, as the bidding sessions get closer to real-time dis-
patch the SO takes more responsibility. For instance, the SO (1) takes into account
the trades that were concluded by the MO (sometimes, the SO and MO are the
same) and (2) checks (and makes adjustments) to ensure system security. For exam-
ple, the SO can require some units running at lower power to maintain spinning and
standby generation reserves or the SO can modify the dispatch order to avoid con-
gestion in the transmission system, etc. In some cases, transmission constraints can
lead to different area or zonal market clearing prices, as in California (see Section
5.3.2). Examples of wholesale poolco markets have been

8"~
8---- Transmission

System A
TRANSCO

",..._--------------("

:.

Transmission
System B
TRANSCO

POOL-MarketOperator

I,.
"'."

".,,-
.,./

./

1._._._._._._._._._._._._._._._._._.gfR.~_._._._._._._._._._._._._._._._~.//

8 ....~
GENCO

--- Physical interconnections through the grid

----------. Energynegotiated through the pool

-.-.-.-.-.-.- Contracts for Differences CfDs

Figure 5.1. Poolco market. (Adapted from Fox-Penner, 1997, p. 185.)
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1. The daily energy market in the UK before the NETA reform

2. The day-ahead and hour-ahead markets run by the PX in California

3. The day-ahead and the intradaily energy markets run by the MO in Spain.
(Note that in Spain and California, the possibility of physical bilateral trades
is also allowed.)

4. The economic dispatch run each hour by the SO in Argentina

See case studies in Chapters 6-9 and Stoft (2002, Part 3).

5.2.2. Contracts for Differences

Pool prices signal (1) to generators whether more or less power is needed and (2)
to buyers the cost of marginal generation. In general, low short-run elasticity of
electricity demand and a steep generation supply curve produces prices that could
rise and fall dramatically with daily and seasonal load variations (as they did in
California during 2000 and 2001). Deregulation puts the market participants in a
more risky position than under regulation. This price volatility leads buyers and
sellers to make contracts that specify prices and supplies in advance with more
certainty.

The most popular contract to reduce market uncertainty in a poolco is the
Contract for Differences (CfD). See Stoft (2002, p. 211). CfDs are two-way
wholesale contracts appropriate for buyers and sellers who trade directly in the
pool. They guarantee a price and quantity for power between a buyer and seller.
The "seller" agrees to sell to the "buyer" a schedule of power at specified prices
over the term of the contract. This contract guarantees that the "buyer" gets the
contracted quantity and price. However, under the poolco approach, unlike in
physical bilateral trades, the way this occurs is not with an actual power sale be-
tween the "seller" and the "buyer." Instead, the "buyer" continues to buy all pow-
er through the pool, including the amount contracted for in the CfD. If the "sell-
er" is a generator, it can be scheduled (or not) by the pool according the auction
results. In this sense, the cm is a financial instrument. It does not involve a phys-
ical power transaction between a "buyer" and a "seller" with specific scheduling
of the seller's generation. All the "seller" does in the cm is

1. Compute the difference between the price it has guaranteed to the "buyer" and
the price the "buyer" paid to the pool

2. Pay the "buyer" the difference (if positive) or collect it from the "buyer" (if neg-
ative)

Exercise 5.4 explores the mechanics of a CfD. Other financial instruments, such as
futures andforwards (see Chapter 7, this volume; Kaminski, 1997; and Hunt and
Shuttleworth, 1996), and corresponding markets, have been proposed or are under
development in electricity markets.
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5.2.3. Physical Bilateral Trading

In some wholesale electricity markets (such as in Norway, California, and Spain) in
addition to voluntary pool trading with the possibility of financial bilateral con-
tracts, physical bilateral trades (i.e., purchases between contracting parties) are also
allowed. Buyers and sellers individually contract with each other for power quanti-
ties at negotiated prices, terms, and conditions. Generators can directly contract
with buyers and purchase transmission services from the transmission owner or sys-
tem operator. Supplier companies (marketers) can make agreements to aggregate,
bundle, or sell power from generators to the transmission system or to distributors
directly. If retail competition is allowed, generators and marketers could also make
contracts with customers directly. All transactions must be announced to the SO,
which analyzes all the trades in each period and determines, without discrimination
and with some clear rules ofprioritization, which ones are infeasible due to grid se-
curity constraints. The SO need not know the prices. Figure 5.2 shows market
agents and transactions involved in bilateral trading.

In a pure bilateral model based only on physical bilateral trades, neither homo-
geneity of the transactions nor a single market-clearing price is ensured; see Exer-
cise 5.2. Buyers and sellers must shop and discover prices through advertising, mar-
ket information services, and comparison shopping. Centralized trading, as in a
poolco market, can lead to significant savings by avoiding the need to discover
prices, because the pool market price is publicly known. In theory, centralized trad-
ing in a pool can be more efficient because most market participants are scheduled
and tracking agreements between pairs of traders is not necessary.

However, practical implementation issues in favor ofphysical contracts are

1. Centralized coordination creates general management costs that should be
shared by all market participants (trading outside the pool avoids these costs).

2. Bilateral supporters do not trust the market clearing process to function ade-
quately and they want to ensure their generation through physical contracts.

The last trend in wholesale market design allows simultaneous pool and physical
bilateral trades.

On the other hand, physical bilateral trades and MO pool schedules have associ-
ated energy imbalances, i.e., mismatches between the contracted or scheduled
quantities and the actual demand read from the meter. Because power consumed
and supplied must be equal at every moment, there must be a mechanism to supply
the balancing amount of power instantly. The source of power for settling energy
imbalances can be a spot market for imbalances managed by the SO and created by
pooling all available surplus generation. This market functions with the same rules
as in the poolco energy market, where bids are for incremental quantities.

In Norway, there are wholesale physical bilateral contracts and there is a pool
market for settling real-time imbalances. In California, there is a pool-based, real-
time energy market for energy imbalances. In Spain, physical bilateral contracts are
allowed together with pool energy transactions; these contracts must be announced
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Figure 5.2. Bilateral trades. (Adapted from Fox-Penner, 1997, p. 186.)

to the market and system operators. In the UK, before the New Electricity Trading
Arrangements (NETA) reform (Green, 1999) physical bilateral contracts outside
the pool were not allowed. In Argentina, physical contracts have not been allowed.

5.2.4. Transmission Ownership and System Operation

An important issue to ensure effective wholesale electricity competition concerns
the division of responsibilities into owning, operating, and regulating the transmis-
sion system. A cornerstone of restructuring is the separation of generation from
transmission. Under this segregated structure, transmission companies and system
operators continue to be regulated. All transmission system owners (TRANSCOs)
must provide comparable and nondiscriminatory service to independent generators.
Transmission has the cost structure ofa natural monopoly (see Chapter 2).
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The availability of transmission installations and the location of new transmis-
sion investments significantly affect trading opportunities. On the other hand,
TRANSCOs must receive revenues that adequately compensate them for operation
and investment costs. Transmission costs should be allocated to provide accurate
locational price signals to generators. Also, the system operation function must con-
tinue to be regulated. Services related to system operation also have monopolist
characteristics that affect the transparency and efficiency of the energy market.

Two approaches have been adopted regarding transmission ownership and sys-
tem operation. The first approach is to separate transmission ownership from sys-
tem operation. In some restructuring experiences, competition is being introduced
into a vertically integrated industry, where transmission owners typically own gen-
eration and there are multiple owners of the interconnected transmission grid. This
is the basis for the creation of an ISO. With an ISO, one or more TRANSCOs own
the transmission system. But a single entity, the ISO (ideally independent of all
market participants), operates the transmission system. This separation works as
follows:

• The ISO dispatches generators according to the pool auction or bilateral con-
tracts.

• The ISO contracts with the TRANSCO to enable it to use, charge for, and en-
tirely control all of the TRANSCO's assets.

• TRANSCOs do not control dispatch or transmission, but receive regulated
rates for the use of their assets.

The ISO needs such control to prevent transmission owners (who might also own
generation capacity) from, for instance, scheduling transmission maintenance to
raise generation prices. In California, an ISO was created but transmission assets re-
mained the property of the three main investor-owned utilities.

As an example of ISO functions and responsibilities, the U.S. Federal Energy
Regulatory Commission (FERC) requires the following before approving of a new
ISO:

• A fair, nondiscriminatory governance structure

• No financial interests by any power market participant

• A single, open-access tariff for the entire ISO area

• Responsibility for system security

• System control for pool or bilateral dispatches

• Identification and resolution of transmission constraints

• Incentives to act efficiently

• Transmission and ancillary service pricing that promotes efficiency

• Transmission availability in real time on electronic bulletin boards

• Coordination with adjacent control areas

• A dispute resolution procedure
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In other restructuring experiences, although transmission owners do not own
generation, there is a separate ISO to allow the possibility of several transmission
owners. This is the case of Argentina,where TRANSENERowns most of the trans-
mission network and CAMMESA(Compafiia Administradoradel Mercado Electri-
co Mayorista SA) operates as the SO.

With the second approach, transmission ownership and system operation remain
together. Usually, in these cases, there is a national transmission company that acts
as the SO. Defenders of this scheme argue that it is difficult to implement strong
performance incentives on an entity (the ISO) with no assets and little accountabili-
ty. Under this scheme, the transmission system's part of the company continues to
be regulated through, for instance,performance-based ratemaking (see Chapter 4),
allowing it to make a profit. This level of profitability could be used to reward good
performance. This unified scheme with a single entity as transmission owner and
SO has been adopted in the UK, where the National Grid Company (NGC) per-
forms both activities. In Norway, Statnett is the national grid owner and SO (see
Chapter 7). In Spain, REE acts as the national transmission utility and SO (see
Chapter 8).

5.2.5. Ancillary Services

The services necessary to support a reliable interconnectedtransmission system are
interconnected operation services or ancillary services. See Stoft (2002, pp.
232-242). Across the different restructuring experiences, these services are not
uniquely defined. Their unbundling and procurementmechanisms are greatly influ-
enced by the overall organization of a specific electricity market. For instance, in
the US, FERC defines the following ancillary services required in open-access
transmission systems:

• Scheduling, system control, and dispatch: managementof system operation
• Regulation and frequency response: generators instantly increase or decrease

output to match load fluctuations

• Operating reserve (spinning reserves and supplementary reserves): genera-
tors are kept warm or on standby, ready to take over following generator or
transmission line failure

• Energy imbalance: residual energy that must be provided to settle the imbal-
ance between energy contracted and actual energy delivered

• Voltage control and reactive power support: control equipment such as trans-
formers, etc., needed to maintain network voltages within security limits

• Loss compensation for the differencebetween total energy generatedand total
energy delivered to all customers, i.e., network losses

Regarding payment for these services, payments depend on the type of energy
transactions, bilateral or pool, that have been scheduled. Bilateral transactions are
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charged according to their impact on the costs of providing the associated services.
In a poolco market, the cost of providing these services can be added to the hourly
spot price, whereby all customers pay an additional bundled charge with the hourly
energy charge, or they can be charged separately. (Energy imbalances are typically
charged separately.) The determination of separate charges depends on (1) whether
the participant who caused the cost (or the saving) can be identified and (2) whether
the contribution can be valued.

Regarding the provision of ancillary services, first, some services (for instance,
scheduling and dispatch) can be only provided by the SO. Second, other services
(e.g., operational reserves, reactive power support, etc.) can be provided by others,
for instance, generators or customers with controllable loads. In the first case, the
monopoly service provided by the SO and its price must be regulated. In the second
case, the SO is also responsible for system security, so it obtains the required
amount of each service from the various suppliers.

System operators use various procurement schemes. Some services are made
compulsory. Others can be procured through short-term bids (e.g., operating re-
serves), or through long-term contracts, usually for one or two years (e.g., reactive
power support). Long-term contracts are recommended for services that can be pro-
vided by only a few suppliers. For example, for reactive power support, only gener-
ators or sources electrically close to the voltage problem area are able to provide lo-
cal support.

In the UK, the procurement procedure for some services is based on long-term
contracts between the NGC and the generators. In California (Chapter 6) and Spain
(Chapter 8), the ISO conducts day-ahead bidding auctions to buy regulation and op-
erational reserves from generators. In Norway (Chapter 7), generators have an
obligation to provide ancillary services through contracts with Statnett; they receive
payment only if quantities provided are beyond contracted ones. In Argentina
(Chapter 9), there is an obligation for each generator that sells energy to provide a
specific level of ancillary services. However, CAMMESA uses a competitive
weekly bidding auction to purchase "cold" operating reserves from generators.
These ancillary services market experiences are so recent that it is too early to con-
clude how best to organize them.

5.3. MARKET PERFORMANCE AND INVESTMENT

Assuming that the bulk power system continues to operate on a daily basis with ad-
equate efficiency and reliability, at some time new generation capacity and trans-
mission lines will be needed. In this section, we examine conceptual and regulatory
issues associated with the long-term adequacyof generation and transmission. Ade-
quacy is the ability of the power system to meet demand, taking into account sched-
uled and reasonably foreseen unscheduled outages of generators and transmission
installations. Deregulation of prices must create market incentives sufficient to
stimulate generation expansion in the long run. However, oversight of the market to
ensure effective competition among generators is still a primary regulatory task.



5.3. MARKET PERFORMANCE ANDINVESTMENT 111

Also, the expansion of the transmission system to provide long-run economically
efficient and reliable service in the presence of competitive generators must be en-
sured by adequate transmission regulation.

5.3.1. Generation Expansion and Monitoring Generation Competition

In theory, the output of a competitive generation market is equal to the output of a
regulated system with a central planner that minimizes investment plus operating
costs to meet demand (Green, 2000). However, in a market the uncertainty of re-
covering generation investment plus operating costs is higher than under regulation,
under which generation revenues were guaranteed. The price volatility of power
markets is the rationale for both sellers and buyers to make long-term contracts to
hedge against uncertainty. These contracts usually do not last more than a few years
and they are rarely the basis on which financiers award construction loans for gen-
eration plants. More frequently, financiers back plants because the borrower (typi-
cally an established utility that can assume risk) can provide collateral. However,
the expectation of future cash flows is currently the main market force driving gen-
eration expansion in competitive markets.

In these markets, generation capacity should be built so that the long-run mar-
ginal cost ofelectricity equals the averagerevenue from market sales. Building ca-
pacity above the optimal level will depress average spot prices and depress average
revenues, and some generators will leave the system. Less capacity will increase
average revenues, attracting new capacity to the system. However, if demand is not

. allowed to set the market price (e.g., under load curtailment situations), then market
prices, average revenues, and investment in capacity could be less than the efficient
level (see Exercise 5.3). Demand flexibility is especially important under capacity
constraints, as the experience in California has shown.

5.3.1.1. Generation Revenues and Capacity Payments. Under a regulated
monopoly, compensating generators based on the load factor ofeach plant is equiv-
alent to paying each generator its technology-specific capacity and energy costs.
This can be observed on the left-hand side of Figure 5.3, where three different gen-
eration technologies are dispatched to cover a load duration curve. The generator
with the highest fixed costs and the lowest variable cost, GN3 (a base-load genera-
tor), receives its fixed (F3) and variable costs (C3) for producing energy, F3 + C3 .
(Tl + T2 + T3), where (TI + T2 + T3) is its total generating time. Consumers with
the highest load factors pay this amount. The generator with the lowest fixed cost
(FI) and the highest variable cost (CI), ONI (a peaking generator), receives its
fixed and variable costs during the period it is producing energy, FI + CI · TI,
where TI is its total generating time. This amount is paid by the customers with the
lowest load factors. In this way, generation revenues cover the fixed and variable
costs of each technology. See Oren (2000).

However, in a competitive generation market, in each period generators receive
the variable cost of the most expensive generator dispatched in that period. On the
right-hand side of Figure 5.3, we see that in hours with higher load factors, the mar-
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ginal energy cost (market price) is equal to the lowest variable generation cost (C3).
In hours with lower load factors, the marginal energy cost is equal to the highest
variable generation cost (CI). Therefore, load slices with the highest load factors
will pay (CI . TI + C2 . T2 + C3 . T3), and load slices with the lowest load factors
will pay (CI . TI).

We can see that the sum of the marginal cost times the duration during which it
applies (1:Cj .1)) is equal to only the variable costs ofproducing electricity. Thus, if
generators are paid a uniform marginal cost for their energy, they end up with a
shortfall in the amount of F I, the fixed cost of the peaking technology. This is the
reason that some systems, as in Chile, have introduced an explicit capacitypayment
to generators equal to the fixed cost of the peaking technology.

Under optimal generation planning, the marginal cost of incremental generation
capacity equals the marginal cost of unserved load. One approach to capacity pay-
ments attempts to equate this payment to the marginal cost of the unserved load.
This can be approximated by (1) the marginal value of unserved load (or value of
loss of load, VOLL) times (2) the loss of load probability (LOLP) or fraction of
time that load must be curtailed due to insufficient capacity. England and Wales fol-
lowed this approach before the NETA reform to supplement generator marginal en-
ergy revenues.

In theory, the need for a capacity payment for generation investment recovery
could be eliminated (I) by allowing demand-side bidding in the market or (2) by al-
lowing demand to set the market price with insufficient capacity. Demand bidding
is equivalent to setting the spot price at VOLL during curtailment periods in which
the true value of lost load is revealed. (See Exercise 5.3 for more details on genera-
tion cost recovery and long-term market equilibrium in competitive generation mar-
kets.)

In practice, even with demand bidding, it might not be politically feasible to al-
low electricity prices to fully reflect scarcity rents. Consequently, energy prices are
often suppressed through regulatory intervention with price caps or by market de-
sign. Therefore, capacity payments are introduced as remedial actions to offset rev-
enue deficiency and to encourage capacity investment.

Different approaches to capacity payments have been followed. In some experi-
ences, as in Chile, Argentina, Colombia, Bolivia, Peru, and Spain, explicit capacity
payments have been introduced as additional remuneration to the pool energy pay-
ments received by the generators. An administrative price (US$/kW) has been set to
remunerate the firm capacity that each generator can supply in periods with higher
probabilities of energy shortages. To allocate these payments, in energy-con-
strained systems based on important hydroelectric production, dry hydrological
conditions are considered. In capacity-constrained systems, primarily based on ther-
mal units, peak hours and forced outages represent the most likely conditions of
shortage. In the UK before the NETA reform, the pool energy price was comple-
mented with an additional payment equal to the marginal VOLL times the LOLP.

In other experiences, such as in Australia, New Zealand, Norway, and Califor-
nia, there are no explicit capacity payments. It is assumed that market prices and de-
mand-side bidding through bilateral contracts will ensure enough generation invest-
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ment in the long run. Other approaches, as in the PJM (Pennsylvania-New Jersey-
Maryland Power Pool) and in the New York Power Pool, use market-based mecha-
nisms to contract for long-term supply. See Stoft (2002). In Scandinavia, markets
for peak power are under development.. For more detail about capacity payments,
see Oren (2000) and Vazquez, Rivier, and Perez-Arriaga (2002).

5.3.1.2. Market Power Issues. Given the market structure of electricity, market
monitoring and surveillance in generation is centered on market power issues, de-
fined as the ability to profitably raise price by "a small but significant and nontran-
sitory amount" (DOJ/FTC, 1992). Insufficient or ineffective competition among
generators will yield profits and prices that are higher than under effective competi-
tion, which would undo the benefits of restructuring. This effect appears when a
few firms can dominate generation markets. Restructuring experiences suggest that
generation concentration is an important concern.

For instance, in California, regulators required the largest utilities to sell some of
their generating plants to ensure that the emerging power market was competitive.
However, market power appears to have been exercised in California markets to
raise prices by a significant amount for several months in 2000 and 2001 (see Chap-
ter 6). Therefore, oversight of the market by regulators and adequate antitrust en-
forcement are necessary to counteract market power problems. The economic foun-
dations of market power in electricity markets are studied in Green (2000). The
practical issues associated with market power can be found in Borenstein, Bushnell,
Kahn, and Stoft (1995).

5.3.2. Nodal and Zonal Transmission Pricing

Three approaches to transmission pricing have been used: uniform pricing, nodal
pricing, and zonalpricing. The UK and Spain use uniform pricing, i.e., there are no
transmission price differences within a market. This pricing approach is appropriate
for electric systems in which the transmission network is well connected and there
are no structural congestion problems.

In other experiences, such as in Argentina and Chile, where there are long trans-
mission systems and great distances between supply and demand areas, nodalpric-
ing has been applied. For example, Argentina calculates nodal prices as (1) nodal
factors that affect the energy spot price in each node and (2) adaptation factors that
affect the generator's capacity payments in their node. The PJM (US) also uses
nodal prices. See Stoft (2002, pp. 424-430).

The value of transmission between two nodes (or areas of the system) is given by
the difference between energy prices of the two nodes. The price difference appears
(ignoring transmission losses) because of flow limit constraints imposed by trans-
mission capacity. Thus, the cost ofmeeting demand in various geographic areas dif-
fers. Nodal prices can be calculated at each transmission node as the marginal cost
of meeting an increase in demand at that node. Nodal prices consider (1) the mar-
ginal cost of transmission losses and (2) if transmission congestion exists, the cost
of extra generation (more expensive than the system marginal generator) that must
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supply the demand increment. For this reason, nodal prices depend on the charac-
teristics of the transmission network. Nodal prices send market participants loca-
tional price signals regarding transmission losses and transmission congestion. Un-
der nodal pricing, every major transmission node (generator, transmission line
junction, or substation) has a spot energy price. See Schweppe, Caramanis, Tabors,
and Bohn (1988) for more details on spot energy prices.

Under deregulation, the following drawbacks have been pointed out regarding
the use of earlier optimization tools for calculating nodal prices (for more details,
see Exercise 5.6):

1. Nodal prices are extremely sensitive to data, particularly to line flow limits that
depend on complicated, and sometimes subjective, technical considerations.

2. Congestion in a line produces nodal price differences in other noncongested
lines.

3. Power can sometimes flow from higher- to lower-price nodes due to nontrans-
parent mechanisms.

An alternative to nodal pricing is zonalpricing. Under zonal pricing, nodes are
gathered into zones that are bounded by potential constraint interfaces. Each zone
has a spot energy price. The purposes of zonal pricing are (1) to encourage genera-
tors to locate within the boundaries of the high-priced zones and (2) to focus atten-
tion on relieving the flow constraints in the congested interfaces between zones. In
Norway (see Chapter 7), there are (1) marginal loss percentages for each transmis-
sion node, (2) transmission capacity charges for different system areas, and (3)
zonal prices for congestion management on major transmission lines. California
also uses zonal pricing (see Chapter 6). However, defining zone boundaries (be-
cause of their dependence on operating conditions) can be a difficult task. Further,
boundaries must be updated from time to time. See Stoft (1998 and 2002, Part 5) for
more details on nodal and zonal pricing.

5.3.3. Transmission Planning and Investment

Under the new structure of generation and transmission segregation, transmission
companies (TRANSCOs), must plan, budget, finance, and construct the transmis-
sion network to

1. Accommodate new generators

2. Provide for robust long-term competition

3. Maintain reliability

4. Consider investments in generation versus transmission

Under ideal competitive conditions, each node of the transmission system would
have a nodal price. If price differentials persist, suggesting that generating capacity
is consistently cheaper in one place than another (e.g., due to transmission conges-
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tion) transmission expansion would be merited. The final test for transmission ex-
pansion is whether operating cost savings resulting from expanding the network
and relieving congestion are" greater than the investment cost (see Exercise 5.5).
Even where there are no price differentials between nodes, providing for higher re-
liability requirements will drive transmission expansion. Moreover, common capi-
tal costs in transmission are likely to lead to continued central coordination and reg-
ulation.

Regulation of transmission companies must allow for adequate revenues to com-
pensate them for operation, maintenance, and investment costs. These revenues are
collected from transmission users as transmission charges. Transmission charges
have been instituted as access charges, connection charges, use-of-system charges,
etc. They have been decomposed into fixed charges and/or variable charges
(U.S.$/kW or U.S.$/kWh). They are paid only by consumers or by consumers and
generators (see the following chapters for discussions of transmission charges in
California, Norway, Spain, and Argentina).

Also, in some restructuring experiences with nodal or zonal pricing, congestion
charges are collected by the SO and paid to the transmission owner. In California,
for instance, a usage charge is calculated for congested transmission lines or inter-
faces and collected by the ISO. The usage charge is determined as the marginal val-
ue of the congested interface: if one MW of additional transfer capacity would be
available at the congested interface, how much would the system marginal cost de-
crease. Some approaches have proposed calculating the usage charge as the price
difference between the two nodes or zones linked by the congested interface. In sys-
tems with parallel paths (nonradial systems) the usage charges are not always equal
to the nodal price differences between the congested areas (see Exercise 5.6). The
total system congestion charges can be calculated as (1) the sum of the usage
charges times the congested line flows or (2) as the sum of the price differences
times line flows. However, the allocation of these congestion charges should be cal-
culated by considering the usage charge of each interface as the marginal value of
the congested interface.

The following two decisions are independent: (1) whether nodal or zonal pricing
should be adopted and (2) whether congestion rents should be kept by the transmis-
sion company as part of its total revenues. From a practical perspective, total con-
gestion charges should not influence the total remuneration of the company. Other-
wise, the transmission company will have incentives to "create" congestion: if the
grid were not adequately developed, price differentials would be higher and conges-
tion rents larger.

On the other hand, financial network contracts (Hogan, 1992) or Firm Trans-
mission Rights (FTR) have been proposed (1) to hedge market participants against
congestion charge volatility and (2) to provide incentives to invest in transmission
capacity. A FTR is a contractual right that entitles the holder to receive a portion of
the usage charges collected by the SO when congestion exists, whether or not the
holder of the FTR transmits through that interface. See Stoft (2002, pp. 431-441).

For instance, assume that a remote generator with a low marginal production
cost builds a line to sell energy to a more expensive load area, receiving all the
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FTRs on the line. During an initial operation period, the line is not congested and
congestion charges are zero. The holder benefits, however, from the high price of
the electricity in the load area. This justifies investment in the line. After this initial
period, a new, cheaper generator is installed close to the remote generator. The new
generator manages to sell energy to customers using the same line, thereby congest-
ing the line. In this situation, the generator who owns the FTRs collects congestion
charges. In other words, FTRs ensure that those who invested in the line receive
compensation even when they do not use it.

Additionally, FTRs allow market participants to hedge the risk of transmission
price fluctuations. For example, a generator and a customer connected through an
interface enter into a fixed-price supply contract. For that, they buy the FTRs of the
interface that match the MW size of the transaction. This is the transmission price,
whatever the actual congestion charges. The expected congestion charges would
equal the FTR payment. If actual congestion charges are higher than the FTR pay-
ment, then the FTR holder makes a profit, and the FTR seller would suffer a loss of
profit opportunity (assuming that the seller is not the SO, which is neutral to collect
congestion rents), and vice versa. So, FTRs can be traded in secondary markets at
the expected net present value of congestion charges for the contract duration. For
more information on transmission management and congestion in electricity mar-
kets see Christie, Wollenberg, and Wangensteen (2000).

Finally, we address the regulatory issue of transmission ownership separation
from system operation. For instance, when the national transmission company and
the SO form a single, regulated, independent entity, transmission planning is im-
proved with the information gained from system operation. In the UK, Spain, and
Norway, there is a single SO that owns the national transmission grid and carries
out transmission planning and investment. In Argentina, the SO is in charge of
transmission planning, whereas transmission companies build new installations for
users that benefit from the additions. In the United States, transmission grids are
owned by formerly vertically integrated utilities; the role of new 180s regarding
transmission planning has not been clearly established. On the other hand, electric
restructuring has intensified the interest in, and the need for, region-wide transmis-
sion planning and regulation in the United States.

5.4. CUSTOMER CHOICE AND DISTRIBUTION REGULATION

Many restructuring experiences coincide with the introduction of customer choice
or retail choice, i.e., allowing consumers to choose their electricity supplier. Retail
choice often means that the consumer is allowed to buy energy directly in the
wholesale market (if it is a large user) or, more likely, from an electricity provider
in the retail market. Retail choice does not mean that the consumer ceases to be con-
nected to the grid, or that the consumer gets connected to a different company. The
consumer will continue to pay a retail access tariff for the grid use. This retail ac-
cess tariff is (1) regulated, (2) can have the same structure as the full tariff (though
its level will be lower since it will no longer include the cost of electricity), and (3)
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can include any number of costs that the regulatory authorities decide to charge to
electricity consumers.

Industrial customers promote customer choice to lower costs because they can
buy energy at prices below former regulated tariffs. Independent generators see it as
a way to enter the market by directly contracting with potential buyers. Customer
choice brings new competitive market participants, retailers or Energy Service
Providers (ESPs), that offer a variety of retail services with the sale of electricity.

Implementing customer choice differs from country to country. There are two
basic alternatives:

1. Progressive implementation that starts by permitting only large customers to
choose their supplier, followed by a gradual implementation for smaller cus-
tomers over several years, ending with residential customer choice

2. Immediate implementation for all customer classes

In Norway and California, retail choice was instituted immediately upon deregu-
lation (but was discontinued in California during the energy crisis of 2000-2001).
Most of the deregulation experiences have adopted a progressive implementation
over several years. This means the coexistence of a competitive sector to supply
deregulated customers and a regulated sector (usually regulated distribution compa-
nies) to supply still captive customers. A gradual implementation allows utilities to
make progressive adjustments to facilitate the transition from regulated to market
revenues. Immediate retail choice allows customers to get the benefits of competi-
tion sooner and avoids cross-subsidizing captive and deregulated customers.

Under retail competition, some aspects of retail continue to be subject to regula-
tion. Reliability and service quality will continue to be the responsibility of regulat-
ed distribution companies, because distribution companies can best ensure quality.
Programs in energy efficiency and in renewable energies can continue to be regulat-
ed. Costs of these programs can be recovered through a retail access tariff. The reg-
ulator should carefully determine restructuring costs that residential customers pay
in comparison to other types of customers through the design of a retail access tar-
iff. Distribution companies (DISCOs) will remain regulated with or without retail
choice. DISCOs will continue to be responsible for operating and developing distri-
bution networks and serving regulated customers.

Metering and billing services are also being unbundled and exposed to competi-
tion. DISCOs are losing the monopoly of carrying out these services and new
agents (such as retailers) are entering this area. Finally, the integration with other
retail services, such as gas and water supply, telephone, TV cable, etc., are ways of
making electricity retail businesses profitable.

5.4.1. Customer Choice and Retail Competition

Customer choice is a form of retail competition. A prerequisite for successful cus-
tomer choice is a well-functioning wholesale market and the associated institutions,
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described in the previous sections. The agreement between a retail customer and
the retail company is unregulated and can be structured in many ways. For instance,
the price of service can vary by time and season, or other financial and quality of
service conditions .can apply. Retailers can contract with generators, or they can
choose to buy energy directly from the wholesale market or from other supplier
companies, such as aggregators. The retailer pays the wholesale market (or its own
supplier company) for the energy consumed by its retail customers. In addition, re-
tailers can arrange for the provision of network services, or the customer can
arrange for those services directly. There are examples where customers sign sepa-
rate contracts (1) for retail energy, (2) for network services, and (3) for the provi-
sion of metering services.

Therefore, depending on the form of restructuring, retailers can

1. Arrange for supply to meet the customers' loads

2. Arrange transmission and distribution network services and comply with es-
tablished network procedures

3. Arrange contracts with ancillary services providers to meet current standards
for reliability, backup supply, voltage regulation, operating reserves, etc.

4. Match supply with customers' loads, and account for losses and imbalances

5. Schedule sources and demands with the SO

On the other hand, in the UK, for example, retailers do not perform any of these
functions. The pooling arrangement ensures the performance of items (I), (3), (4),
and (5), and the customer makes the necessary network arrangements (item 2).

Regarding energy imbalances, retail contracts (1) tend to be "fixed-price, vari-
able-quantity," (2) do not involve a demand forecast, and (3) usually do not partici-
pate in energy imbalance settlements. Only those agents (retail customers or retail-
ers) that submit demand forecasts or demand bids can incur imbalances and,
therefore participate in these settlements.

Regarding billing, there are many options available. For instance, retailers or
ESPs could offer three billing options:

1. Consolidated Utility Distribution Company (UDC) billing, in which both the
ESP's energy charge and the UDC's network service charge are billed by the
UDC

2. Separate billing, in which the ESP and the UDC send separate bills for their
respective services

3. Consolidated ESP billing, in which the ESP bills both ESP and UDC charges

Retailers do not have direct control of network reliability. As mentioned above, net-
work reliability (e.g., associated with interruptions of supply due to network out-
ages) is the responsibility of transmission and distribution companies. The standard
reliability level must be regulated. In a few cases, retailers must negotiate reliability
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levels with the distribution company, either because the customer wants a different
standard of reliability, or because the customer can negotiate directly with the dis-
tribution company.

Finally, customer choice and retail competition have little effect on the econom-
ic efficiency of the distribution system. Economic efficiency of distribution is relat-
ed to the efficient segregation and allocation of its costs through adequate design of
retail access tariffs (see Section 5.4.3) and to the regulation ofDISCO revenues (see
Section 5.4.4).

5.4.2. Real-Time Prices and Retail Services

Time-sensitive electricity rates, based on estimates of cost differentials, have been
used under traditional regulation for all types of customers, even residential cus-
tomers with meters that discriminate between daytime and nighttime consumption.

Under retail competition and customer choice, some approaches employ remote
metering systems with real-timeprices based on wholesale-market hourly prices,
particularly for industrial and large commercial customers. Users who can manage
their loads as a function of electricity prices can benefit from real-time pricing.
Market prices for each pricing period of the next day can be communicated to all
market participants. Any customer (even a small one) with a computer and Internet
access can obtain this information from the MO's web-site.

Alternatively, loadprofiling can be used with small residential customers with-
out a remote hourly metering system. In Norway, for instance, customers with an-
nual consumption below 500 MWh are invoiced based on estimated load profiles
(see Chapter 7; also see Detroit Edison, 1998). But the use of this technique will be
reduced with the expansion of two-way communication systems and lower prices of
hourly remote metering. Moreover, until now, real-time pricing has had little rele-
vance because (1) very few customers have been capable of adjusting their demand
in real-time, and (2) most customers have been covered by contracts or regulated
tariffs, and have not been affected by fluctuations in market prices. Real-time pric-
ing will bring new opportunities for real-time communications and control busi-
nesses. Small-scale power production, storage equipment, and demand-altering ap-
pliances are new products that retail electricity suppliers can offer to their
customers.

The introduction of retail competition increases price risk because wholesale
market prices would be available to all customers. To protect themselves against
risk, retail customers can create financial arrangements. Futures contracts, options
contracts,forward contracts, and other new kinds of power purchase and financial
contracts will play an important role in the new retail market.

5.4.3. Retail Access Tariffs

Under retail choice, the customer may buy energy from any retailer or directly from
the wholesale market, but the consumer continues to pay a regulated retail access
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tariff. Retail access tariffs include network costs and other costs that the regulatory
authorities decide to charge consumers, e.g., energy efficiency and renewable pro-
gram costs and competition transition charges.

To implement customer choice and retail competition, the regulator must guar-
antee open access to distribution networks under nondiscriminatory and transparent
retail access tariffs. The design of the retail access tariff is critical to ensure equity,
financial stability of the system, and the avoidance of uneconomic bypass (cus-
tomers bypassing the regulated distribution networks).

One method of setting retail access tariffs is to deduct costs avoided by the dis-
tribution utility when the customer chooses another retailer from the full-service
tariff. This is called net-back pricing because the cost of generation and other costs
that are avoided are "netted back" (subtracted) from the normal final tariff to calcu-
late the retail access tariff. In Spain, for instance, retail access tariffs for eligible
customers are calculated from the full retail tariffs charged to regulated customers
for all electricity services (energy + network + other bundled services + system
costs) minus the price of energy. In this way, the following relationship is met:

Retail Access Tariff = Full Retail Tariff-Wholesale Energy Price (5.1)

such that

1. No discrimination is established between regulated and deregulated cus-
tomers; all customers contribute to regulated system costs.

2. Coherency is achieved through economic signals, e.g., network and energy
prices.

3. A unified settlement procedure is used for regulated tariffs (access and full
tariffs).

4. The tariff system takes into account spatial (voltage levels) and time discrim-
ination.

In Argentina, regulated access tariffs are calculated taking into account three
types of costs: (1) wholesale capacity and energy costs, (2) network distribution
costs, and (3) commercial costs. These costs are allocated to the different categories
ofregulated customers (small, medium, and large loads) according to their metering
equipment and the voltage level. Large users, who buy directly from the wholesale
market, pay only the retail access tariff that corresponds to their network distribu-
tion costs. Commercial costs are shared only by small and medium-sized cus-
tomers, and wholesale capacity and energy services are separately contracted (see
Chapter 9).

Distribution network costs are likely to become the main component of retail ac-
cess tariffs. Economic theory suggests that these costs should be allocated among
network users so each transaction would be charged the marginal cost it imposes on
the system, subject to ensuring adequate total revenues for distribution companies.
Studies have shown that marginal distribution costs vary greatly by location and
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time. Distribution network costs will continue to be allocated through the retail ac-
cess tariff among different customer classes and for different voltage levels (high-,
medium-, and low-voltage networks), taking into account practical considerations
such as

1. The number of customers

2. The type ofmeters installed

3. End-use (to reflect different elasticities of demand and to allocate the differ-
ence between marginal cost and total revenue)

4. Bill impacts (from tariff rebalancing)

5. Network topology

6. Economies of scale in system upgrades

5.4.4. Distribution CompanyRegulation

The two main activities traditionally carried out by distribution companies (when
integrated with generation and transmission) have been (1) operation, maintenance,
and investment in distribution networks that connect transmission substations to
customer loads, and (2) selling electricity at retail to final customers. DISCOs have
an obligation to supply all customers with no discrimination in their franchise areas.

Under restructuring and competition, network activities continue to be regulated
because they are considered natural monopolies (see Chapter 2). Distribution regu-
lation must ensure adequate revenues to compensate operation and maintenance
costs and to remunerate capital investments in new installations. Assessment of"ef-
ficient" distribution costs is a difficult task that must be conducted by the regulator
to determine required revenues. Distribution regulated costs can be classified as

• Operation and maintenance of network installations

• Investment in network reinforcements and new installations

• Distribution network losses

• Metering, billing, commercial management, and DSM programs for regulated
customers

With retail choice, distribution companies no longer have the monopoly to sell
energy in their franchise areas. In addition, other traditional distribution activities
can be opened to competition. Consequently, if a distribution company is allowed
to conduct retail or other activities in competition with other retailers, some sort of
separation between the nonregulated and the regulated businesses is required. The
regulator typically imposes rules governing the relationship between the regulated
distributor and their affiliated retail operations.

The regulation of distribution is evolving from the traditional ROR/COS regula-
tion (where distribution was bundled with the rest of utility activities) to PBR regu-
lation, specifically designed for unbundled network activities. Most of restructuring
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experiences that have implemented customer choice (e.g., UK, California, Norway,
Spain, and Argentina) have adopted PBR schemes to regulate DISCOs (see Chapter
4). Quality control mechanisms, associated with the concern that cost reduction can
lead to quality degradation, are being used in most of these PBR schemes. DISCOs
continue to supply energy to customers that are still considered captive or cus-
tomers that have not switched to other suppliers.

EXERCISE 5.1. DETERMINING DISPATCH IN A POOLCO MARKET

Table 5.1 presents the bids that the MO receives from generators to match a project-
ed demand of 1000 MW. Determine which generators would be scheduled and the
market-clearing price. (This problem relies on Fox-Penner, 1997, p. 188.)

EXERCISE 5.2. DETERMINING DISPATCH BASED ON PHYSICAL
BILATERAL CONTRACTS

Table 5.2 presents the physical quantities contracted between buyers and sellers,
with the associated firmness and duration. If firm contracts have dispatch priority
over nonfirm contracts, and longer contracts have priority over shorter contracts,
determine which transactions would be scheduled by the SO in the next hour when
projected demand is 1000 MW. If contract prices would establish the dispatch pri-
ority, as in a poolco market, what would be the scheduled contracts and the market-
clearing price? For economic efficiency, assuming that the demand is inelastic and
the generation market is competitive (contract prices reflect true marginal genera-
tion costs), what is the social welfare loss (see Chapter 2) from bilateral trading

Table 5.1. Generation Bids

Generator

Al
A2
A3
A4
BI
B2
B3
Cl
C2
C3
Dl
El

Quantity (MW)

250
100
100
50

200
50
50

150
100
100
200

50·

Price ($/MWh)

10
16
21
30
12
21
24
14
20
25
23
22
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Table 5.2. Bilateral Contracts

Generator Distributor Quantity Firm (F) or Duration Price
(Seller) (Buyer) (MW) Nonfirm (N) (hours) ($/MWh)

E c 200 F 18 12
A g 150 N 24 20
M a 100 F 24 16
B f 100 'N 4 10
D d 150 F 48 25
F a 250 F 48 14
L k 50 N 16 27
C e 100 F out 13
G h 50 N 4 15

Source: Fox-Penner(1997,p, 192).

when compared to centralized pool trading? (This problem relies on Fox-Penner,
1997, p. 292.)

EXERCISE 5.3. GENERATOR REVENUES AND LONG-RUN CAPACITY

Consider a system with 6000 annual hours of off-peak demand and 2000 hours of
peak demand (ignore the remainder of annual hours). The corresponding demand
functions are

Poffpeak = 25 - (Q/I000)

Ppeak = 65 - (Q/I000)

where P is price (US$/MWh) and Q is quantity (MWh).
The generation system consists of two types of generators (in units of 100 MW

each):

• Type I Generators: Total capacity is 10,000 MW, marginal cost is $15/MWh,
and fixed cost per MW is $70,000/year.

• Type II Generators: Total capacity is 10,000 MW, marginal cost is $22/MWh,
and fixed cost per MW is $56,000/year.

5.3.1•. Compute the short-run supply and demand equilibrium during off-peak
and peak consumption hours.

5.3.2. Calculate the net annual revenues per MW of each generator type: first,
assuming that the last generation bid accepted sets the market price; and second, as-
suming that the demand bid sets the market price.

5.3.3. Calculate what should be the system capacity configuration to ensure the
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long-run equilibrium if the demand bid sets the market price. Note that in a compet-
itive market with free entry and exit, the net annual revenues (after payments for
capital and noncapital inputs) for each generator would be equal to zero. Generators
are able to exactly cover their fixed costs with their short-run operating profits, so
there is no incentive for entry or exit.

EXERCISE 5.4. GENERATOR PROFITS WITH AND WITHOUT A
CONTRACT FOR DIFFERENCES

A generator with 150 MW of capacity and $201MWh marginal cost is selling its en-
ergy by bidding into a poolco market. Last year's market clearing prices were
$50/MWh during peak hours (25% of total period), $30/MWh during shoulder
hours (50% of total period), and $10/MWh during valley hours (25% of total peri-
od).

5.4.1. If the generator's total capacity was available during the entire year, cal-
culate the "variable profits" (revenues minus marginal cost, ignoring fixed costs)
that the generator would obtain from energy sales to the pool if it were bidding ac-
cording to its marginal cost.

5.4.2. Based on this, the generator has made a Contract for Differences (CfD)
with a customer for this year agreeing on a constant quantity of 100 MW at a price
of $30/MWh. However, this year, peak and shoulder market prices (because a sur-
plus of hydroelectric resources) have been depressed to $35/MWh and $25/MWh,
respectively. Compute this year's variable profits. How much would these profits
change if the generator had not made the contract?

5.4.3. Considering the same contract, now assume peak and shoulder market
prices increase to $55/MWh and $35/MWh. Next, compute the generator's vari-
able profits if the available generator capacity has decreased to 75 MW during the
whole year. How would these profits change if the generator had not made the
contract?

EXERCISE 5.5. THE VALUE OF TRANSMISSION EXPANSION
BETWEEN TWO ZONES

Two zones A and B are not electrically connected. Zone A has a demand of 3400
MW and a supply curve that increases $O.Ol/MWh for each MWh supplied. The
market-clearing price in Zone A is $34/MWh (the point where supply and demand
curves intersect in Figure 5.4). Zone B has a demand of 2300 MW and a supply
curve that increases $0.02/MWh for each MWh supplied. The market-clearing price
in Zone B is $46/MWh (see Figure 5.5). Here, demand is completely inelastic, e.g.,
where there are no energy bids from the demand side.

A transmission expansion study examines the economic feasibility of an inter-
connection between A and B. The study's assumptions are
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Figure 5.4. Supplygenerationcurve (SA) and inelasticdemand(DA) in Zone A.

1. The interconnection will be built with 230 kV lines

2. Each 230 kV line has a transfer capacity of 300 MW and an investment cost
of $110,0001km

3. The distance between A and B is 150 kIn
4. The expected equipment life is equal to the loan life of 30 years

5. The real cost of capital (r) is 10%

6. The interconnection would operate at the maximum transfer capacity during
980 hours per year when the generation and demand conditions as given
above in Zones A and B occur

Under these assumptions, the levelized cost per MWh of an interconnection be-
tween A and B equals $6/MWh (see Chapter 3, Section 3.2.1 for calculation of the
levelized cost of an investment).
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Figure 5.5. Supplygenerationcurve (SB) and inelasticdemand(DB) in Zone B.
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5.5.1. Determine the optimal transfer capacity for the interconnection.
5.5.2. If only steps of300 MW are technically feasible for transmission lines be-

tween Zones A and B, determine how many lines (of 300 MW each) can be eco-
nomically justified.

5.5.3. Compute the benefits that market participants (generators A and Band
customers A and B) would obtain from the new interconnection. The generator pro-
ducer surplus is equal to revenues less generation marginal costs given by the sup-
ply curve. The consumer surplus is obtained as the difference between what the
consumer would have been willing to pay (with inelastic demand this is set to a
high value, for example, $250/MWh) and the market price (see Chapter 2 for defin-
ition and computation of consumer and producer surplus). Calculate the.congestion
rents obtained by the interconnection owner. Are congestion rents enough to pay all
investment costs? Propose a possible scheme, based on market participant benefits,
to allocate the investment costs not recovered as congestion charges.

EXERCISE 5.6. CALCULATE NODAL PRICES IN A THREE-BUS
TRANSMISSION SYSTEM

The transmission system represented in Figure 5.6 connects

• Generator 1 with a marginal generation cost of $25/MWh and capacity of
1500MW

• Generator 2 with a marginal generation cost of$45/MWh and capacity of750
MW

• Load 3 of 1200 MW

The three lines experience no losses, have equal length and impedance, and have a
maximum transfer capacity equal to 1000 MW each. To transmit power from one
bus to another, through parallel paths, the flow in each path is inversely proportion-
al to path impedance. That is, if the impedance of one path were double the imped-
ance of the another path, the power flow on the path of lower impedance would be
double the flow on the higher impedance path. (Heuristically, the impedance is the

BUS 1

Gen 1
$25/MWh
1,500MW

BUS3

BUS 2

Load3
1,200MW

Gen2
$45/MWh
750MW

Figure 5.6. Three-bus transmission system.
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resistance that a path presents to the power flow.) Calculate the energy prices at the
three transmission buses, i.e., the nodal prices, in the following situations. (Remem-
ber that nodal prices are calculated in each system bus as the minimum increment of
total system marginal costs to supply a demand increment in the particular bus.)

1. All generation capacity is available.

2. Generator 1 capacity decreases to 900 MW due to a forced outage.

3. All generation capacity is available but the transfer capacity of the line between
buses 1 and 2 decreases to 300 MW. Also, calculate the congestion charge for
the congested path.



CHAPTER 6

THE CALIFORNIA POWER SECTOR

Ryan Wiser, Steven Pickle, and Afzal S. Siddiqui

California offers an instructive case study ofelectric industry restructuring for a va-
riety of reasons. California has been a leader, not only in electricity market reform
efforts in the United States, but also worldwide. It was in California that the devel-
opment of an independent power industry began in the early 1980s. More recently,
California was also among the first U.S. states to open its market to retail competi-
tion. It also developed an open wholesale electricity market with both an hourly
spot market and a transmission/system operator. California has the longest and most
detailed experience with competitive electricity markets in the United States.

Additionally, beginning in the summer of 2000, an electricity crisis gripped the
state, resulting in periodic blackouts, unprecedentedly high wholesale electricity
prices, and a financial catastrophe for the state's electric utilities. Out of this crisis
has emerged a new structure for the electricity sector, one that looks different from
the one envisioned at the onset of the state's restructuring process. The impacts of
the crisis have been profound. Analysts and politicians throughout the world have
used California's electricity restructuring experience to rethink the basic tenets of
electricity reform, and to reconsider the trend toward increasingly open wholesale
and retail electricity markets.

Most of this case study focuses on the design of California's restructured elec-
tricity industry before the crisis. The case study begins with a general overview and
description of California's power system. It then describes the regulatory frame-
work that has shaped the structure of Califomia's electricity sector, pre- and postre-
form. It highlights the design of California's wholesale electricity market, transmis-
sion issues, distribution network regulation, and retail competition. Other aspects of
California's restructured electric system are also discussed. The case study con-
cludes with a review ofearly experience with electricity sector reform in California,
the nature of the state's electricity crisis, its causes, and its possible impacts on the
design of California's future electricity system.

129
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6.1. GENERAL DESCRIPTION OF THE CALIFORNIA
POWER SYSTEM

In late 1996, the California state legislature approved legislation that reorganized
the state's electricity industry and introduced retail competition for California's
electricity consumers starting March 31, 1998. To understand these and related
changes in California's electricity sector it is important to begin by understanding
the basic structure of the electricity system in the state.

More than 3000 electric utilities operate in the US to provide electricity service
to customers. At the end of 1999, the net generating capacity of the US electric
power industry stood at more than 779 gigawatts (Gw) (EIA, 1999a). (Net genera-
tion excludes self-generation units and internal generation uses.) Sales to ultimate
customers in 1998 exceeded 3240 terawatt-hours (TWh) at a total cost ofmore than
US$218 billion (EIA, 1999a). Although most of the utilities in the US are publicly
or cooperatively owned, sales by the 239 private, Investor-Owned Utilities (IOUs)
represent approximately 75% of total electricity sales (EIA, 1999b).

California is the most populous US state, and generation serving California rep-
resents approximately 7% of total generation in the US (EIA, 1998). Before the re-
structuring of the industry in 1998, California's electric industry consisted of both
public and private vertically integrated electric utilities that managed and operated
generation, transmission, and distribution systems in the state. The three largest pri-
vate IOUs are Pacific Gas and Electric Company (PG&E), Southern California Edi-
son (SCE), and San Diego Gas and Electric Company (SDG&E). These three utili-
ties combined have historically served approximately 75% of all load in California.
The remainder of the load has been served by a mix of more than 40 smaller in-
vestor-owned, government-owned, and cooperative utilities; the largest of these are
the Los Angeles Department of Water and Power (LADWP) and the Sacramento
Municipal Utility District (SMUD).

California's IOUs are regulated by

1. The California Public Utilities Commission (CPUC), which has historically
overseen utility rates and operations

2. The California Energy Commission (CEC), which oversees new plant siting
and construction

3. The Federal Energy Regulatory Commission (FERC), which regulates
wholesale electricity trade and interstate transmission

Publicly and cooperatively owned utilities are regulated by municipal, county, and
other oversight bodies, subject to state and federal law.

Each of the main IOUs was, historically, responsible for matching load and re-
sources to maintain electrical reliability and to match scheduled and actual flows at
tie points, where the utilities are connected to other power producers. Each utility,
having an obligation to serve load within its service territory, developed its own
generation and demand forecasts, operated generating plants, and entered procure-
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ment contracts for the fuel used to generate electricity. Each utility also participated
in short- and long-term bilateral contracts for electric power.

6.1.1. Generation

Within California, electricity is generated by more than 1300 power plants. Total
electric generation serving California in 1999 was 259 TWh (including self-genera-
tion). Historically, about 20% of the electricity used in California has been import-
ed from outside the state (approximately half of which is from coal-burning plants
and the other half is hydroelectric).

Until the late 1970s, most electric generating capacity in California was owned
by electric utilities and government agencies. Since the late 1970s, however, whole-
sale competition in electricity generation has been allowed (as discussed in Section
6.2, below). A significant fraction of the total generation serving California now
comes from independent, nonutility generators selling to California utilities. For ex-
ample, in 1996, before electricity restructuring, 81% of California's generating ca-
pacity was utility owned; nonutility generators owned the remaining 19%. After the
utility divestiture of generation beginning in 1998 and stimulated by electricity re-
form, utility ownership dropped to 46% of the total, compared to 54% for nonutility
generators. Most of the nonutility owned generation comes from natural gas and re-
newable energy.

Table 6.1 presents the resource composition of the electric generation serving
California, including in-state electricity generation and imports. California's elec-
tricity supply is diverse, with substantial amounts of gas, hydroelectric, coal, nu-
clear, and renewable energy generation.

6.1.2. Transmission and Interconnections

The electric utilities in California are linked through an extensive network of trans-
mission lines. In California, the main transmission grid consists of 500 kV, some

Table 6.1. Electricity Productionby Generation
Resource (IncludingImports), 1999

Resource

Hydroelectric
Nuclear
Coal
Gasandoil
Renewablesand other

Total

Energy

20.1%
16.2%
19.8%
31.0%
12.2%

259TWh

Source: www.energy.ca.gov/electricity/sb13051
index.html.
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230 kV, and 500 kV DC high-voltage transmission lines. Some larger customers re-
ceive service at these high voltage levels. For smaller customers, the voltage is
stepped down to lower voltages (e.g., 120 volts for residential customers).

The three main investor-owned utilities-PG&E, SeE, and SDG&E-have his-
torically owned and operated the bulk of the transmission grid in California (some
smaller utilities also own pieces of the transmission system). These same utilities
also served as managers of the coordinated operation of the generation and trans-
mission systems, performing economic and technical functions such as security
analysis, economic dispatch, unit commitment, etc. Under restructuring, these 10Ds
were to maintain ownership of their transmission assets and responsibility for their
maintenance. But as discussed in more detail below, an Independent System Opera-
tor (ISO) was created to operate the bulk of the transmission system in the state.

The state of California also has many transmission interconnections with adja-
cent states. This allows for power transfers from throughout the western United
States. The most important of these transfers are with the Northwest and Southwest.
Of the 18% of electricity that came from imports into the state in 1999, the CEC es-
timates that 53% came from the Northwest and 47% from the Southwest intercon-
nections.

6.1.3. Distribution

Distribution power lines generally include line voltages at and below 50 kV. The
distribution networks in California continue to be owned and operated by the vari-
ous utilities in the state, including the three large IODs and the smaller investor-
owned and government-owned utilities. Under restructuring, these companies are
continuing to provide distribution services to all electric customers within their re-
spective service territories.

6.1.4. Consumption

Table 6.2 shows the electricity consumption and number of customers in each cus-
tomer class in California. Regarding electricity consumed in California in 1998,
Table 6.3 shows the breakdown by utility service territory. In total, 75% of total

Table 6.2. ElectricityConsumptionand Numberof Customersin
California, 1998

CustomerClass

Residential
Commercial
Industrial
Other

Total

Source: EIA (1999c).

Customers

11,331,398
1,522,665

39,902
47,000

12,885,000

Consumption (TWh)

75
86
59
7

226
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Table 6.3. ElectricityConsumptionby Utility ServiceTerritory, 1998

Utility Consumption (TWh) Percent of Total

SouthernCaliforniaEdison
Pacific Gas & Electric
Los Angeles Departmentof Water & Power
San Diego Gas & Electric
SacramentoMunicipalUtility District
Other

Total

Source: www.eia.doe.gov/cneaf/electricity/esr/t17a.txt.

76.3
75.7
21.7
16.3
9.1

26.9

226

33.8%
33.5%
9.6%
7.2%
4.0%

11.9%

100%

consumption comes from investor-owned utilities and 25% from government-
owned utilities.

6.1.5. Concentration Levels

The large IOUs continue to own the bulk of the transmission and distribution net-
works in California. Retail competition allowed customers to select alternative en-
ergy service providers. As a practical matter, however, most of the customers who
were eligible for retail competition remained with the incumbent utilities before re-
tail competition was discontinued. Because of the electricity reform process, the
three major IOUs were required temporarily to sell into and purchase from a cen-
tralized Power Exchange (PX). This was to reduce the potential for the abuse of
horizontal market power. Further, the ISO was created to reduce the likelihood of
vertical market power. To reduce concentration levels in electricity generation, the
three major IOUs completed the sale of much of their California fossil-fuel-fired
generating assets, as well as some of their other generating plants. As we discuss
later with respect to the energy crisis in California, however, even these mitigation
measures have been inadequate to protect California's electricity system from the
exercise of market power.

6.1.6. Plant Investment

Total plant investment by investor-owned utilities in the United States, based on in-
formation provided to the Energy Information Administration (EIA), is listed in
Table 6.4. As this table shows, most of the plant investment comes from electricity
production and distribution.

6.1.7. Electricity Prices

Table 6.5 shows California's 1998 electricity rates, by customer class, and com-
pares them to U.S. average rates. Rates in California are clearly higher than the na-
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Table 6.4. Net Electric Utility Plant Investment in the United
States, 1996

Investment Type

Electricity production
Transmission
Distribution
Other

Source: EIA (1997).

Percent of Total Investment

54.6%
11.6%
28.8%

5.0%

tional average; this has been a key driver in the state's restructuring efforts. More-
over, the year 2001 ushered in significant increases in these already high rates as a
result of the state's electricity crisis.

6.1.8. Economic and Energy Indices

California's economic and energy indices may be summarized as follows (source:
www.eia.doe.gov/emeu/states/main_ca.html):

• Population (2000): 33.871 million

• Size: 0.4 million square kilometers

• Gross State Product (2000): $1229B (1996 U.S.$)

• Inflation rate (2000): 4.0%

• Oil production (2000): 741,000 barrels per day (bbl/day)

• Natural gas production (2001): 0.344 trillion cubic feet (Tcf)

• Electricity consumption (2000): 221 million MWh

• Energy consumption per capita (2000): 253 MBtu (second lowest among
states in the United States)

Table 6.5. Electricity Rates in California and the United States ($/MWh), 1998

Customer Class

Residential
Commercial
Industrial
Other

Average

Source: EIA (1999d).

California Electricity Rates

105
97
63
75

90

U.S. Average Electricity Rates

83
74
45
68

68
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6.2. THE NEW REGULATORY FRAMEWORK

Although California was one of the first U.S. states to inject competition into its
electricity market, many changes enacted in the state emerged from a series of
broader regulatory changes at the national level. In the United States, the federal
government regulates interstatecommercial transactions and the states have author-
ity to regulate intrastatecommerce. In the electricity industry, this division ofregu-
latory power has typically meant that the federal government (through the Federal
Energy Regulatory Commission, or FERC) has overseen wholesale electricity
transactions and issues related to transmission pricing and access. The state com-
missions (frequently termed public utility, public service, or corporation commis-
sions) have regulated retail electricity transactions and access to the distribution
grid. To understand California's new market structure and regulatory system, it is
necessary to first introduce key federal legislation and regulations.

6.2.1. U.S. Federal Legislation and Regulation

6.2.1.1. Public Utility Holding Company Act of 1935. The current structure
of the U.S. electric power industry was established with the passage of the Public
Utility Holding Company Act (PUHCA) in 1935. PUHCA's purpose was to break
up the large, and essentially unconstrained, holding companies that then controlled
much of the country's electric and gas distribution networks. Under the Act, the Se-
curities and Exchange Commission (SEC) was given the power to break up inter-
state utility holding companies by requiring them to divest their holdings until each
became a single consolidated system serving a circumscribed geographic area. The
law further required electricity companies to engage only in business activities es-
sential and appropriate for the operation of a single, vertically integrated utility.
This restriction virtually eliminated the participation of nonutilities in wholesale
electric power sales. PUHCA also required that any utility engaging in interstate
electricity trading or transmission be regulated by the Federal Power Commission,
which, in 1977, became FERC (EIA, 1993, 1996).

6.2.1.2. Public Utility Regulatory Policies Act of 1978. The landscape creat-
ed by PUHCA remained largely intact until 1978 when, spurred by increased con-
cern over U.S. dependence on foreign oil in the wake of the OPEC oil embargo and
by increased environmental awareness, the U.S. Congress passed the Public Utility
Regulatory Policies Act (PURPA). Designed to promote energy efficiency and in-
crease cogeneration and renewables, PURPA was significant for the utility industry
because it ensured a market for nonutility generated electricity.

PURPA established a new category of independent electricity generators called
qualifyingfacilities (QFs). These were defined as nonutility power wholesalers that
were either (1) cogenerators or (2) small power producers using specified renew-
able energy resources. (Eligible renewable resources included biomass, waste, geo-
thermal, solar, wind, and hydroelectric power under 30 MW.) Under the law, utili-
ties were required to purchase whatever electricity was offered from any QF at a
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rate equal to the purchasing utility's incremental or avoided cost of production
(PURPA, 1978; EIA, 1996; Watkiss and Smith, 1993). Although competitive bid-
ding has been used to set avoided cost payments in recent years, many early QF
contracts were set at high, fixed avoided cost levels. (This is discussed further be-
low in the section on stranded cost issues.) PURPA served as a first step in opening
the wholesale electricity market to competition and allowing participation by nonu-
tility entities.

6.2.1.3. Energy Policy Act of 1992. The introduction of wholesale competition
was furthered with the passage of the Energy Policy Act (EPAct) in 1992. As with
PURPA, concern about America's oil dependence-heightened by the 1991 war
with Iraq-was a key driver of the new energy regulations outlined in EPAct. Pro-
visions dealing with the utility industry were also driven (1) by an increased aware-
ness of the benefits of new, more decentralized generation technologies, and (2) by
an increased sense in academic and policy communities that economic efficiency
gains could be realized through the introduction of competition into electricity mar-
kets (Joskow and Schmalensee, 1983; Kahn, 1988; Hausker, 1993; Watkiss and
Smith, 1993; Joskow, 1997).

In brief, EPAct substantially reformed PUHCA and made it easier for a broader
array of nonutility generators to enter the wholesale electricity market by exempt-
ing them from PUHCA constraints. The law made these changes by creating a new
category ofpower producers called Exempt Wholesale Generators (EWGs). EWGs
differ from PURPA QFs in two ways. First, EWGs are not required to meet PUR-
PA's cogeneration or renewable fuels limitations. Second, utilities are not required
to purchase power from EWGs. Instead, marketing of EWG power is facilitated by
provisions in EPAct that give FERC the authority to order utilities to provide access
to their transmission systems on nondiscriminatory terms. Specifically, EPAct in-
structs FERC to require utilities to make transmission service available at ''just and
reasonable" rates, designed to cover all "legitimate, verifiable, and economic
costs," subject to the condition that any incremental costs be recovered from the en-
tity seeking transmission service and not from the transmitting utilities' existing
customers (EPAct, 1992; Hausker, 1993; Watkiss and Smith, 1993; EIA, 1996).

These transmission provisions paved the way for open-access wholesale electric-
ity transactions on a national basis. This new market has been especially significant
for smaller, transmission-constrained utilities that are no longer dependent on adja-
cent utilities for wholesale power. Whereas EPAct established a legal framework
for widespread wholesale competition, the specifics of the wholesale market were
laid out later in FERC Orders 888 and 889.

6.2.1.4. FERC Orders 888 and 889. Following EPAct, FERC began to review
and mandate wholesale transmission requests on a case-by-case basis beginning in
1993. (FERC's first ruling mandating wholesale transmission access came in Octo-
ber 1993 in Florida Municipal Power Agency v. Florida Power & Light Co.) While
hearing case-by-case requests, FERC was also looking for a more comprehensive
way to mandate terms for open-access wholesale electricity transactions.
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After issuing an initial set ofproposed rules in a document known as the "Mega-
NOPR" and taking comments, FERC released two major rules on transmission ac-
cess in Spring 1996. (NOPR stands for "notice of proposed rulemaking.") These
rules, termed Orders '888 and 889, spelled out the specific details and requirements
for wholesale electricity transactions and established a real-time, transparent trad-
ing communications system. In brief, Order 888

• Requires all utilities under FERC jurisdiction to file nondiscriminatory open
access transmission tariffs, available to all wholesale buyers and sellers of
electricity

• Requires utilities to take service under their filed tariff rates for their own
wholesale electricity purchases and sales

• Allows utilities to recover all legitimate, prudent, and verifiable but now un-
economic (Le., "stranded") wholesale costs and investments incurred before
July 1994

(We discuss stranded costs-a key issue in the US debate over utility industry re-
structuring-in Section 6.6.)

The first two of these provisions were intended to enable all electricity providers
to have access to the transmission grid on equal terms for both point-to-point and
network transmission services, including ancillary services. The final provision rec-
ognized the legitimacy of utility concerns regarding the recovery of costs incurred
under a different regulatory regime and with different expectations about the likeli-
hood of cost recovery. Finally, Order 888 required that municipal and other utilities
not under FERC jurisdiction nonetheless provide reciprocity should they wish to
avail themselves of the open access tariffs offered by utilities complying with the
FERC order. In other words, the reciprocity rule ensures that if a municipal utility
wanted to purchase transmission service from an IOU under the terms of Order 888,
they must offer service on similar terms (FERC, 1996a; EIA, 1996).

On the same day it issued Order 888 FERC also issued Order 889. This com-
pelled utilities to create and use an Open Access Same-time Information System
(OASIS) providing all transmission customers with standardized electronic infor-
mation on transmission capacity, prices, and other essential market information.
The rule also requires that transmission operations personnel at utilities function in-
dependently of generation and wholesale trading personnel. Finally, although not
mandating the creation of independent system operators (ISOs), Order 889 encour-
ages the creation of ISOs and recognizes that they would fall under FERC's juris-
diction (FERC, 1996b; EIA, 1996). Subsequent orders have clarified FERC's posi-
tion on the formation, design, and governance of regional transmission
organizations and ISOs.

6.2.2. California State Regulation and Legislation

6.2.2.1. California Public Utilities Commission Activity. As federallegisla-
tion and regulations began to restructure the US electricity industry, regulatory offi-
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cials in California started to investigate the possibility of even more sweeping
changes. In the early 1990s, the California Public Utilities Commission (CPUC) be-
gan to explore the possibility of introducing some form of retail competition within
the state's three investor-owned and CPUC-regulated utilities. California was
emerging from an economic recession. At the same time, the state's electricity
prices were more than 40% higher than the national average (even for industrial
customers) and as much as twice those in neighboring states (EIA, 1995).

Concerned about the loss of businesses seeking cheaper electric rates and aware
of successful deregulation and cost savings in other industries, the CPUC issued its
Yellow Paper in February 1993. It detailed options for introducing retail competi-
tion in electricity service (CPUC, 1993; Pickle, Marnay, and Olken, 1997). Besides
competitiveness concerns and deregulation experience in other industries (e.g.,
telecommunications, natural gas, and transportation), drivers behind the move to-
ward retail competition in California also included (1) an increased perception of
the inefficiencies of traditional ROR regulation, (2) a desire to tap new and poten-
tially more cost effective generation technologies, and (3) advances in communica-
tions and information technologies necessary for price discovery and the un-
bundling of various electricity-related services (see Joskow and Schmalensee,
1983; EIA, 1996; Pickle, Mamay, and Olken, 1997).

In April 1994 the CPUC released a follow-up document called the Blue Book.
The Blue Book advanced a more detailed proposal for retail competition in the ser-
vice territories of the three major California IOUs. Specifically, the Blue Book
called for (Blumstein and Bushnell, 1994; CPUC, 1994):

• The introduction of a comprehensive wholesale spot market trading system
(e.g., similar to a UK-style poolco)

• The introduction of (1) a nonbypassable Competition Transition Charge
(CTC) designed for the recovery of utility stranded costs and assets and (2)
another similar, but much smaller charge, to fund public-purpose programs
(discussed in Section 6.6)

• The use of performance-based ratemaking (PBR) in place of traditional ROR
regulation for transmission and distribution

• A gradual phase-in of retail competition and direct access beginning in 1996
and ending in 2002.

The CPUC made clear that the Blue Book was proposing retail competition for
generation only. "Transmission and distribution services," wrote the Commission,
"as well as system control and coordination services, will continue to receive regu-
latory oversight" (CPUC, 1994, p. 31). The regulation and general pricing guide-
lines for transmission and distribution services are discussed further in Sections 6.4
and 6.5.

The primary purpose of the Blue Book was to elicit comment on the CPUC's
proposals. After taking comment, the CPUC issued its decision on the introduction
of retail competition in December 1995 (CPUC, 1995). The primary difference be-
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tween the Blue Book and the CPUC's final decision was the CPUC's full adoption
of a dual bilateral and poolco system; the decision established a structure that would
give consumers the option of conducting bilateral trades, pool-based trades, or both
(Bushnell and Oren, 1997).

To create this hybrid structure, the decision called for the creation of two new
entities, a PX designed to serve as a clearinghouse or spot market for supply and de-
mand bidding, and an ISO charged with managing grid operations (CPUC, 1995;
Bushnell and Oren, 1997). Although the CPUC's decision established the structure
for the new California market, it quickly became clear that the scope of the changes
envisioned in the decision was greater than the CPUC could mandate on its own.
Retail competition in California would require legislative action by the California
State Assembly and Senate.

6.2.2.2. Legislative Activity and AS 1890. After a series of hearings and de-
bates, the California State Legislature endorsed the CPUC's proposed market struc-
ture with the passage of Assembly Bill 1890 (A.B 1890) in August 1996. Signed by
the Governor on September 23, 1996, AB 1890 provided the legal basis for compe-
tition for electricity service in California. In brief, AB 1890

• Called for the establishment of a PX and an ISO as independent, public-bene-
fit, nonprofit market institutions to be overseen by a five-member Oversight
Board

• Required California's IOUs to commit control of their transmission facilities
to the ISO

• Allowed for direct, bilateral electricity trading

• Called for a transition to retail competition beginning January 1, 1998, and to
be completed by March 31, 2002

• Called for a cumulative 20% rate reduction by 2002 (beginning at 10% in
1998) below 1996 rates for residential and small commercial customers with
financing for the reduction to be "securitized" by the issuance of nonrecourse
state bonds designed to allow the consolidation of specific utility obligations
at lower interest rates and to be repaid by all residential customers with a non-
bypassable charge

• Permitted up to 100% of utility stranded costs to be recovered by a nonby-
passable CTC, provided it could be collected under the rate cap during the
transition period

• Established a separate charge to pay for public-purpose programs designed to
support (1) low-income ratepayer assistance and (2) energy efficiency activi-
ties, research and development, and renewable energy during the transition
period

• Encouraged the divestiture of generation assets by the state's two largest
IODs (PG&E and SeE) to mitigate the abuse of market power

• Encouraged, but did not require, government-owned utilities to offer direct
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access, but did require government-owned utilities to offer reciprocity ifseek-
ing to sell power into new retail markets in California

• Established functional separation of generation, transmission, and distribu-
tion, and rules for unregulated utility affiliates

AB 1890 gave the CPUC authority to issue clarifying orders detailing the rules
and procedures required to initiate competition in California. Key among these de-
cisions was the CPUC's determination to allow all IOU customers access to the
new market simultaneously on January 1, 1998 (CPUC, 1997a). The CPUC also
ruled that competition should be allowed in the provision of metering and billing
services (CPUC, 1997b).

Just weeks before the scheduled January 1998 market start date, the CPUC was
forced to postpone the opening of the market due to difficulties associated with in-
stalling and testing new computer systems. Because of this delay, California's com-
petitive market for electricity opened three months late on March 31, 1998. On that
date, all retail customers served by the state's three major IOUs became eligible to
take service from new power providers. Approximately two years later, during the
summer of2000, the state's experiences with electricity sector reform degraded into
crisis.

Table 6.6 reviews the chronology ofkey legislation and regulatory decisions dis-
cussed in this section. In the next four sections, we discuss in more detail the imple-
mentation ofAB 1890 and the specifics of the new market design and structure. The
final section discusses the early experience with electricity reform and the crisis
that followed.

6.3. THE WHOLESALE ELECTRICITY MARKET AND INSTITUTIONS
IN CALIFORNIA

In this section, we discuss the wholesale side of the market. In particular, we dis-
cuss two key institutions (and several related players) that were created by AB 1890
for wholesale electricity trading in the new California market:

1. A wholesale spot market, the California Power Exchange (PX)

2. The new grid operator, the California Independent System Operator (ISO)

One of these institutions, the PX, ceased operations in early 2001 due to the elec-
tricity crisis. Figure 6.1 illustrates the roles of and relationships between key play-
ers on both the wholesale and retail sides of the new California electricity market
created by AB 1890.

6.3.1. The Power Exchange

Located in Alhambra, California, the California PX was created as a nonprofit cor-
poration. Its primary purpose was to provide an efficient, short-term competitive
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Table 6.6. Chronology of Key Legislative and Regulatory Developments

1978 PURPA passed

1992 EPAct passed

1993 CPUC "Yellow Paper"

1994 CPUC "Blue Book"

1995 (March) FERC issues
"Mega-NOPR"

1995 (December) CPUC issues
D.95-12-063

1996 (April) FERC issues Orders
888 and 889

Date

1935

1996 (August)

1997

1998 (March)

Summer 2000

Legislation, Ruling,
or Event

PUHCA passed

AB 1890 passed and
subsequently signed
into law
AB 1890
implementation rulings

California market opens
March 31

Electricity crisis begins

Significance

Interstate holdings restricted, monopoly ser-
vice territories required, wholesale market re-
stricted to utilities only, wholesale trading reg-
ulated by FPC (later FERC).
QFs established; utilities compelled to pur-
chase QF energy.
EWGs established; nondiscriminatory trans-
mission access required.
CPUC investigates possibility of instituting re-
tail competition.
CPUC proposal for introduction of retail com-
petition in California.
FERC's initial proposal for uniform open
access transmission rules and stranded cost re-
covery.
CPDC's decision calling for the introduction
of competition in California's IOU operated
electricity market via a hybrid pool and bilat-
eral system.
Orders require utilities to file and use open
access transmission tariffs; allows for whole-
sale stranded cost recovery; calls for creation
of an open access same-time information sys-
tem (OASIS) for electricity trading.
California law formally mandating competi-
tion for the state's IODs and establishing the
terms for full competition statewide.
In accordance with AB 1890, CPUC issues
rulings spelling out procedures for instituting
competition; eliminates customer phase-in; ex-
tends competition to meter and billing ser-
vices.
After a three-month delay caused by computer
glitches, California's new electricity market
formally opens.
The beginnings of the electricity crisis: high
wholesale power prices, degraded electricity
reliability, and financial losses for the state
electric utilities.
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Figure 6.1. California marketstructure. (Source: California PowerExchange.)

energy market that met the loads ofPX customers at market prices. The PX was one
of a potentially unlimited number of schedulingcoordinators authorized to submit
balanced schedules and other information to the ISO, which would then conduct
real-time dispatch. The PX was operational from the beginning of 1998 through
early 2001, at which point it ceased operations. During its period ofoperation, how-
ever, the PX was the most significant player in wholesale electricity trade in the
state.

Key features of the PX included the following (California Power Exchange,
1998):

• The PX was open on a nondiscriminatory basis to all suppliers and pur-
chasers.

• The PX calculated the price of electricity hourly for the day-ahead and hour-
ahead (later, day-of) markets, according to the supply and demand bids sub-
mitted by PX participants.

• PG&E, SeE, and SDG&E, which together represent approximately 75% of
the electricity sold in California, were initially required to buy all their elec-
tricity from and sell all their generation through the PX. This requirement,
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which was implicated as a significant cause of the electricity crisis, was elim-
inated in 2001.

To participate in the PX market, a prospective participant was required to meet
many eligibility requirements, including credit worthiness, identifying metered en-
tities served, etc. Once certified, a participant was allowed to trade in the 24 hourly
periods for next-day delivery in the day-ahead market and in the single-hour period
for the hour-ahead (and later, day-of) market. Each trade incurred a mutual obliga-
tion for payment between the PX and its market participants (Moore and Anderson,
1997). We touch on the operations of these two markets here and also briefly de-
scribe the block-forward market developed by the PX.

6.3.1.1. The Day-Ahead Market. Procedures for trading in the day-ahead mar-
ket were as follows (California Power Exchange, 1998; Moore and Anderson,
1997):

• For each hour of the 24-hour scheduling day, participants submitted
supply/demand bids to the PX.

• Once bids were received, the PX validated them. Validation consisted of (1)
verifying that the content of the bid complied with the requirements of the
bid format and (2) checking for consistency with data contained in a master
file.

• Once the bids were validated, the PX constructed aggregate supply and de-
mand curves from all bids to set a market-clearing price (MCP) for each hour
of the 24-hour scheduling day. The MCP was set at the intersection of supply
and demand.

• The PX also determined if the submitted bids could create a potential over-
generation condition. If a potential overgeneration condition occurred, the PX
was required to inform the ISO. The PX had rules to follow to resolve over-
generation when it occurred.

• Bids initially submitted into the day-ahead auction did not have to be attrib-
uted to any particular unit or physical scheduling plant. Such a bid is a portfo-
lio bid.

• Portfolio bids that were accepted into the day-ahead market were then broken
down into generation-unit schedules that were submitted to the ISO along
with adjustment bids (to relieve congestion) and ancillary service bids.

• The ISO then determined, based on all unit-specific supply bids and location-
specific demand bids, whether there would be congestion. If there might be
congestion, the ISO used adjustment bids to submit an adjusted schedule to
the PX and other scheduling coordinators.

• These adjusted schedules and ISO-determined usage charges became the
foundation for zonal MCPs (discussed below) and the final schedule submit-
ted to the ISO.
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• Schedules could consist of imports, exports, transfers, or generation. Genera-
tor schedules were modified to compensate for transmission losses.

6.3.1.2. The Hour-Ahead/Day-Of Market. This market originally began as an
hour-ahead market but was reconfigured in January 1999 to a day-ofmarket to ac-
commodate market participants. In the original hour-ahead market, bids were sub-
mitted to the PX at least 2 hours before the hour of operation. These were unit-
specific bids; portfolio bids were not allowed. The purpose of this market was to
give participants an opportunity to make adjustments based on their day-ahead
schedules so that they could minimize real-time imbalances. The MCP was deter-
mined the same way as the day-ahead market. The PX announced price and traded
quantities to PX participants immediately after the hour-ahead market was closed.

Due to the lack of activity in the hour-ahead market, however, the PX introduced
the day-of market. The day-of market was similar in some respects to the earlier
hour-ahead market, but conducted its 24 hourly auctions during three auction peri-
ods at 6 a.m., noon, and 4 p.m. Auction period prices became available throughout
the day.

6.3.1.3. Block-Forwards Market. The California PX also developed a block-
forwards market intended to offer price hedging services. The block-forwards mar-
ket offered participants standardized contracts for on-peak energy on a forward
month basis. Each contract was based on a specific future month at a specific quan-
tity for the 16-hour on-peak period, from 6 a.m. to 10 p.m., excluding Sundays and
designated holidays. Trading was conducted between 6 and 10 a.m. weekdays, and
prices were posted publicly at 1 p.m. on trading days. Electricity was required to be
delivered to a specific California point. Essentially, the block-forward market was a
means for market participants to hedge against price volatility in day-ahead trading
(California Power Exchange, 1999).

6.3.2. The Independent System Operator

Located in Folsom, California, and charged with ensuring open access and main-
taining the reliability of the transmission grid, the ISO

1. Coordinates day-ahead and hour-ahead schedules from all schedule coordina-
tors and determines adjustments to relieve congestion

2. Buys and provides ancillary services as required

3. Controls the dispatch of generation

4. Performs real time balancing of load and generation

We touch briefly on these tasks, beginning with congestion management.

6.3.2.1. Congestion Management. The ISO manages transmission congestion.
The price of transmission services is based on marginal-cost, locational pricing
through zonal transmission usage charges (Bushnell and Oren, 1997; Moore and
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Anderson, 1997; Shirmohammadi and Gribik, 1998). Rather than detail the ISO's
congestion management role here, we have included a discussion of congestion is-
sues in the following section that covers transmission pricing generally.

6.3.2.2. Ancillary Services. In its role of ensuring electricity reliability, the ISO
oversees an ancillary services market and schedules ancillary services that have
been provided by scheduling coordinators. These ancillary services include (1) au-
tomatic generation control, (2) spinning reserve, (3) nonspinning reserve, (4) re-
placement reserve, (5) reactive power, and (6) black-start generation. (This last ser-
vice is also known as "startup service" and consists of generating units that can
provide energy to the network without any outside electricity.) The ISO holds
hourly auctions for the first four services, and purchases reactive power and black-
start generation under long-term contracts. (These services are provided by generat-
ing plants with ReliabilityMustRun, RMR, contracts.)

Considerable attention has been paid to the operational experience and problems
encountered in the ancillary services market (Gomez, Mamay, Siddiqui, Liew, and
Khavkin, 1999). Although the ancillary services auction process is designed to be
competitive, due to a lack of bidders, the ISO imposed price caps to prevent market
participants from using their market power to increase prices (Wolak, Nordhaus,
and Shapiro, 1998).

6.3.2.3. The Real- Time Market. When it comes time to conduct actual dis-
patch, the ISO uses a real-time market to adjust power generation to match load in
real time. This process is conducted using bids for supplemental energy (i.e., capac-
ity that has not been scheduled) and the generating units providing ancillary ser-
vices. The ISO sorts the bids by price into merit order and calls upon the bidders
when it is necessary to adjust the balance between generation and load. The last unit
called upon in each ten-minute trading period defines the equilibrium price in the
real-time market.

Real-time imbalances result from differences between scheduled and metered
values for supply and demand. When meter data are processed, the imbalance for
each hour in each zone is calculated as the difference between the participant's use
of power resources (generation and purchase contacts) and power commitments
(sale contracts and consumption). Participants are charged for the difference be-
tween actual and scheduled load based on the price in the real-time market. Al-
though this market was intended to only address small imbalances between supply
and demand in real time, immediately after the PX ceased operations, a consider-
able amount of electricity trading was taking place in the real-time market.

6.3.3. Bilateral Trading

Since the inception of retail competition in 1998, wholesale electricity trading in
California could have been conducted either in the PX (during its existence) or
through bilateral agreements (or through the ISO in the real-time market). In all
cases, trades must be scheduled with the ISO. As such, the chiefdifference between
bilateral and PX trading lies in which scheduling coordinator provides the required
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scheduling information, As with the PX, independent scheduling coordinators ofbi-
lateral trades must provide the ISO with balanced schedules and settlement-ready
meter data. Independent scheduling coordinators can aggregate supply and demand
bids and could effectively compete with the PX (before its closure).

Further, as in other wholesale electricity markets, buyers and sellers have the op-
tion ofengaging in financial rather than, or in addition to, physical trades. Although
we do not discuss these types of agreements in detail here, financial arrangements
take the fonn of exchange-based futures, options contracts, and nonexchange for-
ward agreements, including contracts-for-differences (CfDs). The New York Mer-
cantile Exchange (NYMEX) has offered a number of futures and options contracts
for delivery at the California-Oregon border, at the Palo Verde interchange (in
southeast California), and at other locations. For a review of these and other finan-
cial instruments used to hedge risk in wholesale electricity trading, see Stoft,
Belden, Goldman, and Pickle (1998).

6.4. TRANSMISSION ACCESS, PRICING, AND INVESTMENT

Before the development of retail competition in California, limited wholesale
competition for electricity generation existed. Within this system, EPAct and
FERC required open, nondiscriminatory access to the transmission system, as dis-
cussed in Section 6.2. Typically, each integrated electric utility imposed transmis-
sion charges on generators through capacity-based, finn, take-or-pay contracts.
Each of the three major IOUs in California was responsible for the reliable oper-
ation of their transmission systems. Transmission congestion was managed inter-
nally by each utility and through coordination among the various utilities. Explicit
congestion charges were not collected, although redispatch costs were effectively
included in tariffs. Transmission investment and planning were managed by indi-
vidual utilities and regional transmission groups, and overseen by state and feder-
al utility regulators.

Electricity restructuring in California required new structures for transmission
access, pricing, investment, and regulation, much of which was developed through
a process ofnegotiation and compromise. The structure itself emerged from

1. The CPUC's December 1995 decision

2. The state's restructuring legislation (AB 1890)

3. The subsequent FERC filings by the IOUs (WEPEX, 1996; ISO/PX, 1997)

4. The ISO operating agreement and tariff (ISO, 1998)

Under restructuring, the ISO has responsibility for operating the transmission
grid of the three large IOUs and, if necessary, rationing access to congested paths.
The ISO provides transmission access on a nondiscriminatory basis to all parties.
The IOUs, however, continue to own the transmission assets, and earn a regulated
rate ofretum on those assets. As described by Bushnell and Oren (1997), there are
three types of transmission charges in California:
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1. Transmission access charges to recover the sunk costs of transmission in-
vestment

2. Congestion charges to reflect the operational costs of transmission conges-
tion

3. Loss compensation to reflect the operational costs ofusing the grid

6.4.1. Access Charges

The access charges, or network tariffs, were designed to recover the full revenue re-
quirements (i.e., all network and investment costs) of the transmission facilities
transferred to the ISO's operational control by each transmission owner (primarily
the three IOUs, although government-owned utilities could also join). The access
charges are levied on all end-use customers withdrawing energy from the ISO-con-
trolled grid. They are designed as a single, rolled-in rate that is uniform for similar
customers in each utility's service area.

Actual rates and allocation methods were, at least initially, established by the
CPUC for the major IOUs. Although it has been controversial, a major attraction of
this form of cost allocation is the minimization of cost-shifting across utilities and
between customers of each existing utility. To help overcome the free-rider prob-
lem, utilities found to be "dependent" on the transmission assets of another utility
are responsible for paying some of the revenue requirement of that utility's trans-
mission assets.

6.4.2. Transmission Congestion Charges

Transmission congestion occurs whenever power deliveries are limited by the size
or availability of transmission resources needed to serve load. The purpose of con-
gestion management is to allocate the use of, and determine the marginal value of,
constrained transmission lines. In its pure form, to alleviate congestion, locational
prices should be defined at every bus of the network through "nodal" pricing (see
Chapter 5, this volume; Schweppe, Caramanis, Tabors, and Bohn, 1988).

To simplify this approach, buses in California have thus far been combined into
pricing "zones"; a zone is a part of the ISO-controlled grid within which congestion
is expected to occur infrequently, so every bus will therefore have the same loca-
tional price. Four zones have been defined in California: Northern and Southern
California, San Francisco, and Humboldt county. Only two of these zones have
been active-Northern and Southern California-so the ISO has only calculated
congestion charges between these two zones.

Though the ISO has ultimate responsibility for congestion management on the
ISO-controlled grid, the PX and other scheduling coordinators have been the "mar-
ket makers." One controversial aspect of separating these two responsibilities was
the extent to which the ISO, an entity that is not supposed to be involved in com-
mercial decisions, could use economic criteria to ration transmission resources. (In
a nodal-pricing, pool-based system, the pool would have unlimited use ofeconomic
criteria to manage congestion.) Although the ISO in California is allowed to use
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some economic criteria (specifically, "adjustment bids" submitted by the schedul-
ing coordinators from their specified "preferred schedule"), there has been concern
raised that restrictions placed on the ISO might not result in least-cost congestion
management (Stoft, 1996). The resulting dispatch and prices could be less efficient
than if the ISO could adjust all resources economically.

In practice, to manage interzonal congestion in the day-ahead market, the ISO
combines the preferred schedules from all scheduling coordinators to assess the fea-
sibility of the combined schedule regarding coverage of losses, ancillary service re-
quirements, reserve requirements, security criteria, and transmission capacity.
When the aggregated schedule results in a congested interface between zones, the
ISO uses "adjustment bids" to adjust schedules in the zones at the two ends of each
path, and to determine the final day-ahead schedule and zonal prices to minimize
total congestion costs. The zonal price differences, reflecting the use of adjustment
bids, is then charged to all scheduling coordinators (including the PX, during its ex-
istence) as a transmission usage charge applied to all inter-zonal transmission
flows.

In the hour-ahead market, if the combined schedules result in interzonal conges-
tion, then the ISO will adjust schedules to relieve congestion. The resulting hour-
ahead transmission usage charges are only applied to the difference between the in-
terzonal flows in the day-ahead schedule and the actual real-time interzonal flow.
Finally, if interzonal constraints appear in real time, the ISO can use its ancillary
service generation or the final hour-ahead adjustment bids from scheduling coordi-
nators to manage the constraint.

The main use of the zones is to determine the transmission usage charge across
zones and to establish locational differentiation of power prices when interzonal
congestion exists. The transmission usage charge is effectively a congestion charge
collected by the ISO from the scheduling coordinators (including the PX). It is de-
fined as the difference in zonal prices that is applied to the flow along the congested
interties linking the congestion zones. Scheduling coordinators with schedules that
relieve congestion on a congested interface receive a credit equivalent to the differ-
ence in zonal prices. Revenues collected from the transmission usage charge are
credited against the revenue requirements of the various electric utilities and there-
fore reduce access charges.

Thus far, we have described the mechanics of interzonal congestion manage-
ment and pricing. It is also possible, however, for congestion to occur withina zone.
If congestion occurs within a particular zone (intrazonal congestion), the ISO uses
adjustment bids to alleviate the congestion at minimum cost, and a zone-by-zone
grid operations charge is imposed to collect the costs of using the adjustment bids
from all transmission users based on their consumption.

In April 1999, the ISO approved the formation of firm transmission rights
(FTRs; see Chapter 5, Section 5.3). An FTR is a contractual right that entitles the
holder to receive a part of the usage charges collected by the ISO when interzonal
congestion exists. FTRs allow the market participant that holds the interface rights
to collect congestion charges whether or not it transmits power through that inter-
face. The ISO conducts an annual FTR clearing price auction for each FTR market
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corresponding to different transmission paths from an originating zone to a receiv-
ing zone. FTRs allow market participants to hedge price risk associated with the in-
cidence of congestion.

6.4.3. Transmission Losses

Each scheduling coordinator ensures that each generating unit for which it submits
balanced schedules provides sufficient energy to meet both its demand and its esti-
mated marginal contribution to transmission losses. Scheduling coordinators (1)
can self-provide transmission losses by submitting a balanced schedule that in-
cludes the appropriate quantity of transmission losses, or (2) can settle obligations
for transmission losses with the ISO using the real-time imbalance energy market.

Transmission loss responsibilities are determined through a power flow model
that calculates a "generation meter multiplier" for each generator location. These
multipliers can, in turn, be used to calculate the total demand that can be served by
a given generating unit in a given hour, taking account of transmission losses.

6.4.4. Investment and Planning

Transmission planning and investment decisions for those utilities participating in
the ISO were intended to be coordinated by the ISO, with participation from region-
al transmission planning organizations. The ISO, a participating utility, or any other
market participant could propose to the ISO a transmission system addition or up-
grade if it would promote economic efficiency or maintain system reliability. The
ISO was expected, in cooperation with regional transmission organizations and
state and federal regulators, (1) to determine when and where new transmission in-
vestment would be required and (2) to assign the costs to the various beneficiaries
of the addition or upgrade in proportion to their net benefits. The utilities would
then be required to make the necessary investments, the costs for which would be
recovered from benefiting market participants and/or through the access charges.
FERC can also require transmission investments. As a practical matter, however,
few transmission investments have taken place since California's market opened
for competition.

6.5. DISTRIBUTION NETWORK REGULATION AND
RETAIL COMPETITION

Although industry restructuring in California required the IOUs to turn over trans-
mission control functions to the ISO, the IOUs retained control over the distribution
network, which remains regulated by the CPUC. Shorn of their transmission and
generation control functions, these restructured "wires" utilities were called utility
distribution companies (UDCs). In this section, we discuss the role and regulation
of UDCs and the distribution services they provide, as well as their relationships
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with the competitive energy service providers (ESPs) that were allowed to compete
for customers in California beginning in 1998.

6.5.1. Regulation of the Distribution Network

As noted earlier, the distinction between interstate and intrastate commerce in the
United States forms the dividing line between federal (interstate) and state (in-
trastate) regulatory control. The distinction between interstate and intrastate elec-
tricity sales has, in general terms, been simplified into a distinction between whole-
sale and retail transactions. Whereas federal regulators have focused on wholesale
transactions, state regulators in the United States have typically overseen utility dis-
tribution networks because these are more closely related to retail electricity con-
sumption.

With competition, however, the precise dividing line between transmission and
distribution systems has become more important. The FERC sought to clarify the
distinction between federal and state authority in Order 888 by articulating seven
criteria that distinguish local distribution facilities from interstate transmission fa-
cilities. These criteria form the basic dividing line between state and federal control
in the United States and are the following.

1. Local distribution facilities are geographically close to retail customers.

2. Local distribution facilities are primarily radial in character.

3. Power flows into local distribution networks; it rarely flows out.

4. When power enters a local distribution system, it is not transported to some
other market.

5. Power entering a local distribution system is consumed in a comparatively re-
stricted geographical area.

6. Meters are based at the transmission/distribution interface to measure flows
into the local distribution system.

7. Local distribution systems are reduced voltage systems.

The CPUC regulates distribution services based on these criteria. Under AB 1890,
the UDC provides distribution services as a regulated monopoly and is responsible
for maintaining the distribution system and responding to outages and other emer-
gencies.

6.5.2. Remuneration for Regulated Distribution Activities

Historically, distribution revenue requirements have been established through ROR
regulation and formal rate cases before the CPUC. Under this approach, the price of
distribution service charged by a utility includes all of its variable and fixed costs
plus a reasonable return on invested capital (see Chapter 4, Section 4.2).

More recently, however, the major electric utilities in California have been
placed under Performance-Based Ratemaking (PBR), which decouples utility prof-
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its from costs and, instead, ties profits to performance incentives. This decoupling is
accomplished by decreasing the frequency of rate cases, employing external mea-
sures of cost to set rates, or a combination of the two (see Chapter 4, Section 4.3,
and Comnes, Stoft, Greene, and Hill, 1995). These systems are intended (1) to re-
ward performance and therefore result in greater productivity and lower costs over
time and (2) to reduce the frequency of complex and costly ratemaking procedures.
In practice, there are different types of performance-based regulation, including
price caps, revenue caps, sliding scale, and targeted incentive ratemaking (see
Chapter 4, Section 4.3).

Although the use of and benefit from PBR was articulated and reaffirmed
throughout the state's restructuring process (beginning in 1994), PG&E, SeE, and
SDG&E had filed initial PBR plans in 1992 and 1993 (Che and Rothwell, 1995;
EIA, 1998). The PBR plans ultimately adopted by the CPUC for each of these three
utilities differ, sometimes significantly (SDG&E has a revenue cap, whereas SCE
and PG&E use price caps), and the distribution PBR mechanisms are still being re-
fined. Despite differences, a CPUC study points out that the plans all include
(CPUC, 1997c):

• Formulas to establish revenue requirements or rates that are indexed to infla-
tion and adjusted for productivity changes and changes in the cost of capital

• A revenue-sharing mechanism allowing shareholders and ratepayers to share
actual revenues compared to those authorized

• A reward and penalty system to ensure that employee safety, reliability, and
customer satisfaction standards are maintained compared to established
benchmarks

• Inclusion of adjustments ("Z" factors), to capture the influence of exogenous
factors not under the utility's control

• A monitoring and evaluation program

Another aspect of remuneration for distribution activities stems from the poten-
tial for distribution system line losses (and losses associated with meter error and
energy theft). To account forthese energy losses, customer-class-specific "distribu-
tion loss factors" are calculated by the three major IODs, and are used for schedul-
ing and settlement purposes (Distribution Loss Factors Working Group, 1998).

6.5.3. Retail Competition

As noted earlier, AB 1890 and related CPUC rulings gave all retail customers in
California's IOU service territories the opportunity to choose to have their elec-
tricity and their meter and billing services provided by an independent ESP be-
ginning in 1998. (As discussed below, this option was eliminated in 2001 in re-
sponse to the electricity crisis.) But Californians were not compelled to switch
power providers, and could opt to continue to have their power and meterlbilling
needs met by their UDC, subject to the legislatively mandated 10% rate reduction
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discussed in Section 6.2.2.2 (also see Section 6.6.1, below). Regardless of who
supplies customers with their electricity, however, all customers were required to
pay their local UDC's transmission and distribution fees and other nonbypassable
fees, e.g., the CTC.

Those customers who did choose to switch power providers could conduct busi-
ness with one of several unregulated ESPs. These entities are unregulated inasmuch
as they are not subject to the same regulation as the UDCs. But ESPs were required
to meet specific criteria to participate"in the market and their behavior was subject
to review by the CPUC, the Federal Trade Commission (FTC), and other consumer
protection bodies. Below we review the role of ESPs and related entities offering
both energy and meter/billing services.

6.5.3.1. ESPs and Competitively Offered Energy Services. To offer ser-
vices in the retail market, ESPs were first required to enter an UDC-ESP service
agreement that, at a minimum, includes

• ESP identification and contact information

• A warranty that the ESP has obtained a certified scheduling coordinator

• An agreement on the provision of meter and billing services including data
protocols for the exchange ofmeter and billing data

In addition, if the ESP was seeking to serve residential or small commercial cus-
tomers (defined as customers with less than a 20 kW demand) AB 1890 required
that the ESP (1) register with the CPUC (providing contact information, legal de-
tails and history, and evidence of finn power supply contracts or sources), and (2)
employ an authorized independent verification agent (IVA) who would contact and
independently verify the decision of customers under 20kW seeking to switch sup-
pliers. The purpose of the IVA was to protect small customers from unscrupulous or
high-pressure sales tactics.

Once the ESP had taken these steps, it could begin submitting DirectAccess Ser-
viceRequests (DASRs) to the UDC. ESPs were required to submit a DASR for each
new customer with direct access service. DASRs generally had to include customer
name, service account address, UDC service account number, ESP name, ESP reg-
istration number (if applicable), metering service option and equipment needs (if
applicable), meter identification information (if not a UDC meter), and billing ser-
vice option. Once the DASR had been processed, the customer account was
switched and the customer began taking service from the new ESP. In the event that
the ESP was unable to meet its energy or financial commitments, the ESP's cus-
tomers would default to the UDC.

6.5.3.2. Billing and Metering Services. The CPUC determined in 1997 that
ESPs and related entities should be free to compete with UDCs in offering meter
and billing services as well as power supply (CPUC, 1997a; CPUC, 1997b). Under
the CPUC's rulings on meter and billing services, ESPs could offer three billing op-
tions:
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1. Consolidated UDC billing, in which the UDC bills for both ESP and UDC
services

2. Separate billing, in which the ESP and UOC send separate bills for their re-
spective services

3. Consolidated ESP billing, in which both ESP and UDC charges are billed by
the ESP

The CPUC also determined that ESPs could provide metering services subject to
specific requirements. The ESPs and UDCs providing metering services were ulti-
mately responsible for collecting, transferring, and processing meter data. However,
the provision of meters and the collection of meter data was done by Meter Service
Providers (MSPs), who had to be certified, and Meter Data Management Agents
(MOMAs), who were screened by the DOCs. Typically, these entities are special-
ized companies whose services are contracted for by the UDCs or ESPs. Although
competition was allowed in the provision of meters and in meter reading technolo-
gy, all metering entities had to abide by open architecture standards at specific
points in the meter data flow network (CPUC, 1997d). These open architecture
standards were designed to ensure that incompatible and/or entirely proprietary me-
tering systems would not develop.

6.6. PARTICULAR ASPECTS OF THE REGULATORY PROCESS
IN CALIFORNIA

6.6.1. Stranded Costs

One of the most contentious parts of the electricity restructuring process in Califor-
nia was the recovery of"stranded costs." Under historic ROR regulation, the CPUC
allowed utilities to collect revenues for those costs prudently incurred to serve cus-
tomers, including a reasonable profit on and repayment of their capital investments.
In a competitive market, the market sets prices, hence revenues. These revenues
might not be sufficient to provide utility shareholders with a return on their original
investment. Roughly speaking, then, "stranded costs" are simply the difference be-
tween regulated retail electricity prices for generation services and the competitive
market price of power.

The level of total stranded costs in California depended on the market price of
electricity. At the onset of electricity restructuring, when PX prices were expected
to average approximately $24/MWh, SCE, PG&E, and SDG&E estimated their to-
tal stranded costs to be $26.4 billion. With higher PX prices experienced during the
early years of market operations, however, the utilities' total stranded costs were
much lower.

Because California utilities' past investments were made as part of the previous
"regulatory compact" and were approved by the CPUC, the CPUC and the state leg-
islature determined that it would be unfair to penalize utility shareholders and bond-
holders for these past investments. Stranded cost recovery was therefore allowed,
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paid by all customers through a separate per-kWh charge on electricity bills. As
noted earlier, this charge was the Competition Transition Charge (CTC), and was
to be levied on customers from 1998 through 2001. The charge was nonbypassable,
and could not therefore be avoided by switching electricity providers.

The utilities were not, however, strictly guaranteed to recover all of their strand-
ed costs. Retail electricity rates were originally fixed for the duration of the strand-
ed cost recovery period (1998-2001). Revenue available for stranded cost recovery
was therefore equal to the difference between the retail electricity rates to final cus-
tomers (capped at the 1996 level minus the 10% reduction) and the cost of meeting
the demand (the energy costs plus transmission and distribution costs). If the differ-
ence between these two quantities was not sufficient to payoff all stranded costs,
the utilities were required to write off the remaining amount. If, on the other hand,
the utilities could collect all of their stranded costs before 2001, the rate freeze was
to end. SDG&E, for example, completed its stranded cost recovery in 2000, ending
its rate freeze.

6.6.2. Market Power

The goal ofelectricity industry restructuring is to move from a regulated utility mo-
nopoly structure to a "workably competitive" marketplace. But restructuring will
not be in the public interest if it allows some companies to exploit market domi-
nance and to stifle competitive market forces. Market power is the ability of one
firm, or a set of firms, to unduly influence prices, quantities, product quality, and
other conditions in a particular market (see Chapter 2). In the past, because of ex-
tensive state and federal regulation, market power was not considered a significant
problem. At least three types of market power can distort competition in electric
power markets:

1. Vertical market power, resulting from ownership or control by a single firm
of more than one phase of electricity production (generation, transmission,
distribution). Vertical integration and market power could allow a finn to
erect barriers to entry or otherwise shift costs and revenues among affiliates
in ways that distort efficient market operation.

2. Horizontal market power, resulting from concentration of ownership or
control of any single phase of electricity production, such as generation. For
example, it would allow generators to withhold generation or bid strategically
to force higher market-clearing prices.

3. Locational market power, created when a specific generation facility pro-
vides unique services (e.g., reliability) needed for a particular geographic re-
gion and thus can command a premium above the market price.

California's restructuring legislation and regulations imposed many require-
ments to reduce the potential for the exploitation of market power. For example,
California's legislative and regulatory bodies
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• Created an ISO tooperate the utilities' transmission systems and to control
vertical and locational market power

• Required the mitigation of Iocational market power by requiring generators
that are needed to solve local reliability problems to enter into RMR contracts
with the ISO, thereby fixing the amount that a generator is paid when operat-
ed for reliability reasons (for a detailed discussion of the functioning and
problems with this market, see ISO, 1999a)

• Called for the utilities to divest of much of their generating assets to reduce
concentration in generation and, therefore, horizontal market power

• Required the 10Us temporarily to bid all of their generation into the PX and
to purchase all of their electricity from the PX to further mitigate horizontal
market power and self-dealing

• Called for the functional unbundling of generation, transmission, and distrib-
ution

• Established affiliate rules that do not allow affiliated, unregulated companies
of the regulated utilities to unduly use their market position to restrict compe-
tition

• Established price caps on various ISO markets

As discussed in Section 6.7, these measures were ultimately insufficient in mitigat-
ing the exercise ofmarket power in the California market.

6.6.3. Public Purpose Programs

AB 1890 established public funding mechanisms to continue the support of a range
of activities that fall under the loose heading of public purpose programs. These
programs include activities designed to support or promote (1) low-income cus-
tomer assistance, (2) energy efficiency, (3) renewable energy, and (4) research, de-
velopment, and demonstration (RD&D) activities.

These programs were historically mandated by the CPUC and the state legisla-
ture and administered by the utilities themselves, subject to regulatory oversight.
This arrangement allowed the costs incurred by utilities in facilitating or providing
public-purpose programs to be recovered as part of their regulated monopoly rate
base.

Concerned that the important public benefits these programs provide would be
lost in the new market structure, the legislature mandated that funding for public
purpose programs come from a nonbypassable charge on consumers' bills. AB
1890 specifies that monies be collected and used as follows:

• Low-income customer assistance was to continue indefinitely, funded at no
less than 1996 levels (roughly $324 million).

• Energy-efficiency programs were to be supported from a fund of$872 million
collected from 1998 to 2001.
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• Renewable energy technologies were to receive assistance from a fund of
$540 million collected from 1998 to 2001.

• Research, development, and demonstration programs were to be supported
from a fund of $250 million collected from 1998 to 2001.

AB 1890 gave the CPUC control of the low income and energy efficiency funds
and gave the CEC control over the renewable energy and RD&D funds. Illustrating
the importance of these public purpose programs, legislation was passed in 2000 to
extend funding for these programs through 2012 at annual funding levels similar to
those established for the initial4-year transition period.

6.6.4. Customer Protection and Small Customer Interests

Finally, under AB 1890 it was deemed important to address potential equity and
distributional implications of electricity industry restructuring. At the onset of re-
form in California, many believed that, due to their relative lack ofbargaining pow-
er, small customers (especially residential and rural customers) would not see as
many benefits from restructuring as larger customers.

In California, the legislature wanted to ensure at least some benefits for smaller
customers. Consequently a mandated initial 10% rate reduction from 1996 rates
took place in January 1998 for residential and small commercial (i.e., less than 20
kW) customers. Based on the legislation, rates were to be reduced by a further 10%
in 2001. As noted earlier, to help finance the rate reduction, AB 1890 authorized the
IODs to issue rate reduction bonds, the proceeds of which would be used to help
pay a part of the utilities' stranded costs. Because the bonds carry a lower interest
rate and a longer term than otherwise would have been feasible, they allowed an im-
mediate 10% rate reduction.

In addition to a guaranteed rate cut, AB 1890 also mandated supplier price and
fuel source disclosure requirements, registration requirements, and the continuation
of the universal service requirement. The CPUC also put in place affiliate transac-
tion standards. These standards were designed to,prevent the incumbent utility from
abusing its position as the distribution company to encourage customers to take ser-
vice from its unregulated subsidiary.

6.7. MARKET EXPERIENCE AND THE ENERGY CRISIS

This section presents early market operations experience with California's restruc-
tured electricity sector, and highlights the nature and causes of and solutions to the
state's energy crisis. Because California's electricity sector is in such flux, we keep
this section brief and simply summarize the key points. We refer readers to other
documents for more in-depth and updated analyses of experience with California
electricity reform and the resulting crisis (see, e.g., Joskow and Kahn, 2000; Be-
sant-Jones and Tenenbaum, 2001; Borenstein, 2001; Joskow, 2001; Marcus and
Hamrin, 2001; McCullough, 2001; and Sweeney, 2002).
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6.7.1. Market Operations: 1998 and 1999

During the first two years after market reform in 1998, there was limited evidence
of the problems that would consume California's electricity sector beginning in the
summer of 2000. But even during these first two years of market operations, some
problems were evident. First, electric generators were apparently able to raise
prices above competitive levels (Borenstein, Bushnell, and Wolak, 2000). Second,
the ISO was constantly redesigning the ancillary services markets in the face of bid
insufficiency and considerable price volatility, prompting the ISO to institute price
caps (Siddiqui, Marnay, and Khavkin, 2000; ISO, 1999b). Finally, customer
switching to competitive ESPs remained low during these early years of reform. At
its peak, about 10% of eligible load had switched providers in California: 16% of
eligible industrial customers switched providers, for example, as did approximately
2% of residential customers. (For reviews of ESP product offerings, customer
switching, and customer switching experience, see Wiser, Golove, and Pickle,
1998, and Golove, Prudencio, Wiser, and Goldman, 2000).

Despite these concerns, however, reliability remained high and market prices
were low. From August 1, 1998, to June 30, 2000, 99% of the energy traded in the
PX was in the day-ahead market. During the same period, the total amount of ener-
gy traded in the PX was equal to 370 TWh, with prices averaging $33.84/MWh and
$37.63/MWh in the day-ahead and hour-ahead/day-of markets, respectively. The
PX day-ahead and hour-ahead/day-of unconstrained markets also performed with
predictable, seasonal, and daily patterns. Prices rose considerably in summer
months and decreased during the winter.

6.7.2. The Electricity Crisis

Beginning in the summer of2000 and continuing through the first halfof2001, Cal-
ifornia's electricity system was in crisis. The full effects of this crisis were seen in
many ways:

• Wholesale Power Prices Skyrocket. Beginning in June 2000 and continuing
through the first half of 2001, wholesale electricity prices rose to unprece-
dented levels. By way of example, the total cost of wholesale electricity pro-
curement to meet load in the ISO's control area during 1999 was $7.4 billion.
In 2000, that cost rose nearly fourfold, to $28 billion. Wholesale electricity
prices, as seen in the PX day-ahead market and the ISO's real-time market,
sustained price levels that exceeded $100/MWh and in some months average
prices exceeded $300/MWh.

• Electricity Reliability Degrades. Simultaneously, electricity reliability got
progressively worse. Stage 3 emergencies are the highest level of electrical
emergency called by the ISO, and are triggered when operating reserves fall
below 1.5%. The ISO called no such emergencies in 1999. One Stage 3 emer-
gency was called during 2000. During the first quarter of2001, the ISO called
36 such emergencies, triggering rolling blackouts several times to match sup-
ply and demand in the state.
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• Financial Catastrophe for Utilities. Required by AB1890 to purchase pow-
er from the PX spot market to meet their electricity needs, and to sell that
power at capped retail electricity rates, the in-state electric utilities were
deeply in debt by the end of summer 2000, because wholesale procurement
costs far outstripped retail electricity revenues. By 2001, in-state utilities had
incurred billions of dollars of debt, making them unable to secure credit for
further power purchases. In early 2001, the state government began to pur-
chase electricity for these utilities. On April 6, 2001, PG&E filed for bank-
ruptcy.

• Retail AccessDies. With massive regulatory uncertainties and unprecedented
wholesale electricity prices, competitive.electricity service providers largely
withdrew from the state in late 2000 and 2001, turning customers back to the
utilities for default service. Legislation and regulation in 2001 suspended re-
tail access, ending California's experiment with retail choice.

6.7.3. The Causes of the Electricity Crisis

The causes ofCalifornia's electricity crisis are several. There is no consensus on the
relative importance of various causal factors. The more important causes typically
implicated in the crisis are highlighted here.

6.7.3.1. Market Fundamentals

• Supply-Demand Balance. Demand growth throughout the Western United
States outstripped new plant construction during the 1990s, resulting in a
tightening of the supply-demand balance. Average demand growth in Cali-
fornia from 1996-2000 was 2.5% per year. Importantly, region-wide demand
growth and the lack of hydroelectric supply from the Pacific Northwest re-
sulted in deep cuts in the electricity imports that California historically relied
upon during the summer months.

• Natural Gas Prices. Natural gas prices, which normally range from $2 to
$3/MBtu, increased nationwide but especially in California, where pipeline
capacity constraints are significant and market power abuses have been
claimed. Natural gas prices peaked at $60/MBtuin late 2000 and were consis-
tently above the national average from mid-2000 to mid-200l.

• Emissions Credits. Power plants in the Los Angeles basin are required to
purchase emissions credits to offset their own pollutant emissions. The cost of
these emissions credits increased dramatically in the year 2000 with the in-
creased use of in-basin power plants.

6.7.3.2. Market Structure

• PX Buy-Sell Requirement. Electric utilities, required initially to purchase
their power from the PX spot market, while selling their power at capped re-
tail electricity rates, were largely unable to enter long-term hedging contracts
to mitigate price volatility and protect against high spot-market prices.
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• Generation Divestiture without Buy-Back Contracts. Utilities divested a
significant amount of their generation capacity, without long-term buy-back
contracts. This exacerbated the exploitation of market power by generators
and offered no price stability or certainty for utility electricity purchases.

• Retail Rate Freeze and Little Demand Response. A competitive market
generally requires responsive supply and demand. With a retail electricity rate
freeze, and with the market rules established at the ISO, little economic op-
portunity for demand responsiveness existed.

• Uncoordinated Maintenance Schedules. Uncoordinated generator mainte-
nance schedules helped contribute to a lack of supply during winter months,
when demand is generally low in the state, as multiple generation units were
down for maintenance simultaneously.

6.7.3.3. Market Power. Concentration in generation plant ownership, a large
amount of unhedged power purchases, limited demand response, and tight supply
conditions offered electricity generators the ability to exert market power. The
withholding of generation capacity, either physically or economically, was of par-
ticular concern, and many studies have detected exploitation of market power (e.g.,
by Enron). Market power exploitation appears to have been a significant factor in
raising wholesale power prices (see Borenstein, Bushnell, and Wolak, 2000).

6.7.3.4. Regulatory and Political Inaction

• Policing Market Power. Analysts have pointed to FERC's apparent inability
or unwillingness to police market power abuses, through price caps or other
measures, as a contributing factor to the duration of the crisis. FERC did not
implement these price caps until June 2001.

• Long-Term Hedging Contracts. The CPUC and California State Legisla-
ture's inaction in quickly allowing and approving the use of long-term, pow-
er-purchase hedging contracts contributed to the crisis.

• Rate Freeze and Demand Response. Finally, an initial unwillingness by
state policymakers to end the rate freeze and raise retail electricity rates to
reflect costs, thereby also stimulating demand response, deepened the finan-
cial crisis for the utilities and did nothing to ease the supply-demand imbal-
ance.

6.7.4. Solutions and Conclusions

By mid-2001, the electricity crisis in California had eased. Wholesale electricity
rates declined and expected rolling blackouts during the summer of 2001 did not
happen. A combination of factors helped ease the crisis. These included

• Substantial reductions in natural gas prices

• Lower electricity demand than expected, in part due to conservation, energy
efficiency, and load management measures (encouraged by substantial in-
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creases in the budgets for energy efficiency and education programs, as well
as by increases in retail electricityrates)

• An increase in the supply of power, in part due to new plant construction

• The FERC's setting of wholesaleelectricitycaps

In addition to these factors, and because of the weakenedfinancesof the electric
utilities, a state agency (Departmentof Water Resources, DWR) stepped in to pur-
chase wholesale electricity for the utilities. This agency signed many short and
long-term contracts with electricity generators to meet demand projections and re-
duce the ongoing role of volatile spot-energy transactions. The cost of these con-
tracts, many of which were priced above historicmarket levels, will be passed on to
Californiaelectricityconsumers.

As the utilities regain financial strength, they will again regain their historic role
of procuringelectricity for their customersand the role of the state governmentwill
decrease. What remains unclear is how these procurements will be designed, how
the wholesale electricity market will be structured and operated,and whether retail
electricitycompetitionwill be reintroduced.

California's electricity crisis resulted from a combinationof factors. Regardless
of the causes and ultimate resolution, this crisis has had substantial implicationsfor
the design of future competitive electricity markets. Market designers must under-
stand the.California case before restructuring regulated electricity industries else-
where. We hope this case study provides a foundation for this understanding.



CHAPTER 7

THE NORWEGIAN AND
NORDIC POWER SECTORS

Helle Gnanli

Norway was among the first countries in the world to open its electricity industry to
competition. The principles of the Norwegian market design have been implement-
ed in neighboring Scandinavian countries. Scandinavia now has the world's first in-
ternational power pool. As opposed to England and Wales, which deregulated in
1989, the basic principles of the Norwegian market design have remained un-
changed since 1991. In 2000, England and Wales changed their market organiza-
tion to a model similar to the Scandinavian model.

7.1. GENERAL DESCRIPTION OF THE NORWEGIAN POWER SYSTEM

7.1.1. Generation

Nearly 100% of Norway's generation is based on hydroelectric energy (OED,
2000). The remainder is based on thermal power (combustion technology). The to-
tal installed generation capacity for hydroelectricity was 27,470 MW as of January
1, 2000, whereas the installed capacity for thermal power was 293 MW. In addition,
there was 13 MW of wind power generation. Total electricity generation can vary
extensively from year to year due to the high dependency on hydroelectricity. Gen-
eration averages approximately 118 TWh annually, but can vary from approximate-
ly 98 to 148 TWh in dry and wet years, respectively. Reservoirs associated with
power generation had a total capacity of approximately 84 TWh in early 1999.

Norwegian energy policy implies increased generation from renewables, target-
ing 3 TWh from wind power annually by year 2010. There are also ongoing discus-
sions regarding natural gas power generation. Norway is a large gas producer in Eu-
rope, and several market participants have shown interest in establishing gas power
facilities recently. The regulator, the Norwegian Water Resources and Energy Di-
rectorate (NVE) , issued concessions allowing gas power stations with a total in-
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stalled capacity of 770 MW in 1997. More applications are being investigated.
However, the profitability of these planned facilities is unclear.

There are 158 generators in Norway, of which Statkraft SF (a state-owned com-
pany) is the largest, with an average annual production of 34 TWh. Of these gener-
ators, 27 are producing electricity for industrial purposes to cover their own con-
sumption. Table 7.1 summarizes the mean annual production for the 10 largest
generators in Norway. Other generators (wholesale companies) own and operate
generation and regional grids. These generators usually sell their generation to local
distribution companies, without dealing with end-users. There are 22 of these
wholesale companies in Norway (OED, 2000).

7.1.2. Transmission

Statnett SF, the state-owned national grid company, operates the transmission grid
in Norway. Statnett owns approximately 80% of the transmission grid that it oper-
ates, whereas regional grid owners own the remainder. Through the Central Grid
Agreement, Statnett rents additional transmission capacity from regional grid own-
ers. The Norwegian transmission grid consists of 420 kV, 300 kV, and parts of the
132 kV grid. Furthermore, Statnett is the Norwegian Transmission SO, being re-
sponsible for system dispatch, ancillary services, etc. Table 7.2 shows transmission
facilities in Norway and generation connected to the National Central Grid.

Table 7.3 shows existing and planned interconnections between Scandinavia and
Continental Europe. The total capacity between Sweden and Finland is 1200 MW to
Sweden and 2000 MW to Finland. The maximum capacity between Norway and
Sweden is approximately 4000 MW. This capacity is, however, influenced by total
system flow and possible congestion at other interfaces in the system, i.e., transfer
between Norway and Sweden can never exceed 3000 MW. Denmark, however, con-

Table 7.1. The 10 Largest Generatorsin Norway as of January 1, 1999

Mean Annual Percent of Installed Percent of
Generation Total Generated Capacity Total Installed

[GWh] Energy [MW] Capacity

StatkraftSF 33,828 30.4 8,736 32.0
Oslo Energi ProduksjonAS 6,912 6.2 2,098 7.7
BKK ProduksjonAS 5,911 5.3 1,500 5.5
Lyse Energi AS 5,061 4.5 1,484 5.4
Norsk Hydro ProduksjonAS 4,479 4.0 804 2.9
TrondheimEnergiverkAS 2,922 2.6 725 2.7
Hafslund EnergiASA 2,653 2.4 545 2.0
Vest-AgderEnergiverk 2,547 2.3 614 2.2
KraftlagetOpplandskraft 2,462 2.2 522 1.9
SKKAS 2,432 2.2 581 2.1

Total for the 10 largest 69,117 62.1 17,609 64.4

Source:OED (Department of Energy and Industry, 2000).
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Table 7.2. Transmission Facilities in Norway as of January 1, 1998

Grid level

Transmission grid
Regional grid
Connected generation

420kV

2,125 km
o

20%

300kV

5,399 km
o

34%

132kV

3,627 km
5,387 km

34%

Source:Norwegian WaterResources and Energy: www.nve.no

sists oftwo systems: Western Denmark is connected to the UCTE (Union for the Co-
ordination of the Transmission of Electricity) system, whereas Eastern Denmark is
connected to the NORDEL (Nordic Organization for Electric Cooperation) system.

In Table 7.3, capacities in parentheses illustrate interconnections being dis-
cussed. These interconnections are the Storebeelt (Denmark-Denmark), the Euro
Cable (Norway-Germany), and the Viking Cable (Norway-Germany), Besides the
planned interfaces included in Table 7.3, the NorNed cable will connect Norway
and the Netherlands at a minimum of 600 MW, the North Sea Interconnector will
connect Norway and England, and the SwePol Link will connect Sweden and
Poland with 600 MW.

Electricity exchanged with neighboring countries varies a great deal from year to
year due to precipitation. This can be seen in Table 7.4. It shows the net exchange
between Norway and neighboring countries.

7.1.3. Distribution

The Norwegian power system has two grid levels besides the transmission grid:

1. Regional grids (60 - 132 kV)

2. Distribution/local networks (2:: 22 kV)

Table 7.3. Existing and Planned Interconnections in Scandinavia, 1999 [MW]

To:

From: Norway Sweden Finland Denmark Germany Russia

Norway 4,200 70 1,040 (min 600) 50
Sweden 4,000 2,085 2,680 600

(80)
Finland 70 1,485 60

(80) (300)
Denmark 1,040 2,640 (500-600) 1,800

West-East
Germany (min 600) 600 1,400
Russia 50 1,160

(300)

Source:NORDEL (2001).
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Table 7.4. Net Exports (-) and Net Imports(+) from 1991-1999 [GWh]

Year Sweden Denmark Russia Finland Total

1991 -1,832 -1,018 9 -79 -2,910
1992 -5,709 -3,047 31 -99 -8,824
1993 -5,810 -1,952 ° -26 -7,788
1994 -1,561 1,194 ° 292 -75
1995 -6,143 -1,017 80 11 -7,069
1996 3,939 4,680 176 252 9,047
1997 3,148 639 50 180 4,017
1998 4,375 -909 193 19 3,678
1999 25 -2,137 232 -3 1,883

Source: www.statnett.no andNORDEL(2001).

The regional grid companies are normally vertically integrated with generation.
These are the wholesale companies. There were 190 distribution network compa-
nies in 1999, of which approximately 50% are integrated with generation and/or a
regional grid. Table 7.5 shows total installations in the distribution network in early
1999. Table 7.6 shows the 10 largest distribution companies.

7.1.4. Consumption

Electricity-intensive industry consumes 28% of total consumption in Norway,
whereas residential customers use another 36%. Commercial customers consumed
the remainder of a total annual consumption of 120,600 GWh in 1998. Table 7.7
shows the total consumption for the period 1992-1998. The 190 distribution net-
work companies served 2,487,888 customers in 1998 (NVE, 2001).

7.1.5. Economic Indices

The electricity industry made up 1.9% of the Norwegian GDP in 1999, which was
approximately 23 billion Norwegian Kroner (NOK, or US$2.7B at an exchange rate

Table 7.5. Distribution NetworkOwners' Installations as of January 1, 1999

Distribution Installation

Lines

Underground cables

Sea cables

High-voltage
Low-voltage
High-voltage
Low-voltage
High-voltage
Low-voltage

Total

63,867km
115,759 km
26,821 km
70,004 Ian

1,546 Ian
186km

Source: Norwegian WaterResources and Energy: www.nve.no
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Table 7.6. The 10 Largest Distribution Companies as of December 31, 1998

Distributor

Viken Energinett AS
BKK Distribusjon AS
0stfold Energi Nett AS
Trondheim Energiverk Nett AS
Nord-Trendelag Elektrisitetsverk
EAB Nett AS
Troms Kraftforsyning
Vest-Agder Energi Nett AS
Stavanger Energi AS
SKKNettAS

Source: OED (2000).

Number of Customers

303,726
128,719
88,642
83,119
74,412
72,183
60,439
57,402
55,825
53,304

Total Sales (GWh)

8,552
3,349
2,144
2,216
1,991
2,282
1,947
1,353
1,983
1,449

of U.S.$1 = 8.5 NOK). Total investments in the electricity sector were 4.5 billion
NOK (US$534M) in 1999. However, investments in the electricity industry have
been declining.

Prices can vary extensively between years and seasons in Norway. Weekly av-
erage prices over the period 1992-2001 are illustrated in Figure 7.1. Temperature
and precipitation are the main influences on electricity prices in Norway. For in-
stance, the price spike during the Lillehammer Olympics in 1994 was caused pri-
marily by very cold weather. Low precipitation can explain the high prices of
1996. Compared with the seasonal and annual variations, daily variations are
small in Norway. Figure 7.2 illustrates hourly prices from three arbitrarily chosen
days of 1999.

Table 7.7. Gross Annual Consumption 1992-1998
[GWh]

Year

1989
1990
1991
1992
1993
1994
1995
1996
1997
1998

Total Consumption

104,300
106,000
108,200
108,900
112,100
113,200
116,400
113,800
115,500
120,300

Source: Norwegian Water Resources and Energy:
www.nve.no. Note:Grid losses are included.
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Figure 7.1. Weekly average spot prices, 1992-2001. (Source: Nord Pool.)

7.1.6. General Economic and Energy Indices (Sources: SSB (2002) and
EIA: www.eia.doe.govlemenlcabs)

• Population (2002): 4,524,066

• Size: 0.4 million square kilometers with Jan Mayen and Svalbard

• Gross Domestic Product (2000E): 1347 billion NOK (U.S.$151.9B)

• Real GDP growth rate (2000E) : 3.3%

IHourly Spot Prices, Nord Pool
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Figure 7.2. Hourly spot prices three days of 1999. (Source: Nord Pool.)
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• Inflation rate (2001E): 3.0%

• Oil production (2001): 3.4 million barrels per day (bbl/day)

• Net oil exports (2001): 2.9 million bbl/day

• Natural gas production (2001): 1.61 trillion cubic feet (Tcf)

• Natural gas consumption (2001): 0.01 Tcf

• Net natural gas exports (2001): 1.4 Tcf

• Coal production (2001E): 1.73 million short tons

• Coal consumption (2001E): 1.71 million short tons

• Electricity production (2001): 122 Twh

• Electricity consumption (2001): 113 Twh (without grid losses)

7.2. THE NEW REGULATORY FRAMEWORK

The Norwegian electricity industry has traditionally been publicly owned (state,
county, and municipality). This decentralized organizational structure was main-
tained until the Energy Act of 1990 became effective in January 1991. The reform
required no change of ownership, although the functions of grid operations were
separated from competitive functions through separate financial reporting. NVE
was appointed regulator upon deregulation. The Norwegian Competition Authority
was given control of competition in wholesale and retail markets. A description of
the legal and regulatory framework is given in Table 7.8.

The first power plants in Norway were built in the late 19th century, and electri-
fication first took place in the cities. Utilities were municipally owned and aimed at

Table 7.8. The Regulatory Framework in Norway

Responsible
Regulatory Framework Institution Description

The Energy Act of 1990

Governmental Regulations on:
General issues detailing the

Energy Act
Regulation of grid companies,

financial and technical reporting
and calculation of tariffs;
Metering and accounting

Guidelines on:
System operations and Energy

efficiency
Concessions

The Parliament

The Government

The Regulatory
Authorities (NVE)

The Regulatory
Authorities (NVE)

The overall framework for the
deregulated electricity market

Specifies aspects of the Energy
Act

NVE is given the authority to
develop guidelines within the
framework of the Energy Act.

NVE is given the authority to
give concessions for
distribution, trade, generation,
and system operations.
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offering electricity as cheaply as possible. Between 1887 and 1894, the Norwegian
Parliament passed legislation for the expropriation of dams and watercourses for
hydroelectric generation, as well as sites for building transmission facilities. Early
in the 20th century, rural areas were electrified and more large-scale technology
used. Still, due to the nationwide distribution of hydroelectric resources, both large-
and small-scale hydroelectric stations were built.

Private exploitation of the hydroelectric resources was strictly regulated as a re-
sponse to increasing foreign investment in hydroelectric generation and power-
intensive industry (such as the electrochemical and electrometallurgical industries).
The power-intensive industries generated much of their own electricity in the early
years. However, since World War II, they have received inexpensive electricity
from the Norwegian State Power Board (now known as Statkraft) through political-
ly determined prices. Although local initiative was the main driver behind establish-
ing the electricity industry, municipal utilities started cooperating as early as 1932,
when the first of five regional, but not interconnected, power pool organizations
was established to solve common tasks. A joint power pool for the whole country,
Samkjeringen, replaced these five regional power pools in 1971.

7.2.1. The Energy Act of 1990: Objectives and Consequences

The Energy Act of 1990, which introduced deregulation in the Norwegian electrici-
ty industry, became law on January 1, 1991. The basic idea behind the reform was
to unbundle functions and processes to expose some to competition, without priva-
tizing the industry. Natural monopolies remained regulated, and NVE was appoint-
ed the regulator of transmission and distribution services. The intentions of the En-
ergy Act are summarized below.

• Avoid excessive investment. Prederegulation, utilities could automatically
pass through the costs of investments to their customers on a cost-recovery
basis, without being measured against competitors and without facing the risk
that investment decisions can bring. Avoiding excessive investments should
increase efficiency in the market, and eventually result in lower prices to end-
users.

• Improve selection of investment projects by choosing the most profitable
ones first. The combination of municipal owner structure, political con-
straints, and an obligation to serve customers within each local area resulted
in the suboptimization of hydroelectric investment projects. The pre-
deregulation, distance-dependent tariffs added to the tendency toward local
thinking rather than national thinking about generation expansion.

• Create incentives for cost reductions through competition.

• Fair cost distribution among customers, i.e., avoid cross-subsidization
between customer groups. Electricity prices have traditionally been deter-
mined through political processes in Norway. A result of this has been cross-
subsidization among customer groups. From a macroeconomic perspective,
this leads to a loss of social welfare.
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• Reasonable geographical variations in prices. Prices have traditionally var-
ied extensively between local areas due to Norway's diverse geography and
varying conditions for hydroelectric generation and transmission. Customers,
therefore, received unclear and opposing signals about the value of electrici-
ty.

Some consequences of the Energy Act of 1990 have been the following:

• The high-voltage transmission system of the state-owned power company,
Statkraft, was divested into a separate company, Statnett. Statkraft was reor-
ganized to become a commercially oriented generator. Statnett was given the
responsibility of operating the transmission grid formerly owned by Statkraft.
Both companies have remained state owned.

• Third-party access was introduced at all grid levels. All grid owners have an
obligation to connect to the transmission grid and serve customers in the local
area. No discrimination against deliveries from any supplier is allowed.

• Retail access was introduced for all customers, including. residential cus-
tomers.

• A Norwegian power pool, known as Statnett Marked, was designed as a Stat-
nett subsidiary. (It was later renamed Nord Pool.)

• Vertically integrated companies were required to separate financial account-
ing for competitive and regulated functions.

The Energy Act provides the legal foundation for promoting an efficient electric-
ity market and encouraging flexible energy use. The Act does not detail how to im-
plement this. Three important governmental regulations supplement the Energy
Act. When deregulating, NVE was given the authority of issuing guidelines and by-
laws to support the intentions of the Energy Act. NVE regulates the functions re-
maining under monopoly control. In addition, NVE and the Norwegian Competi-
tion Authority supervise competitive functions. NVE issues licenses for trade,
generation, transmission, distribution, and system operations requiring adherence to
specific rules. The licensees have the opportunity to appeal NVE's decisions to the
Department of Energy and Industry. The Government and NVE have developed a
set of regulations and guidelines for the' industry, as described in the following sec-
tions.

7.2.2. The Energy Act of 1990: Specifics

7.2.2.1. Governmental Regulations Detailing the Energy Act. The gov-
ernmental regulations (NVE, 1999) define in more detail what is required from li-
censed companies, specifying, among other things, the intentions of the Energy Act
regarding customer protection. The requirement of financial separation between the
regulated and competitive functions is found in these regulations. The regulations
also outline the main principles ofmonopoly regulation, including defining the grid
companies' minimum allowed profit.
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7.2.2.2. Governmental Regulations on Monopoly Regulation and Tar-
iffs. The govermnental regulations regulate the grid companies' revenue caps and
define a set of general rules for transmission and distribution tariffs. These regula-
tions also define financial and technical reporting requirements to NVE. Section 7.4
describes the calculation of distribution and transmission tariffs. Section 7.5 de-
scribes the regulatory regime in more detail.

7.2.2.3. Governmental Regulations on Metering and Accounting.
These governmental regulations define responsibilities and procedures related to
metering and accounting, and include procedures and formats for information ex-
change between market participants. These regulations also define routines for
switching suppliers. Procedures for handling small-customer access without remote
hourly metering are described, including a model for load profiling in a system with
several suppliers. Section 7.5 details these structures.

7.2.2.4. Guidelines for System Operations. These guidelines define the re-
sponsibility of Statnett concerning system operations and Statnett's and the grid
users' rights and obligations regarding system services.

7.2.2.5. Guidelines for Energy Efficiency. These guidelines define the re-
sponsibility of the grid companies concerning energy efficiency. Among other
things, the grid companies are required to inform the customers of possibilities for
Demand Side Management (DSM) and energy efficiency, and provide historic me-
ter values when necessary. Costs related to DSM and energy efficiency are covered
through a separate charge added to the distribution tariffs.

7.3. THE WHOLESALE ELECTRICITY MARKET

The traditions for a wholesale electricity market go back to the early 1970s in Nor-
way. The Norwegian Power Pool, Samkjeringen, was established to coordinate and
optimize the output of the Norwegian hydroelectric system. This electricity market
was mainly open to Norwegian generators, although a few large customers were
also given access to the market (Le., power-intensive industries). The pool price
was based on marginal operating costs. The market was an interutility market for
surplus power. The pricing principles were much the same as in the current power
exchange.

When the electricity market was deregulated in 1991, the transmission grid was
divested from Statkraft into a separate company-Statnett. Statnett Marked, the
forerunner ofNord Pool, was established as a subsidiary of Statnett in 1993. As op-
posed to the former Samkjeringen, Statnett Marked was open to all market partici-
pants meeting the requirements of the power exchange, meaning that the demand
side was included in the bidding process. Beyond voluntary trading in the organized
market, market participants can enter bilateral contracts in the Over-the-Counter
(OTC) market.
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Other Nordic companies were given access to the spot market on special terms
over the period 1993-1996. In January 1996, the geographic trading area of the
power exchange was expanded to include Sweden in a joint Nordic power pool. Si-
multaneously, Statnett Marked changed its name to Nord Pool. The Swedish na-
tional power grid, Svenska Kraftnat, acquired 50% ownership ofNord Pool in April
of the same year. Finland has operated a separate electricity exchange, EL-EX,
since 1996. In June 1998, however, EL-EX joined Nord Pool, and Finland was es-
tablished as a separate bid area. Svenska Kraftnatand Fingrid share the ownership
of EL-EX. The Western part of Denmark-Jutland and Funen-was included as a
separate bid area on July 1, 1999, and Zealand entered on October 1, 2000.

7.3.1. The Energy Markets

Nord Pool organizes two different markets for trade in electricity, Elspot and Elter-
min, whereas Statnett operates the regulation market in Norway (Nord Pool, 1998).
The total volume traded on Nord Pool's markets in 1999 was 216 TWh for Eltermin
and 75 TWh for Elspot. The liquidity of Nord Pool's markets and products in-
creased considerably during 1999. Additionally, Nord Pool's clearing service trad-
ed 684 TWh in 1999.

7.3.1.1. Elspot-The Spot Market. Power contracts for next-day physical de-
livery are traded in the spot market on an auction basis. A price per MWh is deter-
mined for each hour of the 24 hours in each one-day period. The participants' bids
and offers are grouped together to form a supply curve (sale) and a demand curve
(purchase). The system price (i.e., the unconstrained market-clearing price) is deter-
mined where the two schedules intersect.

7.3.1.2. Eltermin-The Futures and Forwards Market. Eltermin is a fu-
tures market for cash settlement of a specified volume of power at a negotiated
price, date, and period. The market participants may trade in the futures market up
to three years in advance. Futures are used for price hedging and risk management.
Contracts traded on Eltermin are defined with a weekly resolution. Contracts due
more than 5-8 weeks ahead are grouped in blocks of 4 weeks each. Contracts that
are due for delivery more than one year ahead are combined in seasonal contracts:
Winter 1 (weeks 1-16), Summer (weeks 17-40), and Winter 2 (weeks 41-52/53).
The system price, i.e., the Elspot price, is used as a reference price for these con-
tracts. Starting in October 1997, forward contracts were traded on Eltermin. The
main difference betweenfutures andforwards is the daily marking to market and
settlement of futures. Forwards, on the other hand, are settled when the contract is
due for delivery.

7.3.1.3. ELBA5-The Joint Swedish/Finnish Adjustment Market. Be-
sides the two markets organized by Nord Pool, Finnish EL-EX organizes an inter-
mediate market-the ELBAS market; it is a two-hour ahead market that opened on
March 1, 1999. The ELBAS market offers the Swedish and Finnish participants the
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opportunity to adjust schedules closer to the hour of operation. The products traded
at the ELBAS market are 7 individual hours at a minimum, and 31 individual hours
at a maximum. The price per MWh is determined through continuous trade; the
electronic trade system PowerClick is open to trade 18 hours a day, and bids are
submitted and ranked based on price and, to some extent, time. A trade is closed
when purchase and sales prices meet, and the trade is automatically transferred to
clearing.

7.3.1.4. The Regulation Market (Imbalance Market). Statnett operates the
regulation market to secure real-time balance between generation and load. Active
bidders on the regulation market must regulate their delivery and usage within 15
minutes notice. So far, only generators have submitted bids to this market, after
which Statnett sorts the bids in merit order for each hour. Generators are called
upon to adjust the balance when necessary. Recently, the demand side has been in-
volved in real-time balancing. Statnett has entered contracts with power intensive
industries for real-time adjustment of load. However, this solution is not satisfacto-
ry, particularly for smaller consumers. Demand side bidding is under consideration
for all customers. Market participants, other than the price setter, are price takers in
the regulation market. So, they are charged the ex-post price for the imbalance be-
tween their scheduled and metered loads.

Svenska Kraftnat is responsible for real-time balancing between generation and
load through the balance market in Sweden. Bids for regulation of generation and
loads are arranged in merit order and Svenska Kraftnat uses the bids in the opera-
tional phase in the same way that Statnett does in the regulation market. The
Finnish regulation market, which maintains the momentary balance between gener-
ation and load, is run by a subsidiary of Fingrid. The Finnish regulation market is
different from the Norwegian and Swedish markets in that the participants can buy
a right to deviate from a balanced schedule. The operator of the regulation market is
defined as an open supplier covering the deviation. Eltra and Elkraft are responsible
for the regulation markets of Denmark.

7.3.2. Zonal Pricing

Congestion in the Nordic power system is managed through a combination ofzonal
pricing for day-ahead congestion and countertrades (a buy-back model) for real-
time congestion. Nord Pool is responsible for calculating zonal prices for conges-
tion on major transmission lines. Norway is divided into several zones, whereas
Sweden, Finland, and Denmark are separate zones. Statnett defines the Norwegian
zones for 6 months. Market participants submit bids and offers in these zones. After
calculating the system price (the unconstrained market-clearing price), the power
balance in each price area is considered. When the system price is settled, the SO
knows the total generation and load within each zone, and the net surplus or deficit
in the different areas is found. If the net position in different areas indicates an over-
load on transmission lines between areas, the prices are adjusted to keep the transfer
within capacity limits. The price in surplus areas is reduced, whereas the price in
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deficit areas is increased relative to the system price (the method is described in
more detail in Section 7.6.2). This calculation of zonal prices is based on adjust-
ment bids submitted by market participants in the day-ahead market. Nord Pool cur-
rently manages the capacity charge settlement, Le., the fee market participants must
pay as a response to zonal prices. Revenues from this settlement are transferred to
Statnett, which reduces the size of the demand charge of the transmission tariff.

Real-time congestion is handled through countertrade or a buy-back model. The
SO buys decremental or incremental regulation on each side of the congested path
to adjust real-time transmission to available capacity (Grande and Wangensteen,
2000).

7.3.3. Ancillary Services

NVE's Guidelines on System Operations regulate ancillary services in Norway.
Statnett is responsible for operating ancillary services in the Norwegian power sys-
tem. Except for secondary control, which is traded in the regulation market, ancil-
lary services are provided through contracts with users of the transmission grid
rather than through a market. Generators connected to the transmission grid have an
obligation to provide ancillary services, only limited by the technical capacity of
their equipment. The generators will receive reimbursement only if the ancillary
service is required beyond the prenegotiated limit. This compensation is based on
installed capacity, available reserve (stand-by), and activated reserves.

The ancillary services are defined by NORDEL as follows:

• Primary Control is spinning reserve that is automatically begun; it is used for
frequency control and contingency reserve and requires response within 30
seconds.

• Secondary Control is manually activated reserve used to regulate area control
errors and time deviations; it requires accessibility within 15 minutes and is
provided through the regulation market in Norway.

• Reactive Power is a reserve that is automatically activated when voltage devi-
ations occur.

• Generation Tripping is predefined disconnection of production when a spe-
cial operational disturbance occurs.

• Load Shedding is predefined disconnection of load when frequency decreas-
es.

7.3.4. Bilateral Trading

Approximately 90% of all wholesale trade takes place in bilateral contracts, or
within vertically integrated utilities. Both financial and physical bilateral contracts
are traded OTe in Norway. Physical contracts imply physical delivery of the elec-
tricity traded. Financial contracts, on the other hand, imply cash settlement; no
physical delivery takes place.
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Trade in physical bilateral contracts between two defined price zones is treated
the same way as spot power, i.e., "scheduled" with the Nord Pool. The reason for
this is that Statnett needs a continuous overview of the total power flow to manage
congestion. Unless the market participant has other ways of balancing obligations
and rights (netting), bilateral contracts are scheduled in one of two ways:

• If the sale is within one other price zone only (either seller or buyer schedules
the physical trade), the seller schedules the sale as a purchase in the receiving
zone or the buyer schedules the purchase as a sale in the zone ofgeneration.

• If the sale is between two different nonlocal areas (purchaser's receiving zone
differs from the seller's zone of delivery): Both parties must take the contrac-
tual quantity into account when scheduling bids and offers.

In April 1997, Nord Pool started offering bilateral clearing in addition to the El-
tennin clearing service. Clearing implies that Nord Pool is the legal counterparty
with both buyer and seller of a bilateral contract. Clearing of contracts removes the
counterparty risk in the hands of the parties entering a contract. Nord Pool takes the
risk, but is secured through margin accounts and margin calls. Companies regis-
tered at the Eltermin (and broker participants) can use bilateral clearing. Bilateral
clearing is offered for all Eltermin-type derivatives. When clearing bilateral for-
ward contracts, three reference prices are currently allowed: (1) the unrestricted
system price, (2) the Smestad price (for the Oslo area), and (3) the Stockholm price.

7.4. TRANSMISSION/DISTRIBUTION ACCESS, PRICING,
AND INVESTMENT

Allowing third party access and implementing transmission-pricing principles to
ease free trade are important in a competitive electricity market. The traditional
Norwegian transmission tariff for firm power, with a distance element depending
on who traded with whom, did not fulfill this requirement. The Point of Connection
Tariffwas therefore introduced as a general principle for transmission and distribu-
tion in May 1992.

7.4.1. Overall Principles: The Pointof Connection Tariff

The basic principle of the Point of Connection Tariff is that each grid user (end-
users, generators, or other grid owners) pays a transmission tariff depending on the
point of connection. The transmission tariff in each point of connection is calculat-
ed relative to a defined, fictitious "marketplace" in the central grid. The seller pays
for the electricity being transported into the marketplace, whereas the customer
pays for transport out of the marketplace. Figure 7.3 shows the structure of the Nor-
wegian Point of Connection Tariff.

The grid users face only one tariff, i.e., the tariff from the central (transmission),
regional, or local grid levels. Costs related to higher-voltage (superjacent) grid lev-
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els are passed through to grid users connected to the grid level in question. Every
network operator must prepare transmission tariffs , which are based on the follow-
ing principles :

• The network operator must define points of connection where exchange (in-
jection or withdrawal) of power with others (generators, end users, or other
network operators) is done.

• Tariffs refer to these points of connection .

• Revenues from tariffs should be sufficient to cover costs related to individual
networks and tariffs paid to superjacent grids, within the permitted revenue.
When the network operator is efficient, transmission tariffs should provide a
reasonable return on invested capital.

• Grid users connected to the network need only one agreement to gain access
to the power system. The user signs a contract with the connecting network.

• Transmission tariffs must be determined independently of power purchase
agreements .

• Tariffs should stimulate efficient use of the network .

• Tariffs are required to be public and nondiscriminatory.

• A network agreement, generally, is between the distribution network and the
connected customer.

The governmental regulations detailing calculation of tariffs are based on the
principles of the Point of Connection Tariff. This theoretical base applies both to
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distribution and transmission. The regulations require the entry/exit tariffs for with-
drawal and input to be structured as follows:

1. Volume-dependent tariff elements vary according to grid user's withdrawal or
injection.

2. Other tariff elements do not vary according to the grid user's metered with-
drawal or injection. The charge is supposed to be neutral to consumption, and
is a residual charge.

7.4.2. Transmission Tariffs

The volume-dependent charge of the transmission tariff, Le., the energy charge,
must be geographically and periodically differentiated. Statnett calculates the mar-
ginalloss percentages through representative load flow simulations for the Norwe-
gian/Swedish system. Each tie point (with a total of 171 points) in the Norwegian
transmission grid has an individual marginal loss percentage attached to it. The ab-
solute value for injection versus withdrawal is the same at each tie point (however,
with different signs). The denominations will vary for load versus generation, de-
pending on the balance between the two at the specific tie point. The charges are
calculated for periods of 8 to 10 weeks, a fortnight in advance at the latest. The
charge is differentiated seasonally and for day and night.

Grid owners are responsible for grid losses in Norway. These losses are bought
in the market, and therefore reflect the spot price. Marginal costs of electricity
transmission must be reflected in the volume-dependent part of the tariff. This nor-
mally implies that grid losses, reflecting varying physical losses and spot prices, are
covered through a volume-dependent charge.

Whenever there is congestion between two zones, the volume-dependent charge
will additionally include the capacity charge, which reflects the zonal price differ-
ences. The generators in surplus zones (where generation is greater than demand)
face a positive capacity charge. The charge is the difference between the zonal price
(as calculated by Nord Pool) and the system price (the unrestricted Elspot price).
The generators in deficit zones (where generation is less than demand) will, on the
other hand, face a capacity charge with negative denomination from the difference
between the zonal price and the system price.

The transmission tariff consists of two other charges: one being the gross charge
and the other the net charge. These charges are differentiated for injection and with-
drawal. The hours with maximum load in the areas North, Middle, and South are
used for settlement.

The gross charge is settled based on the peak load in winter at each tie point.
End-users face a gross charge based on total withdrawal from the grid and suppliers
face a gross charge based on total injection to the grid. The gross charge for genera-
tors is based on installed capacity.

The net charge is settled based on the grid user's net exchange with the transmis-
sion grid. The end-user is charged for net withdrawal from, whereas the supplier is
charged for net injections to, the grid.
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The difference between the gross charge and the net charge is the volume used for
settlement. The gross charge is based on total withdrawal and/or injection to/from the
grid, and the net charge is based on either net withdrawal or net injection.

Statnett is responsible for grid expansion, new investment, and maintenance of
the transmission grid. Statnett can finance future investment in the grid in two
ways: (1) through the general tariff elements described above or (2) through a con-
struction contribution. The construction contribution is a payment charged to grid
users benefiting from the grid investment in question, and is a payment made only
once. In other words, besides paying the construction contribution, contributors pay
the general tariff, as do all other grid users. However, in meshed grid structures the
transmission company's possibility of charging a construction contribution is re-
stricted.

On January 1, 1997, compensation for Energy Not Supplied (ENS) was intro-
duced for grid users connected to the transmission grid. The concern was (1) that
the tie points ofa socially efficient grid can have different reliability and (2) that the
system under some situations can be run with lower operational security than stated
by the n - 1 check criterion. (The n - 1 check criterion, traditionally used when
planning grid expansions, implies that the grid is built so that supply is secure even
if one line or connection fails.) ENS is therefore expected to lead to investment de-
cisions being more socially efficient than in previous years. Some important rules
related to Statnett's 1997 use of ENS were as follows (Voldhaug, Granli, and
Bygdas, 1998):

• ENS is only granted when it is the central grid that caused the disturbance.

• Outages lasting more than 3 minutes are compensated at U.S.$2330/MWh.

• The grid user is responsible for notifying Statnett of ENS at its tie in order to
be compensated.

• Statnett's total payment related to ENS is limited to 2% ofthe company's rev-
enue cap.

• No ENS is paid in case oiforce majeure, such as extreme weather conditions.

• The individual grid user's total annual ENS is limited to 25% of the total pay-
ment from the grid user to the grid owner.

Statnett introduced ENS on a trial basis, and stopped the project after one year
because no adjustment in the annual revenue cap was granted for these extra costs.
However, a system of adjusting the revenue caps for ENS was started for all grid
levels above 1 kV.in 2001.

7.4.3. Distribution Tariffs

In calculating distribution tariffs, the distribution network operators must differenti-
ate between customers metered on maximum hourly load, and customers that are
not (NVE, 1999). This will usually imply differentiation between residential/other
small customers and commercial/industrial customers.
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Customers not metered on maximum hourly load [MW] are charged an energy
charge [NOK/kWh] and a fixed charge [NOK/Year] representing the volume-
dependent and other tariff elements, respectively. The energy charge is, at a mini-
mum, required to reflect marginal losses in the distribution network and in higher
voltage grids. The fixed charge, on the other hand, is required to cover customer-
specific costs at a minimum. Examples of customer-specific costs are costs related
to metering, settlement, and invoicing. Additional costs not covered by the mini-
mum requirement energy charge and fixed charge are to be split between the two
charges, as the local network grid owner finds appropriate.

Customers metered on maximum hourly load [MW] are charged a demand
charge [NOK/MW] plus the energy charge and the fixed charge. The requirements
for the energy charge and the fixed charge are the same as for customers not me-
tered on a maximum hourly load. The additional costs not covered are, however,
covered through a demand charge. This demand charge is normally based on the
customer's maximum load in one or more months of the year.

7.5. DISTRIBUTION NETWORK REGULATION AND
RETAIL COMPETITION

7.5.1. Rate of Return Regulation, 1991-1997

The first regulatory regime being used in the deregulated Norwegian electricity
market was Rate of Return (ROR) regulation. In the period 1993 through 1996,
NVE each year determined a cap on the rate of return from the total capital em-
ployed. The allowed ROR was based on the general interest rate in Norway, adding
a risk premium of one percentage point. The maximum rates of return attainable for
1993, 1994, 1995, and 1996 were 11%, 7%, 7.5%, and 7.5%, respectively.

If the actual ROR was larger than the allowed rate, excess revenue was trans-
ferred back to customers over a period of three subsequent years through lower dis-
tribution rates. Likewise, if the actual ROR fell short, distribution rates could be in-
creased over a period of three subsequent years. But ROR regulation led to
excessive investment. Furthermore, the grid companies were not exposed to finan-
cial risk from temporary fluctuations in revenue. During the period 1993-1995, the
grid companies, as a whole, transferred about NOK 1.4 billion (approximately
US$165M) back to the consumers from excessive profits (Grasto, 1997).

7.5.2. Incentive-Based Regulation Starting January 1, 1997

The incentive-based regulatory model combines revenue cap regulation with bench-
marking and earnings sharing mechanisms (see Chapter 4, Section 4.3.2). The regu-
latory period lasts 5 years; the first period covered 1997-2001, and the second peri-
od started in January 2002. Initial revenue caps in 1997 were based on the grid
companies' accounts from 1994 and 1995, whereas the 1996-1999 costs form the
basis for the initial revenue caps of2002. Revenue caps are adjusted annually for
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• A general and an individual productivity improvement factor

• An inflation factor

• A growth factor for grid expansions

The following general formula for revenue cap regulation is used:

(xn.; )ITe•n+1 =ITe•n • KPI
n

• (1 - EFKn+,) · (1 + SF 'IiGF)

where

ITe,n is the revenue cap ofyear n, excluding grid losses
KPI is the consumer price index
EFK is the efficiency improvement factor
SF is the scale factor for new investment
~GF is the growth factor for new investments

(7.1)

Losses are added to the formula through multiplying the physical losses by the
spot market price. Therefore, losses are not adjusted by the inflation factor.
However, losses are adjusted for the productivity improvement factor and growth
factor.

As in Equation (7.1), the revenue caps are revised annually for an efficiencyim-
provementfactor. This calculation of the efficiency factor is different for distribu-
tion companies, regional grid companies, and the transmission company, and has
been used at different times for the various grid levels.

During the first year that the regulatory model was in effect, the efficiency factor
was equal for all distribution companies, and was set at 2%. In a subsequent years,
starting in 1998, the efficiency factor has been unique for each distribution compa-
ny, based on calculation of the cost efficiency of the different grid owners. Region-
al grid companies and the transmission owner had a general efficiency factor of
1.5% in 1997 and 1998. Starting on January 1, 1999, individual efficiency factors
were also used for the 50 to 60 regional grid owners 'and the transmission owner.
Figure 7.4 summarizes the measured cost efficiency for the 198 distribution compa-
nies based on fiscal years 1994-1995.

Figure 7.4 illustrates how many of the Norwegian distribution companies be-
longed to the different efficiency categories in 1997. Approximately 10 distribution
companies were measured as less than 70% efficient, implying that these compa-
nies have efficiency potentials of more than 30% compared with the most efficient
distribution companies. Similarly, as many as 50 distribution companies have been
measured as near 100% efficient, meaning that these companies are the most effi-
cient. The 1997 Norwegian model for Data EnvelopmentAnalysis (DEA) applied to
the distribution companies had five output variables and four input variables, as
shown in Table 7.9.

New individual efficiency requirements were calculated for the second regulato-
ry period starting in 2002. In addition to using data from the 1996-1999 period, the
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Cost Efficiency (Data Envelopment Analysis)
Norwegian Distribution Companies 1994/ 95
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Figure 7.4. Distributionof measuredcost efficiencyfor 198Norwegiandistributioncompa-
nies. (Source: NorwegianWater Resourcesand Energy: www.nve.no.)

definition of input and output variables changed somewhat. A new input variable-
actual costs of ENS-was introduced. The category "sea cables" was removed as a
separate output variable and included in high-voltage lines and low-voltage lines,
respectively. Additionally, expected ENS (NOK) was introduced as a new output
variable.

In the DEA, factors describing outputs from inputs are calculated; for instance,
capital investment per customer. With the variables in Table 7.9, 20 such factors are
calculated for each distribution company. This is technical efficiency. To calculate
cost efficiency, the input variables are priced and measured relative to the output
variables. The factor prices used for "man years" and network losses are, respec-
tively, the average salaries of each company per "man year" and average spot
prices. The companies with least cost compared to the output variables are mea-

Table 7.9. VariablesUsed in the Initial DEA for Distribution Companiesin Norway

Output Variables

Number of customers
Energy delivered (MWh)
Length of higher-voltage lines (km)

Length of sea cables (km)
Length oflower-voltage lines (km)

Input Variables

Number of man-years
Network losses (MWh)
Capital costs (NOK 1000), based on book

or replacementvalue
Services and goods (NOK 1000)

Source : NorwegianWater Resources and Energy: www.nve.no.
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sured as 1000/0 efficient and are used as references to measure the efficiency of the
other companies (Kittelsen, 1993).

The DEA analysis is used to calculate the efficiency factors of the regional grid
companies as well. However, different input and output variables are used: (1) input
variables include "man years," grid losses, capital costs, "goods and services," and
the actual costs of ENS and (2) output variables include maximum hourly load
(MW), length of power lines, exchange to other grids, central grid facilities, as well
as expected ENS (NOK).

The efficiency of Statnett-the Norwegian transmission owner and system oper-
ator-is calculated separately (ECON, 1999). Statnett originally had two revenue
caps: One revenue cap related to its role as system operator and another related to
managing the transmission grid. The revenue cap of Statnett as the transmission
owner is covered in an efficiency study. The efficiency of Statnett's transmission
grid management is calculated in two steps:

1. The efficiencies of grid construction and operations and maintenance (O&M)
are calculated separately.

2. The total efficiency of Statnett as a transmission company is calculated as a
weighted average of the efficiency of grid construction and the efficiency of
O&M.

The Swedish SO and transmission owner-Svenska Kraftnat (SK)-has been
used as a benchmark to calculate the efficiency of Statnett in the first regulatory pe-
riod. The efficiency of Statnett has been calculated by comparing the relations be-
tween cost (C) and cost drivers (CD):

(~:J
Ef/iciencYStatnett = -----

(
CStatnett )

CDStatnett

(7.2)

Statnett was measured as 74% efficient compared with Svenska Kraftnat, Svenska
Kraftnat might not be 100% efficient though, implying that the potential for effi-
ciency improvements of Statnett might be even larger than 26%.

The growth factor for grid -expansions in the Norwegian model was originally
based on the parameter load growth multiplied by a scale factor of0.5. This implied
that if a grid company had a revenue cap of US$lM the previous year, and a load
increase of 2% was expected, the revenue cap was increased by US$l 0,000 to cov-
er necessary grid expansions. However, load growth as a measure of growth has
several disadvantages (Jordanger and Grenli, 2000). Therefore, the regulator has
made some changes to the mechanisms to adjust for grid expansions for the second
regulatory period. The foreseen growth factor is a combination of average national
load growth (with a substantially smaller scale factor) and the relative growth of
new buildings in the grid company's supply area. The final scale factors to be used
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will be determined during 2002, and adjustments will be made ex-post as opposed
to ex-ante in the first period.

The revenue caps are combined with an earnings-sharing mechanism, i.e., there
is a maximum and a minimum limit for allowed profit. The maximum limit for
profit is to protect the customers from unreasonably high prices, and was set at 15%
of invested capital in the first regulatory period, and increased to 20% in the second
period. The grid owners are guaranteed a minimum rate of return of 2% of invested
capital to ensure a minimum standard and quality.

7.5.3. Retail Competition-Important Developments

In Norway, retail competition was introduced in 1991. There have, however , been
some important changes over the years that heavily influenced the frequency of
customers changing suppliers . The number of residential customers with other than
an incumbent electricity provider at different dates, including January I, 2001, can
be seen in Figure 7.5. (The number of customers with suppliers other than the local
one is registered quarterly by NVE.)

Not many residential customers shopped around in the period 1992 through
1996. Before 1997, only 0.05% ofthe residential customers had switched electricity
supplier. There are several explanations for the development shown in Figure 7.5:

• Suppliers had to pay a fee of U.S.$500-670 for serving customers in areas
other than their local area until 1995, when this fee was removed .

Customers with other th an Local Provider
Norway
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Figure 7.5. Residential customers with other than incumbent electricity provider, January I,
1996 through January 1,2001. (Source: Norwegian Water Resources and Energy.)
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• Load profiling was introduced to help the change of supplier for small cus-
tomers in 1995. Remote metering systems (hourly) are not required for cus-
tomers with annual consumption below 400 MWh (this was changed from
500 MWh in January 1999).

• Customers had to pay a switching fee to grid owners of approximately
U.S.$30 until 1997.

• NVE required suppliers/grid owners to facilitate more frequent switching in
1998. Customers may now switch supplier each week on 3 weeks notice.
Quarterly invoices based on metered values are required.

After 11 years of competition in the electricity industry in Norway, the number
of residential customers affiliated with suppliers other than the local supplier is
about 17.7%. If the average residential customer consumes 20 MWh annually, cus-
tomers with a different supplier than the local one represent a load of approximate-
ly 8087 GWh a year. In addition, about 65,500 commercial customers had a differ-
ent electricity provider than the local one in September 2002, representing 22% of
all commercial customers.

Market access without hourly metering systems is possible for small customers
through a method ofestimated load profiles for specific areas, rather than customer-
specific load profiles in invoicing and settlement (Livik and Fretheim, 1997). Fig-
ure 7.6 illustrates this method.

Network operators are responsible for submitting meter reading data to all elec-
tricity providers serving customers in the local area. Since small customers are not
metered hourly, a method for distributing the metered load among different suppli-
ers' customers must be applied. The first step is to find the total load to be distrib-
uted among the electricity suppliers. This is done by subtracting grid losses and
hourly metered consumption from the area's total load profile. The resulting load
profile is distributed among the electricity suppliers having customers that are to be
settled by profiling. The second step is to use the last period's meter data
(year/quarter/month) to calculate each electricity provider's share of the load profile
(as a percentage of the total load profile of the local grid company). In other words,

Net inflovv into grid area + Generation

MW

Losses

Hourly m e tered
load

Resi d ual

TiITle

Figure 7.6. Calculating the load profile for settling customers without hourly remote meter
systems.



184 THENORWEGIAN AND NORDIC POWER SECTORS

customers settled by load profiling are distributed among electricity providers.
However, because there are mutual differences in the relative load patterns (and
varying consumption patterns) for each customer, relying on the load profile for set-
tlement would be incorrect over longer periods. The network operator, therefore,
must read the meters regularly to make final settlements among the electricity
providers of the concession area.

The method of load profiling was an important element in providing retail access
for small customers. However, the importance of the method will be reduced by in-
creasing the frequency of meter reading and by expanding two-way communication
installations and hourly meter reading systems.

7.6. ASPECTS OF THE REGULATORY PROCESS IN NORWAY

As opposed to regulatory processes in other countries, deregulation did not require
electricity rates to be reduced. Securing market-based rates was assumed to lead to
rate reductions. Market participants were also not allowed recovery of stranded
costs when the market was opened to competition.

7.6.1. The Inter Nordic Exchange '

As of January 2000, Nord Pool had 264 registered market participants from Nor-
way, Sweden, Finland, Denmark, and England and Wales. Some of these partici-
pants do not trade on their own account with the Exchange, but are registered as so-
called clearing customers or broker participants.

The joint Nordic exchange has defined bidding areas to which market partici-
pants can apply their bids. Sweden, Finland, and Eastern and Western Denmark are
individual bid areas, whereas Norway has several predetermined bid areas. Swedish
market participants refer their bids to Zone A-Sweden. Finnish market participants
refer their bids to Zone B-Finland. Danish market participants refer their bids to
Zone C or D. The internal zones in Norway are defined by the SO for 6 months, and
are called E, F, etc. Norwegian participants refer their bids to the respective Norwe-
gian zone. Figure 7.7 illustrates the bidding areas applying to Nord Pool.

Nord Pool calculates a system price for Norway, Sweden, and Finland. The sys-
tem price is the unrestricted market price for the three countries together. System
price calculations for Western and Eastern Denmark are made only for the available
capacity used in Elspot trading.

If there is no congestion between any of the bidding areas, the system price be-
comes the market price for the countries. If, however, there are capacity constraints
between any of the bidding zones, a capacity fee applies. The capacity fee results in
different zonal prices in the bidding areas. The capacity fee charged, if applied be-
tween country-wise biddingzones, is divided 'between the system operators of the
involved countries. Statnett and Svenska Kraftnat split revenue from the capacity
charge with restrictions between Norway and Sweden. Svenska Kraftnat and Fin-
grid split revenue with restrictions between Sweden and Finland.



7.6. ASPECTS OFTHE REGULATORY PROCESS IN NORWAY 185

Figure 7.7. Nord Pool's bidding areas.

All market participants can bid in their local currency. Nord Pool offers a free
exchange service that makes it possible for Danish, Finnish, and Swedish partici-
pants to receive settlement in DKK, NOK, SEK, and EURO. Settlement is made in
the currency in which the bid was submitted. The same trade rules and fees apply to
Danish, Finnish, Norwegian, and Swedish participants. Wheeling in/out transmis-
sion tariffs do not apply to electricity exchange cross the borders between Finland,
Norway, and Sweden. There are, however, border tariffs to Western and Eastern
Denmark. When bidding for Elspot or Eltermin, Norwegian participants submit
bids to Nord Pool's office in Oslo. Danish, Finnish, and Swedish participants sub-
mit the bids to Nord Pool's office in Stockholm. For bidding into the ELBAS mar-
ket, Finnish and Swedish participants submit bids to the Nord Pool/EL-EX office in
Finland.

Border tariffs between Norway and Sweden were removed in 1996 when the
joint Norwegian/Swedish pool was established. The border tariffs between Finland
and Sweden were removed on March 1, 1999, simultaneously with the launching of
the ELBAS market. Consequently, no wheeling (through or in) tariffs remain with-
in the deregulated Scandinavian electricity markets, except for trade with Denmark.
Furthermore, there are differences among the three countries regarding how the
principles of the Point of Connection Tariff are implemented.

7.6.2. Congestion Management in the Scandinavian Area

Congestion management for the combined deregulated Scandinavian markets is
solved through zonal prices calculated by Nord Pool. The three countries are sepa-
rate zones, and congest ion between the country zones is solved through capacity
charges . The capacity charge (cq yields different prices in the three countries
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Figure 7.8. Calculating the capacitycharge.

when the interfaces between the zones are congested. Figure 7.8 illustrates how the
capacity charge is determined,

At the market solution of the unconstrained market-clearing price (the system
price) and the quantity Qs,there will be congestion (Figure 7.8). To relieve the con-
gestion at the interface between the two areas, capacity charges are used. The net
demand in the zone to which there is congestion must be reduced. A capacity
charge ofCCH for suppliers wanting to supply this area is introduced. Alternatively,
a negative capacity charge of CCH to the companies demanding electricity in the
area pushes the zonal price upwards until the area quantity is reduced to a level
where transfer to the area is uncongested. Likewise, the net supply of the zone from
which there is congestion must be increased to relieve the constraint. A capacity
charge ofCCL on demand in the zone is introduced. Alternatively, a negative capac-
ity charge of ceL on supply in the zone pushes the zonal price down until the area
quantity is increased to a level at which transfer from the area is uncongested.

Congestion within the country zones, however, is solved differently in each indi-
vidual country. Statnett uses capacity charges for congestion inside the country bor-
ders as well. Svenska Kraftnat and Fingrid both use the "buy-back principle" for
congestion management within Sweden and Finland, respectively. This implies that
Svenska Kraftnat and Fingrid choose the least expensive units from a country-spe-
cific merit order list ofadjustment bids until the internal congestion is relieved. This
merit order list is the same as the merit order list of the regulation market.



CHAPTER 8

THE SPANISH POWER SECTOR

8.1. GENERAL DESCRIPTION OF THE SPANISH POWER SYSTEM

In 1998, the Electricity Law 54/1997 introduced a new configuration for the Span-
ish electricity system. Before this law, in December 1996, the Ministry of Industry
and Energy signed the Electricity Protocol with the electric utilities outlining the
general structure of these changes. Broadly speaking, the Electricity Protocol called
for the transformation of the Spanish system from a central purchasing agent model
to a model of wholesale and retail competition.

8.1.1. Structure of the Industry

Before restructuring, most ofthe Spanish electricity companies were vertically inte-
grated. Electricity Law 54/1997 required accounting and legal separation ofregulat-
ed activities (i.e., transmission and distribution) from nonregulated activities (i.e.,
generation and retail). Accounting separation was started immediately, whereas the
legal separation was required before the end of the year 2000. Retail competition
was established through the creation of new retail companies that could sell energy
to qualified customers, i.e., nonregulated customers that could choose their suppli-
er. The Electricity Law established a 10-year transition schedule to gradually intro-
duce customer choice.

8.1.2. Generation

Before restructuring, there were six major electricity companies: Iberdrola, Endesa
Holding (with Enher, Hecsa, ERZ, Viesgo, Gesa, and Unelco), Union Fenosa,
Hidrocantabrico, Sevillana, and Fecsa. Most of them were vertically integrated with
generation and distribution assets. These companies, except Endesa Holding, were
private. In 1997, Endesa Holding purchased Sevillana and Fecsa, and in 1998 Ende-
sa Holding was also privatized. Since the competitive wholesale Spanish market
was opened in 1998, the four generation companies (Endesa Holding, Iberdrola,
Union Fenosa, and Hidrocantabrico) have been selling energy in the market on a
daily basis.

Table 8.1 presents the installed generation capacity and the annual energy pro-
duction by generation technology. Table 8.2 shows the energy generated and sold
by Spanish generation and distribution companies.

187
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Table 8.1. Installed Capacity and Annual Energy Production by Technology in 1998

Capacity Energy

Coal
Cogeneration and renewables
Hydro
Nuclear
Oil/gas

Total

Source: Red Electricade Espana:www.ree.es.

8.1.3. Transmission

26%
NA
38%
17%
19%

43.5 GW

35%
8%

20%
34%
3%

173TWh

Since 1984, under the previous regulatory framework, the transmission system was
owned and operated by Red Electrica de Espana (REE). The Electricity Law con-
solidated REE as the System Operator (SO) and transmission owner, and separated
the Market Operator (MO) functions into a new company, Compaiiia Operadora
del MercadoEspafiolde Electricidad(OMEL). REE is the principal Spanish power
transporter and network operator and controls technical dispatch and international
exchanges. REE was initially state...owned, but the government has divested part of
its shareholding. The law established that any shareholder should not own more
than 10% of the total share capital, and the sum of wholesale market agent shares
should be lower than 40%. Table 8.3 shows the transmission facilities owned by
REE and the rest of utilities. Tables 8.4 details the main interconnection lines with
neighboring countries. Table 8.5 gives net energy exchanges between Spain and its
neighbors.

Table 8.2. Generated and Sold Energy by Companies in 1996

Utility Generated Energy Sold Energy

Endesa
Bnher and Hecsa
ERZ and Viesgo
Sevillana
Fecsa
Iberdrola
Union Fenosa
Hidrocantabrico
Other

Total

30.1%
3.5%
1.8%
6.3%
7.9%

32.6%
12.1%
5.0%
0.7%

142TWh

0.0%
10.2%
5.6°~

14.7%
11.0%
38.6%
15.50/0
4.4%
0.00/0

142TWh

Source.' Red Electricade Espana:www.ree.es,
Note.' Cogeneration and renewables have not been included. Also, GESAand UNELCOutilities,which
operaterespectively in the Balearicand CanaryIslands,have not been included.
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Table 8.3. Transmission Facilities in 1997

400 kV Lines
220 kV Lines
400/HV Transformers

REE

98%
27%
40%

Rest of Utilities

2%
73%
60%

Total

14,244 Ian
15,701 km

42,687 MVA

Source: Red Electricade Espana:www.ree.es.

8.1.4. Distribution

Table 8.6 presents distribution network installations ranging from high voltage
(HV), to medium voltage (MV), to low voltage (LV). Table 8.7 shows distribution
companies that cover the Spanish territory.

8.1.5. Consumption

Regarding energy consumption, 53.7% of all electrical energy is supplied through
the high-voltage and medium-voltage networks, 23.7% of total energy is for resi-
dentiallow-voltage consumption, and the rest (22.6%) is for other low-voltage uses.
Table 8.8 shows the energy consumption and the number of customers connected at
each distribution voltage level.

Electricity Law 54/1997 introduced retail competition progressively by allowing

Table 8.4. Interconnection Lines and Commercial Interconnection Capacity

Number of lines
Voltages

Maximum capacity
Commercial capacity (imports)
Commercial capacity (exports)

France Portugal

6 7
2 x 400 kV 2 x 400kV
2 x 220 kV 3 x 220kV
2 x 132 kV 1 x 132 kV

1 x 66 kV
3270MVA 4255MVA
1100MW 650MW
1000MW 750MW

Morocco

1
400kV

700MVA
300MW
350MW

Source:Red Electricade Espana:www.ree.es.

Table 8.5. Net Energy Exchanges in GWh: (+) Imports; (-) Exports

Year France Portugal Andorra Morocco Total

1996
1997
1998

2,291
27

4,519

-1,106
-2,897

-277

-125
-105
-152

-131
-706

1,060
-3,106

3,384

Source:Red Electricade Espana:www.ree.es.
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Table 8.6. Distribution Installations in 1995

Distribution Installations

HV Lines (36 kV < V < 220 kV)
Numberof HVIMV substations (capacity)

Numberof MVIMV substations (capacity)
MV Lines(0.38kV < V < 36 kV)

Numberof MV/LVsubstations (capacity)
LV lines

Source: CNSE (1995).

Total

46,367km
1,434(59,147MVA)

731 (4,454 MVA)
209,660km (83% overhead)

257,687 (74,421 MVA)
281,713 km

Table 8.7. Percentages of National TerritoryCoveredby Distribution Utilities

Percentage of National Territory

EndesaHolding(including Sevillanaand Fecsa)
Iberdrola
UnionFenosa
Hidrocantabrico

Source: Red Electricade Espana:www.ree.es.

41%
39%
16%
4%

some customers (qualified customers) to access the market directly or to buy energy
from any retail company. Later regulations have increased the speed of market lib-
eralization. Figure 8.1 presents the evolution of the number of customers that be-
came nonregulated and the associated consumed energy during 1999. At the end of
1999, the number ofnonregulated customers was 8000 ofa total of 10,083 qualified
customers.

8.1.6. Concentration Levels and Economic Indices

When the Endesa Holding bought Sevillana and Fecsa in 1997, market concentra-
tion in generation and distribution increased significantly. When the wholesale mar-
ket started in 1998, market concentration reached the levels shown in Table 8.9.
Two companies controlled almost 80% of the market with a high level of vertical
integration between generation and distribution-supply activities. Table 8.10 shows
economic indices and the evolution of tariffs for the Spanish electric sector.

Table 8.8. EnergyConsumption andNumberof Customers in 1997

VoltageLevel

High (36 kV < V < 380 kV)
Medium(1 kV < Voltage< 36 kV)
Low«1 kV)

Source: UNESA (1998).

EnergyConsumption

33,862 GWh
44,389 GWh
67,853 GWh

Numberof Customers

1,082
59,175

19,497,237
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Figure 8.1. Evolutionofthe number of and energy consumedby nonregulatedcustomers in
1999. Source: Comision Nacionalde Energia, CNE (2000).

Table 8.9. ConcentrationLevels in CompetitiveGenerationand Distribution, 1998

EndesaHolding
Iberdrola
Union Fenosa
Hidrocantabrico
Other (Cogeneration and renewable)

Source: Red ElectricadeEspana: www.ree.es.

Generation
(AverageProduction)

50%
26%
12%
5%
7%

Distribution

42%
37%
15%
4%
2%

Table 8.10. Annual Changes in Electric Sector Indices, 1988to 1997

Year Load Demand Annual Incomes Tariff RPI(*)

1988 109TWh US$8.4B 5.50% 5.80%
1989 6.30% 10.05% 4.10% 6.90%
1990 3.63% 10.12% 5.50% 6.50%
1991 4.58% 11.80% 6.80% 5.50%
1992 1.24% 4.20% 3.20% 5.30%
1993 -0.36% 2.49% 2.90% 4.90%
1994 4.05% 5.17% 2.06% 4.30%
1995 3.75% 3.77% 1.48% 4.30%
1996 2.88% 2.86% 0.00% 3.20%
1997 (146 TWh) 3.56% (13.6 B) 0.00% -3 .00% 2.20%

Sources: Red Electrica deEspana and UNESA (1998).
Note: Original data inPta. Converted to U.S.$I = 150Pta.
*RPI= Retail price index annual variations.
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Table 8.11. Evolution of the Different Costs

Cost Concepts

Fixed investment in generation
Fixed and variable O&M in generation
Fuel in generation
Transmission network owned by REE
Distribution
Utilities management
Specific taxes: nuclear industry, systems in

Spanish islands, national coal, R&D
Other incomes

Total (*)

Source: UNESA(1998).
Note: Originaldata in Pta. Convertedto U.S.$I = 150Pta.

1988

41.1%
11.4%
20.3%
2.2%

21.3%
3.9%
6.2%

-6.2%

US$8.4B

1997

27.3%
11.3%
22.7%

2.4%
24.7%

3.5%
11.0%

-2.9%

US$13.6B

The tariffs established under the earlier regulatory framework, known as Marco
Legal Estable, are based on annual costs, shown in Table 8.11. After the establish-
ment of the new electricity market, the actual average reduction in 1998 was about
3.63%. In September 1998, the Ministry agreed to minimum average reductions for
the following three years : 2.5% in 1999, and 1% in 2000 and 2001. A different per-
centage reduction was to apply to different tariff categories . However, those eligi-
ble customers who chose to remain in the tariff did not see any tariff reduction until
2002.
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Figure 8.2. Evolution of final daily energy prices in the wholesale market in 1998. Source:
OMEL(1998b); 1 $U.S. = 150 Pta.
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Figure 8.3. Evolution of final daily energy prices in the wholesale market in 1999. Source:
OMEL (1999); I $USA = 150 Pta.

The evolution of final energy prices in the daily energy market in 1998 and 1999
is shown in the Figures 8.2 and 8.3. Approximately 75% of the final price corre-
sponds to the energy in the day-ahead market, 3% to constraint management and
ancillary services markets, and 22% to capacity payments .

Hourly prices in the day-ahead energy market are correlated with demand. Fig-
ures 8.4 and 8.5 show the evolution of prices for a weekday in July and a Sunday in
January (randomly chosen) .

Day-ahead market price (cent/kWh) - Ju ly 12,2000
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Figure 8.4. Evolution of hourly prices in the day-ahead energy market on a Wednesday.
Source: Compafiia Operadora del Mercado, www.omel.es.
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Day-ahead market prices (cent I kWh) - January 16, 2000
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Figure 8~5. Evolutionof hourlyprices in the day-ahead energymarketon a Sunday. Source:
Compafiia Operadoradel Mercado, www.omel.es.

8.1.7. General Economic and Energy Indices for Spain (Source:
http://www.eia.doe.gov/ emeu/cabs/)

• Population (2001E): 40 million

• Size: 0.5 million square kilometers

• Gross domestic product (GDP, nominal, 2001E): U.S.$579B

• Real GDP growth rate (2001E): 2.6%

• Inflation rate (2001E): 3.7%

• Oil production (2001E): 21,000 barrels per day (bbl/day)

• Coal Production (1999E): 27 million short tons

• Energy consumption per capita (1999E): 132.6 MBtu (versus 355.8 MBtu in
US)

• Energy consumption: 57% (petroleum), 11.2% (natural gas), 14.3% (coal),
10% (nuclear), 7.5% (hydroelectric)

8.2. THE NEW REGULATORY FRAMEWORK

8.2.1. Background

In 1988, the regulatory framework was established by the "Stable Legal Frame-
work" (Marco Legal Estable, MLE). The MLE regulated utility revenues on the ba-
sis of standard costs. In 1994, there was a regulatory reform law (Ley Organica del
Sistema Electrico Nacional-LOSEN). Its objective was to introduce a greater de-
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gree of competition into the electricity sector, superseding the MLE. However,
many of the arrangements foreseen in the LOSEN were not finally instituted. In
January 1998, the Electricity Law 54/1997 introduced a new configuration for the
Spanish electricity system. Before this law, the Ministry of Industry and Energy
signed the Electricity Protocol with the electric utilities in December 1996 outlining
the general structure of these changes. Table 8.12 summarizes the main milestones
in the recent evolution of the Spanish electrical sector regulation.

8.2. 1.1. Creation ofREE. In 1984, the Spanish government created a new com-
pany under state control, Red Electrica de Espana (REE), to own and operate the
transmission system. It was the first attempt to improve the overall efficiency in the
sector by central coordination of all available resources and through central plan-
ning ofnew investments.

8.2. 1.2. The Marco Legal Estable. The MLE was the regulatory framework
from December 1987 (Royal Decree 1538) to December 1997. It determined the re-
muneration ofelectric companies using a cost-based approach. The main objectives
pursued by the MLE were

• To promote the efficiency of the electric sector by means of a standard cost
mechanism

• To stabilize the annual variation in electricity tariffs

• To warrant the investment recovery offixed assets during an installation's op-
erationallife

Table 8.12. Evolution of the Electrical Sector Regulation in Spain

1984 National Unified Operation Law

Dec.1987 New Legal Framework
Marco Legal Estable (MLE)

Dec. 1994 Electricity Act (LOSEN)

Dec. 1996 Electricity Protocol
(New Government-Utilities)

Creation of REE
National Grid Company
Central Dispatch

Financial Stabilization
Utility revenues based on standard costs
National tariff system

First liberalization attempt
Creation of the Regulatory Commission
Open access to new entrants

Basic principles for an overall
competitive model

Competition in generation
Stranded costs recognition
Reduction path for the regulated tariff
Development ofa new Electricity Law

Nov. 1997 New Electricity Law

Jan. 1998 Implementation of the new electricity market model
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• To decrease uncertainty in the electric sector

• To adequately redistribute the incomes of the electric sector among private
and public utilities

• To minimize the cost of service for final customers

The MLE system remunerated generation and distribution activities of each util-
ity based on the cost of service and using standard cost coefficients. All customers
under this national integrated remuneration system were price regulated. There was
no competition in generation and customers were not allowed to choose among dif-
ferent suppliers. Each year, the national tariff was set, determining the total income
for the entire electricity sector. The MLE functioned like price cap regulation (see
Chapter 4), but it was highly desegregated and had an explicit cost basis. The MLE
established "standard costs" for all factors of production. These were used to pro-
duce tariffs that generated revenues for the distribution companies. The MLE mech-
anism then distributed the revenue to both generators and distributors according to
their standard costs. The main characteristics of the MLE were the following:

• The cost recognition system was based on predetermined standard costs; the
aim was to promote efficiency of electric service through cost minimization.

• The utilities were remunerated according to the predetermined standard costs,
whatever their actual costs. Actual costs below standard costs meant profits
for the utility; the opposite meant economic losses.

• A periodic cost review was used to determine the financial health and stabili-
ty of the electric sector.

According to MLE regulation, total national revenues from electricity should
match the national cost of service. This total cost was obtained by aggregating all
recognized costs and dividing them by the expected demand. These costs included

• Generation: fixed costs of generation (amortization and remuneration of gen-
eration assets), fixed and variable operation and maintenance costs, and fuel
costs

.• Distribution: amortization of investment of distribution assets, operation
costs, commercial management costs, structure costs, and financial expenses

• Transmission: all costs associated with the REE

• Otherexpenses: uranium stock, canceled nuclear projects (due to political de-
cisions), etc.

The standard cost regulatory structure provided incentives for efficiency. Since
the firms knew what their revenues would be under the MLE, they knew that cost re-
ductions would increase profits. Also, there were incentives to (1) improve the avail-
ability ofgenerating units, (2) extend the operating lives ofassets, and (3) reduce dis-
tribution losses. All of these factors were incorporated into the standardization
process. Some standard costs were adjusted annually in response to changes in price
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indices and interest rates. Ifthe Ministry ofIndustry and Energy (which oversees the
MLE) required extraordinary investments, those costs were incorporated into the tar-
iff-making process. Environmental costs were also recovered in this way.

The MLE succeeded in improving efficiency. For example, real electricity prices
declined at an average rate of 1.1% per year between 1988 and 1994. Average
availability of the coal plants improved, and the use of power for auxiliary services
at thennal plants declined. The financial performance of the firms, as measured by
profitability, self-financing, and external debt, also improved (Kahn, 1995).

8.2.1.3. The 1994 Electricity Act (LOSEN). In the late 1980s, the government
started to consider moving to a market-oriented competitive electricity sector. Moti-
vations for this new orientation included the following:

• The organization of the industry as a vertically integrated natural monopoly
was no longer necessary because of changes in generation technology; other
countries, like Argentina and England and Wales, had successfully intro-
duced competition.

• It was believed that a competitive generation sector would reduce costs and
encourage innovation.

• Tariffs should reflect marginal costs, to provide the right incentives to con-
sumers and investors.

The first stage in the recent restructuring process of the Spanish electrical sector
was undertaken in 1994. The main items that characterized the sector were the fol-
lowing (Perez-Arriaga, 1997, 1998):

• Electrical utilities were mostly private companies. Endesa Holding was ex-
pected to be privatized. The economic and financial health of the utilities was
good.

• There had been a high level of concentration in generation and distribution
(two utilities controlled 80% of the market).

• Installed generation capacity exceeded peak demand by a high margin, imply-
ing overcapacity.

• The regulated average electricity price was higher than the short- and long-
term marginal price. The price was higher than expected under competition.
Prices were higher than those in neighboring, and possibly competing, coun-
tries.

• A subsidy to the coal industry affected the economic operation of the genera-
tion system.

A new Electricity Law, Ley de Ordenaci6n del Sistema Electrico Nacional
(LOSEN), was approved in December 1994 under a socialist government. It was a
first attempt to introduce competition into generation and to meet the expected re-
quirements that the future European Directive on the Internal Energy Market would



198 THESPANISH POWER SECTOR

impose. Many arrangements foreseen in the LOSEN were not finally implemented.
However, LOSEN did create an independent regulatory commission, Comision Na-
cional del Sistema Electrico (CNSE).

8.2. 1.4. The Electricity Protocol. In 1996, the Ministry of Industry decided to
propose a more radical change than previously proposed by LOSEN: the introduction
of competition into generation. At that time, the European Directive on the Internal
Energy Market (96/92/CE) had been approved and a conservative political party was
in control of the government. In December 1996, the Ministry of Industry and the
utilities signed an agreement, the Electricity Protocol, the main points ofwhich were:

• Setting the basis for the new competitive market in generation and establish-
ing January 1, 1998 as the starting date

• A progressive reduction ofregulated electricity tariffs over four years: at least
3% in 1998 (it was 3.63%), and 1% in each of the following years 1999,
2000, and 2001

• Recognition of the possibility of recovering stranded costs through the Costs
of Transition to Competition (CTTC) as a fixed remuneration during a maxi-
mum period of 10 years and a maximum amount of 1,988,000 million Pta
(US$13B)

• A timetable for customer choice: qualified customers were allowed to pur-
chase electricity from any supplier

Retail competition would be phased-in over a 10-year period. As of January
1998, all customers with annual demand greater than or equal to 15 GWh, and rail-
way companies, including metropolitan railways, could choose their supplier (i.e.,
they would be "qualified" customers). Table 8.13 presents the customer choice
schedule approved in the Electricity Protocol and, later, in the new Electricity law.

8.2.2. The 1997 Electricity Law

The Electricity Law 54/1997 was approved in November 1997. This law lays the
foundations for deregulation of the industry according to international experiences
and goes beyond the guidelines of the European Directive. Besides opening genera-
tion and supply activities to competition, it modifies the sector's business structure,
requiring legal unbundling of regulated and unregulated activities, and promoting
new entry. These changes would be gradually phased-in during a transitional peri-

Table 8.13. Schedule for Customer Choice in the 1997Electricity Law

Year

Annual Consumption

1998

15GWh

2000

9GWh

2002

5GWh

2004

1 GWh

2007

All

Source: ElectricityLaw 54/1997;thirteenthtransitional provision.
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od, establishing a 10-year deadline for a complete liberalization (Unda, 1998). The
basic principles of the law are the following.

• Less state intervention by rationalization of the energy policy constraints and
by leaving system operation and planning to the electricity market (except
transmission planning).

• Separation of activities. Regulated activities, such as transmission and distrib-
ution activities (including purchases by franchised regulated customers) are
separated from nonregulated activities, such as generation and the provision
of services to qualified customers. Generation and retail competition were in-
troduced. Legal separation of regulated and unregulated activities was com-
pleted by December 31, 2000. This separation is restricted to the activities,
not to ownership, so the same shareholder can have an interest in regulated
and nonregulated activities.

• The design of a bulk power competitive market, including (1) competition in
generation, started in January 1998, (2) freedom ofentry, (3) a nonmandatory
power pool managed by a MO, (4) free bilateral contracts (physical and finan-
cial) among agents, and (5) equal participating conditions for both the genera-
tion side and the demand side.

• Nondiscriminatory access to the network is guaranteed to all participants in
the market.

• Transmission and distribution network businesses are considered as regulated
natural monopolies with regulated transmission and distribution tariffs paid
by all network users.

• Redefinition of the functions of the Regulatory Commission (Comision Na-
cional del Sistema Electrico-CNSE) to achieve and promote competition and
to supervise the transparency and objectivity of system operation.

• Creation of the MO (economic management of the standardized power trans-
actions in the bulk power market) and of the SO (technical operation and su-
pervision/control in bulk power system security). Both institutions should be
independent, public or private. Also, any shareholder should not own more
than 10% of equity capital, either directly or indirectly. The set of the whole-
sale market agents should not own more than 40% of equity capital.

• A calendar for customer choice established when and what size of customers
would become qualified customers (see Table 8.13).

8.2.3. Further Regulations

The Electricity Law was amended through Royal Decrees. For example, Royal De-
cree 2017/97 (BOE, 1997b) established a general procedure for the settlement of
regulated activities. Royal Decree 2019/97 (BOE, 1997c) set the rules for the
wholesale electricity market. Royal Decree 2820/98 (BOE, 1998) accelerated the
liberalization process set by the Electricity Law with the following schedule for
qualified customers: January 1999, customers with annual consumption greater
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than 5 GWh; April 1999,3 GWh; July 1999,2 GWh; and October 1999, 1 GWh.
Furthermore, Royal Decree 2066/99 (BOE, 1999) established that all customers
connected to networks with voltages greater than 1 kV become qualified as of July
2000. Finally, Royal Decree 6/2000 (BOE, 2000a) set January 2003 as the date by
which all customers would become qualified.

8.3. THE WHOLESALE ELECTRICITY MARKET

Competitive mechanisms now govern electricity generation. The main feature of
this market is its institutionally flexible design. Transactions are conducted in two
ways: either through an organized electricity pool (nonmandatory poolco model)
with dispatch based on generation and demand bids or bilaterally between two par-
ties. Figure 8.6 presents a general representation of the different types of transac-
tions and the sequence of markets.

8.3.1. General Market Institutions

The economic and technical management of the system rests on two basic organiza-
tions:

\ /
~------""V"'--------""'-""

Market Operator

~ .
Market Operator in
coordination with
System Operator

System
Operator

Figure 8.6. The Spanish wholesale electricity market. Note:A futures market does not exist
in Spain. Source: Comision Nacional del Sistema Electrico, CNSE (1998).
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1. The MO is in charge of the economic management of the system. Its primary
functions are to receive and match the energy offers and bids and to carry out
settlements. The MO is Compafiia Operadora del Mercado Espafiol de Elect-
ricidad SA (OMEL).

2. The SO is in charge of the technical management, i.e., the activities related to
(1) the administration of the energy flows, taking into account exchanges
with other interconnected systems and (2) the determination and allocation of
transmission losses and the management of the ancillary services. The SO is
Red Electrica de Espana SA (REE).

The National Commission of the Electricity System (CNSE), since 1999 inte-
grated into the National Commission of Energy (CNE), the regulator is responsible
for resolving conflicts arising from the economic or technical management of the
system, as well as conflicts related to transmission or contracts for third party ac-
cess to the transmission and distribution networks. The Market Agents Committee
(Comite de Agentes del Mercado-CAM) represents all agents of the system in the
generation market. CAM reviews the economic management and can propose mea-
sures to improve generation market operations.

8.3.2. Structure of the Wholesale Market

Royal Decree 2019/97 (BOE, 1997c) structures the generation markets as follows:

• The daily market

• The ancillary services market

• Physical bilateral contracts

Additionally, since April 1998, there are intraday markets, which manage the nec-
essary adjustments to the daily program. There is also a procedure to manage trans-
mission constraints. Each market has an independent price. Generators are remu-
nerated based on their corresponding participation in each market at the resulting
market clearing prices.

The MO centrally manages the wholesale markets. Market participants place
forward bids to sell or buy energy. Each day there is a daily market (day-ahead) and
five intradaily markets. Market participants are producers (generation, cogenera-
tion, and renewable units), distribution companies (who buy energy for resale to
regulated customers), suppliers or retailers (who buy energy to sell to qualified cus-
tomers), qualified customers, and external agents (in neighboring systems). The
MO matches selling and buying bids by using a matching algorithm. All transac-
tions in these markets are firm.

8.3.3. The DailyMarket

In the day-ahead market, each participant bids prices and quantities for the follow-
ing day's 24 hours. Agents are allowed to present simple or complex sale offers to
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the MO. Simple sale offers can include up to 25 ranges of generation capacity for
each generating unit, with a different price for each level. Complex sale offers con-
tain the same information as the simple offer plus extra conditions that are consid-
ered by the matching algorithm to obtain a feasible schedule for generators, such as
minimum value for cost recovery, ramp constraints, and must-run conditions.

·The matching algorithm matches simple offers and independent generation with
demand for each of the 24 hours, resulting in hourly marginal prices and dispatch of
load and generation. The market price is set through the following mechanism.

• Once the period for offer presentations has expired, the MO matches the of-
fers for each hour, in order from the cheapest one to the most expensive
one, until the demand is met; it also takes into account the different con-
straints imposed by the complex offers. The matching algorithm determines
a marginal price for each period. The marginal price corresponds to the sale
offer of the last generation unit whose acceptance has been necessary to
meet demand. The matching algorithm also provides (1) the energy commit-
ted by each agent and (2) the economic priority order for all the generation
units that submitted offers (even for those that were excluded from the
matching process).

• The MO communicates the matching result to the SO and to those agents who
submitted offers in the daily market.

8.3.4. The Intraday Markets

These markets are used to account for deviations between the day-ahead market and
what market participants want to do based on updated information on unit availabil-
ity and demand deviations. There are five intradaily markets every day. Agents are
allowed to present simple or complex sale offers to the MO. Simple offers can in-
clude up to five ranges of generation capacity (or five ranges of demand volume)
for each generation or demand offer unit, with a different price for each range. In
each intraday market, the MO matches generation and demand bids to establish the
hourly program for each hour left until the programming day finishes.

8.3.5. Network Constraint Management Procedures

The SO applies a network constraint management procedure during the sequence of
the day-ahead energy market operations and in real time. The SO, taking into ac-
count the quantities (generation and demand) that have been scheduled for every
hour in the day-ahead energy market, makes a network analysis to evaluate possible
congestion or voltage problems. If there are congestion or voltage problems, the SO
will modify the results of the daily market, minimizing the cost of the deviations
with the following:

• Forced-in generators (from constrained-on units) are paid the offer price that
they submitted in the day-ahead market for the electricity generated in those
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scheduling periods in which those units are called upon to solve transmission
constraints.

• Displaced units receive no compensation for their constrained off-generation.

• Ad hoc procedures can be defined for permanent constraints.

If constraints appear in real time, the SO can resort to emergency procedures.
The additional cost incurred in removing all grid constraints is added to the cost of
ancillary services. These costs are recovered through an uplift to the energy price
and charged to the total demand in each hour.

8.3.6. The Ancillary Service Markets

The SO also manages a set of ancillary service markets with transmission conges-
tion management procedures. Initially, secondary reserves (Automatic Generation
Control, AGC) and tertiary reserves (spinning, nonspinning, and replacement) are
being provided through secondary and tertiary reserve markets. The participants
compete in quantity and price and receive the resulting marginal price for each of
these independent markets. Other ancillary services, such as primary reserve (fre-
quency response), reactive and voltage support, and system restoration, are provid-
ed, based on mandatory technical rules. It is intended that market mechanisms will
be gradually introduced whenever possible to provide and remunerate these ser-
vices.

8.3.7. Capacity Payments

Besides energy payments at market prices, generators also receive a capacity pay-
ment that depends on the annual performance. The capacity payment takes into ac-
count the generator's availability and its annual energy production. One reason for
this is that in Spain demand bids cannot set the market price. So, the market price
might not always reflect the value of capacity to customers. Since demand cannot
set the price, an adjustment is needed to ensure that the short-term value of capacity
is correctly perceived by consumers. However, the Royal Decree Law 6/2000
(BOB, 2000a) modified the high initial capacity payment, set at 1.3 Pta/kWh times
gross demand, to 0.80 Pta/kWh.

8.3.8. Bilateral Trading

There are two types of bilateral trading: financial and physical. (There is also the
possibility ofa standardized futures market run by the MO.) Transactions subject to
physical bilateral contracts need not go through the pool, although the market and
the system operators must be notified about the amounts involved, so that the con-
tracts can be taken into account in the corresponding schedule. Physical contracts
do not have priority in the system with additional security conditions or privileges
and they must pay their corresponding part of transmission and other regulatory
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costs. Financial contracts do not affect the system operation; the settlement of these
contracts is made separately by the involved parties. The MO must be notified of
these financial contracts.

8.3.9. International Exchanges and External Agents

Finally, the new organization of the wholesale energy market includes the liberal-
ization of international electricity exchanges. To date, REE has handled these ex-
changes through long-term contracts with France and short-term operational ex-
changes with France, Portugal, and Morocco. The new participants will be free to
accomplish international transactions, either through the power pool or by means of
bilateral contracts. Despite this liberalization, the Ministry of Industry and Energy
must authorize international agents to bid in the pool. Even so, according to the Eu-
ropean Directive, the Ministry can only refuse permission if there is a lack of reci-
procity (Unda, 1998 and CNSE, 1998).

8.4. TRANSMISSION ACCESS, PRICING, AND INVESTMENT

The Electricity Law guarantees all authorized agents, producers, distributors, sup-
pliers, qualified customers, and external agents (third-party) access to transmission
and distribution networks. In compliance with the provisions of the European Di-
rective, the Law provides open access to the network on payment of the correspond-
ing network charges approved by the Government. Only nondiscriminatory legal,
technical, and economic rules can be applied.

8.4.1. Remuneration of Transmission Activities

In Spain, the proposed remuneration scheme for transmission activities is based on
a revenue limitation formula applied during the first regulatory period from 1998 to
2001. The remuneration received by a transmission company j in the year t is calcu-
lated as (BOE, 1997b)

TRj,t = T~,t-l · [(1 + (IPCt - 1))/100] + II~,t-l (8.1)

where
TRj,t-l is the remuneration received by the transmission company j in the previous

year
[PCt is the retail price index in the current year, in percentage terms
II~,t-l is the increment of the remuneration associated with the new transmission

investments that company j put in operation in the previous year

The SO centrally coordinates transmission planning. After approval, the transmis-
sion company executes new network investments and the associated standard costs
are taken into account in its remuneration.
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8.4.2. Transmission Network Charges

Transmission network charges are embodied in the regulated full-service tariffs
(Le., tariffs for regulated customers) and in the access tariffs (for qualified cus-
tomers who have exerted their rights). The term "network charges" might cause
confusion because transmission tariffs are not separate from distribution tariffs in
Spain. Qualified customers must pay access tariffs to use transmission and distribu-
tion lines. The "recognized transmission revenues" are collected through full-ser-
vice and access tariffs from distributors by the regulator, which then allocates rev-
enues between Red Electrica and other transmission owners, according to
predefined revenue entitlements. Section 8.5 describes the allocation procedure.

The regulated full-service tariffs and access tariffs are set to cover transmission
and distribution costs and other institutional and specific regulated costs. Voltage
levels in six categories differentiate the tariffs:

1. Low voltage

2. 1 to 14 kV

3. 14t036kV

4. 36 to 72.5 kV

5. 72.5 to 145 kV

6. more than 145 kV

Further, the tariffs have two separate components:

• A capacity term as a function of the requested demand (MW)

• An energy term as a function of the requested energy (MWh)

In medium-voltage and higher-voltage grids, access tariffs are time-differentiated
by day and season.

8.4.3. Transmission Losses

In Spain, transmission losses are taken into account directly in the daily energy
market. They are not considered as an explicit network charge. Generation and de-
mand, taking into account transmission losses, are matched in the day-ahead ener-
gy market. Initially, under the regulatory transition period, transmission losses are
charged (1) to qualified customers through standard loss coefficients and (2) to
distribution companies that share the difference between actual and standard loss-
es in proportion to their hourly demands (BOE, 1997c). In addition, a proposal to
provide location signals related to losses to the new agents connected to the grid
has been discussed and approved. Each new market participant connected to the
Spanish transmission network (generator or load) will have an associated trans-
mission loss participation factor (loss penalty factor) that depends on its marginal
contribution to losses calculated at the point of connection. Transmission loss fac-



206 THESPANISH POWER SECTOR

tors are escalated by the ratio of marginal to estimated losses, so the correspond-
ing loss factors equal estimated losses. Generators in exporting areas will be re-
munerated for less energy than produced, whereas consumers in importing areas
will pay for more energy than consumed. These loss factors are taken into account
to match generation and demand in the central market model with a single pool
price (OMEL, 1998a).

8.4.4. Investment and Planning

All grid users can promote construction and planning of new transmission facilities,
but the SO must coordinate different proposals. All new proposed facilities should
be considered when evaluating development plans for the network. Construction,
operation, and maintenance of the new facilities will be accomplished through com-
petitive bidding mechanisms. Authorized new investment should result in new al-
lowed revenues for the transmission owner.

8.5. DISTRIBUTION NETWORK REGULATION AND
RETAI·L COMPETITION

The Electricity Law 54/1997 introduced retail competition by allowing specific
customers (qualified customers) to buy energy directly from the wholesale energy
market or through new retail companies specifically created for this purpose. Distri-
bution and selling energy to still-regulated customers are considered regulated ac-
tivities carried out by distribution companies. Accounting and legal separation are
required between regulated distribution businesses and qualified customers who
buy electricity at retail. Therefore, the supply of services to nonfranchised cus-
tomers (qualified customers that have exerted their eligibility), is made under com-
petition with other suppliers or retailers (in Spain, they are called "commercializ-
ers"). (The term "qualified customer" is equivalent to "eligible customer." The
terms "nonregulated customer," "nontariff customer," and "free customer" can be
used to denote the qualified customer who has used the eligibility right.)

8.5.1. Remuneration of Regulated Distribution Activities

The Electricity Law established that the method used to determine the remuneration
of regulated distribution activities should be based on objective, nondiscriminatory,
and transparent criteria. Also, the method should consider the geographic and mar-
ket characteristics of the different distribution areas. BOE (1997b) set the remuner-
ation of distribution companies through a revenue cap formula for the regulatory
period 1998-2001. The remuneration that distribution company j will receive in
year t, including distribution activities and energy supply to franchised customers,
is calculated as (BOE, 1997b)

DRj,1 = D~,l-l · [(1 + (fPCt -X»/lOO] · [1 + (ADRj,t· Eff)] (8.2)
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where

DRj,t-l is the remuneration received by the distribution company j in the previous
year

H'C, is the retail price index in the current year, in percentage terms
X is the productivity factor, set to 1% for all distribution companies
IiD~,t is the annual per-unit increment in demand delivered by the company in the

current year (if the demand decreases, then this value is equal to 0)
Effis the efficiency factor that represents the per-unit increment in distribution rev-

enues associated with a per-unit increment in delivered demand

Under the previous regulatory framework (MLE), recognized or standard distri-
bution costs to remunerate distribution companies were computed as follows:

• High-voltage (U > 36 kV) installation costs were evaluated by considering
standard costs associated with the type and number of installations the com-
pany put into service

• Medium- and low-voltage installation costs were evaluated by considering
standard coefficients that multiply the annual energy flow supplied by each
network

Under the new regulatory framework, the use of "starting-from-scratch" plan-
ning models for distribution networks has been proposed to set the initial revenue
for each utility considering the geographic and market characteristics of its distribu-
tion areas (DISGRUP, 1998 and Roman, Gomez, Munoz, and Peco, 1999).

8.5.2. Distribution Losses

In addition, distribution companies have an explicit incentive to reduce losses in
their networks. Standard loss coefficients are taken into account to calculate the
standard network losses for distribution companies. These standard losses are
charged to consumers through full-service and access tariffs. Table 8.14 shows the
standard loss coefficients applied to the energy consumed by nonregulated cus-
tomers connected to high-voltage networks. The standard loss coefficient applied to
regulated customers connected to low-voltage networks is 13.7% (BOE, 1999).

Table8.14. Percentage Energy Losses for Nonregulated Customers with Access Tariffs

Network Voltage Level Period 1 Period 2 Period 3 Period 4 Period 5 Period 6

(lkV < U < 36kV) 6.8% 6.6% 6.5% 6.3% 6.3% 5.4%
(36kV < U < 72.5kV) 4.9% 4.7% 4.60/0 4.4% 4.4% 3.8%
(72.5kV < U < 145kV) 3.4% 3.3% 3.2% 3.1% 3.1% 2.7%
(145kV < U) 1.8% 1.7% 1.7% 1.7% 1.7% 1.4%

Source:BOE (1999).
Note: The year is divided in six load periods.
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Standard loss coefficients are calculated taking into account average estimated loss-
es. Every distribution company must buy real losses from the energy wholesale
market at the energy pool price. If the real losses are lower than the standard ones,
then the company will make profits. Otherwise, it will sustain a loss.

8.5.3. Distribution Network Charges

Usually, aggregated network distribution costs are charged to final customers de-
pending on the network voltage level where they are connected, despite their partic-
ular point of supply. A hierarchical structure of the network is assumed, so that cus-
tomers connected by a high- or medium-voltage network pay a network charge that
corresponds to their participation in the total costs of transmission, and upstream
distribution network, according to (1) their requested demands, and (2) their peak
responsibility factors.

Distribution network and transmission charges are embodied in the regulated
full-service and access tariffs; see Section 8.4.2. These tariffs are classified accord-
ing six different voltage levels, and they have two separate components: a capacity
term and an energy term. In addition, they are time-differentiated by six periods
during the year. Table 8.15 shows the range of variation of high-voltage access tar-
iffs, depending on the period of the year.

8.5.4. Power Quality Regulation

Power quality regulation has been approved in Spain with specific regulation for
transmission and distribution (BOE, 2000b). Most aspects of service quality are
regulated: continuity of supply, voltage quality, and commercial services to regulat-
ed customers.

Distribution companies are responsible for technical aspects of the quality of ser-
vice, including continuity of supply (i.e., interruptions) and voltage quality (Le.,
voltage levels and voltage disturbances). Retailers selling energy to nonregulated
customers can require the regulated technical quality from the distribution compa-
nies that supply their customers. Distribution companies must also control voltage
disturbances by their customers. Therefore, customers must comply with limits of
disturbance emissions set to guarantee voltage quality.

Table 8.t5. High~Voltage Access Tariffs

Network Voltage Level Capacity Term ($/kW -year) Energy Term ($/MWh)

MV (lkV < U < 14kV)
MV (14kV < U < 36kV)
HVI (36kV < U < 72,5kV)
HV2 (72,5kV < U < 145kV)
Transmission (145kV < U)

12.7-2.1
10.0-1.7
9.2-1.5
8.5-1.4
7.7-1.3

2.2-0.6
1.7-0.5
1.6-0.4
1.5-0.4
1.3-0.4

Source:BOE (1999).
Note: The range correspondswith time differentiation from Period I (highestvalue) to Period 6 (lowest
value). Originaldata in Pta. Convertedto U.S.$1 =150 Pta.
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Continuity of supply is measured and controlled in the different geographic sup-
ply areas of an electric company. The following reliability indices are calculated in
each area:

• Average System Interruption Duration Index (TIEPI in Spanish) measures the
total duration of interruptions. It is calculated as the average total duration of
interruptions in medium voltage weighted by the affected installed capacity in
medium voltage/low voltage transformers in a particular area. An 80 per-
centile TIEPI is the value ofTIEPI met by 80% of the towns in the considered
geographic area, for instance in a province.

• Average System Interruption Frequency Index (NIEPI in Spanish) is calculat-
ed as is TIEPI, but considers the number of interruptions, instead of duration.

Four areas are considered for control of continuity of supply: (1) urban areas-
towns with more than 20,000 consumers; (2) semiurban areas-towns with more
than 2000 consumers and less than 20,000; (3) rural concentrated areas-towns
with more than 200 consumers and less than 2000; and (4) rural dispersed areas-
towns with less than 200 consumers or areas with isolated consumers. Reliability
indices are measured for each type of area in each province, and for each company.
Measured indices should be below the specified quality limits proposed in Table
8.16.

If a distribution company does not comply with the required quality, it must pro-
pose a quality improvement plan that must be approved by the Regional Adminis-
tration. If the plan is not carried out or delayed, the company could be penalized.

Continuity of supply levels for individual customers are also guaranteed. The to-
tal annual duration of interruptions and the total number of interruptions should be
below specific limits, depending on the voltage supply level and the distribution
area where the customer is connected. For instance, domestic customers connected
in low-voltage networks should not have more than 6 hours (urban areas), 10 hours
(semiurban), 15 hours (rural concentrated), or 20 hours (rural dispersed) of inter-
ruptions in a year. In case of noncompliance with these limits, the distribution com-
pany must compensate the affected customers with five times the average price of
its annual consumption by the estimated energy not delivered in the hours of inter-
ruptions exceeding the limit.

Table 8.16. ProposedReliabilityIndex Limits for Continuityof Supply

TIEPI TIEPI80% NIEPI
Area Type (hours) (hours) (# of interruptions)

Urban 2 3 4
Semiurban 4 6 6
Rural concentrated 8 12 10
Rural dispersed 12 18 15

Source: BGE (2000b).
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Distribution companies will measure all aspects of voltage quality, as defined in
European Norm 50160 (CENELEC, 1994). This information is sent to the Regional
Administration and to the regulator. In addition, distribution companies are re-
quired to inform potential customers of expected voltage quality indices at their
connection points.

Commercial services are also regulated. Distribution companies are required to
meet specific quality levels regarding commercial services related to measurement,
billing, maximum time for connection of new customers, quality of service infor-
mation, etc. Companies should inform customers about best tariff options and ener-
gy use.

8.6. PARTICULAR ASPECTS OF THE REGULATORY PROCESS
IN SPAIN

8.6.1. Estimated Stranded Costs

An adequate treatment of CTTC is a key issue when the introduction ofcompetition
is done in systems with private or investor-owned utilities, as in Spain or in the US.
This problem has not appeared in countries where the liberalization process has
been joined to the privatization process, as in England and Wales, Chile, Argentina,
etc.

In the Electricity Protocol, the Ministry of Industry and the Spanish utilities
agreed on a mechanism for recovering a limited amount of stranded costs during a
transition period of 10 years. The stranded costs or CTTC were understood as the
difference between the incomes that utilities would receive under the previous regu-
latory framework and the estimated incomes that they would receive under the new
regulatory system based on competition.

The remuneration of the generation assets under the previous regulatory frame-
work (MLE) was based on average generation costs calculated according to stan-
dard cost parameters. Because of new generation technologies, such as combined-
cycle gas turbines (CCGTs) and international coal prices, the expected long-term
marginal generation costs in Spain under a competitive framework would be lower
than historic average costs. Therefore, the incomes of the generation utilities would
decrease in comparison to the previous situation.

The process of computing the CTTC amount has been as follows (Arraiza,
1998):

• Computation of the present value of the income that the utility would receive
under the previous regulatory framework (MLE)

• Computation of the present value of the expected incomes under competitive
mechanisms based on marginal-cost pricing. A pool price of U.S.$40/MWh
was assumed. This price included the capacity payment and the ancillary ser-
vices costs.
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• The difference between these two quantities was reduced by an efficiency
factor of 32.5%

•

• An amount ofU.S.$1.7B has been added to the previous amount to subsidize
the use of domestic coal in competitive conditions instead of imported coal.

The total resulting amount was U.S.$13B. Table 8.17 details this quantity.

8.6.2. The Stranded Costs: Methodology for Recovery

8.6.2.1. Initial Methodology (January 1998). All customers should pay the
CTTC, as a regulated charge, without discrimination regarding regulated or nonreg-
ulated customers. The CTTC is charged through regulated full-service and access
tariffs. Monies devoted to this compensation for the companies' stranded costs are
the "Retribuci6n Fija" (RF). However, the RF is a residual quantity, being paid
from whatever is left after paying the different regulatory entitlements from the tar-
iff revenue. These regulatory entitlements include payments for power purchased
from the various markets (production, intraday, deviations, and reserve energy) for
the tariff market (at the relevant wholesale market price), distribution remuneration,
transmission remuneration, nuclear moratorium costs, MO and SO costs, and other
costs. The residual is distributed to the companies as the RF payment for that year,
according to the fixed percentage shares (see below for more detail on the settle-
ment procedure to recover the regulated costs).

If the annual average pool price stands above the estimated pool price
(lJS$40/MWh), then the annual amount of CTTC would be reduced by the differ-
ence between the actual pool price and the estimated pool price. So, the estimated
value of US$40/MWh acts as a cap for the pool price for CTTC recovery. On the
other hand, if the average pool price is below the estimated pool price, then the an-
nual amount of recovered CTTC will be greater than expected and an acceleration

Table 8.17. Components of the CTTC Calculation in Spain

Concepts

Nuclear
Thermal (coal and oil)
Hydro and pumping
New investments
Other concepts
Subtotal
Efficiencyfactor (32.50/0)
Coal national subsidy

CTTC Total

7.9
4.3
2.6
1.2
0.7

-5.4
1.7

Total (US$ billion)

16.7

13.0

Note: Original data in Pta. Converted to U.S.$I = 150 Pta.
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of the CTTC recovery process would occur. Unless the principle of cost recovery is
accepted and applied to tariffs in the future, there is no guarantee of full recovery of
stranded costs.

8.6.2.2. Further Developments. In September 1998, the electricity companies
and the Ministry of Industry and Energy agreed to some changes regarding the
CTTC, as part of the revisions to the Electricity Protocol. These changes included
the following.

• A write-off from the maximum CTTC entitlement, reducing it by approxi-
mately 85%.

• Securitization of about 75% of the CTTC entitlement; this amount will be re-
covered from 4.5% of the tariff billing over time.

An amendment to the Electricity Law was approved in November 1998 to allow
these changes. However, after negotiations with the European Commission, the se-
curitization proposal was never effectively implemented.

8.6.3. The General Settlement Procedure: Regulated Tariffs
and Revenues

During the regulatory transition period in Spain, a settlement procedure for regulat-
ed activities in coexistence with nonregulated activities has been adopted. This pro-
cedure is presented in Figure 8.7. Regulated tariffs must compensate, apart from
transmission and distribution revenues, part of the incomes of the agents who par-
ticipate in the competitive generation market, such as fixed costs of some genera-
tors (stranded costs) or additional costs for special generation (renewable or cogen-
eration) (BOE, 1997b).

The regulated incomes received by each distribution company are collected in
three ways:

1. Regulated full-service tariffs paid by final franchised customers, including
energy and network services

2. Regulated access tariffs paid directly by free customers or by retailers for
their free customers

3. Connection fees and metering equipmentfees paid by end-use customers

The tariffs are calculated by taking into account that the total incomes should cover
the total electricity sector costs. Table 8.18 presents this cost estimation.

Some of the regulated full-service tariffs and access tariffs are devoted to sup-
port the institutional and specific system costs, such as system operator, market op-
erator, and regulator costs, and compensation for nuclear investments that were
made in power plants that were canceled, etc. Usually, the percentages applied to
full-service tariffs are different from those applied to access tariffs. This is to ensure
that the same amount is being recovered whether the customer is free or not.
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Table 8.18. Costs Included in the Estimation of Regulated Tariffs in 1998

Cost Concepts

Generation costs (Pool energy $30.6/MWh, Ancillary services $l/MWh,
Capacity payments $8.7/MWh, Renewables and other)

Competition transition costs (CTTCs)
Institutional costs: SO, MO, CNSE, other
Transmission costs (REE plus transmission owners)
Network distribution plus supply to regulated customers costs
Specific costs for generation diversification: nuclear moratorium and others

TOTAL COSTS

Source:UNESA(1998).
Note: Originaldata in Pta. Convertedto U.S.$I = 150Pta.

1998

54.8%
10.7%

1.8%
4.8%

23.5%
4.4%

U.S.$ 12.9 B

Each distribution company must pay for the energy (pass-through) that has been
purchased in the wholesale market to other generators or to special generators. This
is the energy that the distribution company has bought to supply electricity to its
regulated customers. The distribution company must also pay the corresponding ac-
cess tariffs to other distribution companies.

Because of the CTTC recovery procedure and because access tariffs are not dif-
ferentiated by geographical areas, the company net income would not necessarily
equal the company regulated revenues set by the regulator. Therefore, the compen-
sation mechanism shown in Figure 8.7 has been implemented.

Under this compensation mechanism, every distribution company puts its net in-
come in a common fund. The sum of the total net incomes from all distribution
companies is equal to the sum of the total regulated revenues plus the CTTC that
generation companies would receive. Every distribution company receives its regu-
lated remuneration from the fund, according to the revenue limitation formula. This
remuneration is calculated taking into account the estimation of the companies real
distribution costs, Le., the particular characteristics of the region where the compa-
ny distributes electricity, such as the number of customers and the customer densi-
ties in rural and urban areas supplied, as discussed above.

The compensation mechanism decouples direct payments made by network
users from companies' remunerations. The economic efficiency of this practice has
been criticized because it does not send the right economic signals to customers. In
particular, the differentiation between rural and urban customers is not considered.
However, it has been recognized that, at least during the transition period, it pro-
vides beneficial regulatory effects. First, it is appropriate for the standardization and
computation of the distribution costs, because the regulator, by using uniform
(nondiscriminatory), transparent, and objective criteria, establishes the base remu-
neration for every distribution company in the country. There are no different eval-
uation criteria for each distribution company. This problem usually occurs when
each distribution company proposes its own network tariffs based on its own cost
estimation and evaluation. Second, it contributes to the open access principle, be-
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cause the network tariffs will not discriminate between customers as a function of
the company that provides the service. Third, it has been established that the struc-
ture of access tariffs paid by free customers should be the same as the structure of
full-service tariffs paid by regulated customers.

In this way, the following relationship is met:

Access Tariff = Full-Service Tariff-Wholesale Energy Price (8.3)

such that the following conditions are met.

• There is no discrimination between regulated and nonregulated customers; all
customers contribute to the regulated system costs.

• Coherency is achieved between economic signals, i.e., network and energy
prices.

• There is a unified settlement procedure for regulated tariffs, Le., access and
full-service tariffs.

• The tariff system takes into account voltage levels and time ofuse, which pro-
vides efficiency by giving economic signals to the users.



CHAPTER 9

THE ARGENTINE POWER SECTOR

9.1. GENERAL DESCRIPTION OF THE ARGENTINE POWER SYSTEM

In the late 1980s,Argentinafaceda chroniclack of investment, high growthin elec-
tricity demand(nearly7% per year), and frequentpoweroutages. In responseto this
challenge, Argentina introduced a competitive market in 1992,with the Electricity
Law #24.065. Generation, transmission, and distribution were separated. Most of
the electricitycompanies wereprivatized. In 1994,importantreformsto the bidding
system were enacted. Argentina's electricity sector at the wholesale level became
one of the most open and competitive in the world. Unfortunately, today, Argentina
is facinga severenationaleconomic and financial crisiswhoseconsequences on the
electricitysector are difficult to predict.

9.1.1. Generation and Current Structure of the Industry

In 1992, the government carried out a vertical and horizontal disintegration of all
federal electricity companies, except those with nuclear plants and the binational
hydroelectric projects. Then, the resulting business units were privatized. From
1995, mostof the provincial companies were also vertically separated and priva-
tized. Since 1992,generationhas been organizedas a competitive marketwith inde-
pendent generation companies selling their production in the wholesale market,
Mercado Electrico Mayorista (MEM), and by private contracts with other market
participants. The administration and operation of MEM is done by the Campania
Administradora del Mercado Electrico Mayorista SA (CAMMESA), which acts
both as system and market operator. Section9.3 describes the wholesalemarket in
more detail.

Currently, there are more than 40 private thermal and hydroelectric generating
companies operating in MEM. The largest are the thermal plants, Central Puerto
(1009 MW), Central Costanera(1260 MW), and ESEBA (1049 MW), and the hy-
droelectric plants, Chocon (1320 MW), Alicura (1000 MW), and P. del Aguila
(1400 MW). In addition there are two state-owned binational hydroelectric power
generators: Yacyreta (1500 MW, Phases I & II, ownedjointly with Paraguay), and
Salto Grande (540 MW, ownedjointly with Uruguay). Finally, there are two state-
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owned nuclear plants (1108 MW); a third nuclear plant of 750 MW has been under
construction since 1981.

In the liberalized Argentine market, the private sector has been eager to fund in-
vestment in generation capacity. Statistics on generation capacity and private own-
ership are illustrative:

• 2.0 GW ofnew gas-fired capacity were added to the system since 1991 and at
least as much is under construction.

• From 1991 to 1997, total installed capacity increased by 31% from 14.6 GW
to 19.1 GW.

• The number of generating companies increased from 14 to 45 from 1991 to
1997.

• 40 of these 45 generating companies are privately owned.

(These data do not include provincial and cooperative generators that do not belong
to the MEM.) Annual electricity production was 74,500 GWh in 1999 and the in-
stalled capacity was about 19,920 MW. The stable regulatory and political environ-
ment made generation investment in Argentina attractive.

In 1999,34.3% of the energy was provided by hydroelectric units, 56.7% was by
fossil-fuel-fired units, and 8.5% by nuclear power plants. The rest came from im-
ports. Hydroelectric units are mostly located far from the Buenos Aires area, where
almost 60% of the load is concentrated. They are connected through radial trans-
mission lines. Gas is imported by pipeline from the Comahue and the Northern Ar-
gentine regions to the Buenos Aires area, where most gas-fired generation units are
located.

9.1.2. Transmission

Transmission activity is regulated. Transmission companies are required to provide
third-party access to all market participants and collect network charges for provid-
ing transmission services. Transmission companies are prohibited from generating
or selling electricity. The law precludes any generator, distributor, large customer,
or any firm (that controls or is controlled by any of them) being the owner of or the
controlling shareholder of a transmission finn.

The Compafiia de Transporte de Energia Electrica en Alta Tension SA
(TRANSENER) is the major independent and regulated transmission company. It
owns and operates the 500 kV interconnected network and some of the 220 kV
lines. This interconnected system (SADI in Spanish) covers almost 90% ofArgenti-
na. TRANSENER's lines link the main generation areas with the main demand cen-
ter of Gran Buenos Aires. The 500 kV network is a radial network with a low level
of interconnection. When any of these major lines fail, the supply to Buenos Aires
can be seriously disrupted, limiting the available energy. A critical transmission
corridor is between the Comahue area and Buenos Aires. Because of Comahue gen-
eration additions, this corridor has reached full capacity. The construction of a so-
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called "fourth line" to expand transmission capacity linking the north and south of
the country has been concluded.

Apart from TRANSENER, there are other transmission companies with high-
voltage transmission assets: six private regional transmission concessionaires and
14 Technical Transmission Function Providers (PAFTTs). Table 9.1 shows the
most important transmission companies.

Currently, there are international links with Uruguay and Brazil, and exports to
Chile are expected. Recent construction includes 1000 MW of interconnection ca-
pacity with Brazil and another 1000 MW are under construction. It is expected that
Argentinian sales will release pressure in the domestic market, where many genera-
tors are competing for market share. Most of'Yacyreta's (hydroelectric) output will
be exported (even with 7% annual load growth), so that new entry of thermal gener-
ators will be encouraged. Transmission expansions are developed under competi-
tion by privately owned, independent transmission owners; see Section 9.4.4 for
more details.

9.1.3. Distribution

Distribution is also regulated. It involves the transmission of electricity from the
supply points in the bulk power system, owned by TRANSENER and the regional
transmission companies, to final customers. Distribution companies operate as geo-
graphic monopolies under licenses, with the obligation to provide service to all reg-
ulated consumers within their specific region.

There are four types of distribution companies. First, at the national level, there
are three private national distribution companies (EDENOR, EDESUR, and EDE-
LAP) that operate in the Gran Buenos Aires area. The national regulatory body,
Ente Nacional Regulador de la Electricidad (ENRE), regulates them. Second, there
are provincial private distribution companies that are regulated by provincial regu-
latory bodies. Third, there are provincial electric utilities that have not been priva-
tized; some of them are vertically integrated. They are not explicitly regulated.
Fourth, there are many cooperatives under the jurisdiction of provincial or munici-

Table 9.1. Transmission Companies in the ArgentineInterconnected System

Transmission VoltageLevels Lines Transformers
Companies (kV) (km) (MVA)

TRANSENER 500/220 7,450 6,300
TRANSNOA 132 2,464 956
TRANSPA 300/132 2,217 1,248
DISTROCUYO 220/132 1,245 1,025
TRANSNEA 330/132 836 601
TRANSCOMAHUE 300 829 387

Source:CAMMESA:www.cammesa.com.
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pality authorities. In 1997, private companies distributed almost 50% of the energy.
Table 9.2 gives output and number of customers as of 1999.

9.1.4. Consumption

Electricity demand has had an average annual growth rate of 6.2% from 1990 to
1998. In 1999, the industrial sector accounted for 40% of the total demand; residen-
tial and commercial users accounted for 31% and 17%, respectively. Other uses ac-
counted for the rest. Most of the consumption, 55%, is concentrated in the Buenos
Aires area (city and Gran Buenos Aires). The annual electricity demand invoiced to
final customers in 1999 was 64,489 GWh (see 1999 electrical sector data at
http://energia.mecon.gov.ar).

The Electricity Law recognizes a class of large customers, consisting of industri-
al and other users with substantial electric supply needs, that can buy energy from
the spot market or through contracts with generators, outside the regulated tariffs.
Large users include consumers whose peak demand is equal to or higher than 30
kW. Large users are divided into three categories:

1. Major large users (GUMA in Spanish) larger than 1 MW with annual con-
sumption larger than 4380 MWh who are required to sign contracts for at
least 50% of their purchases and take the remainder of their energy at the
MEM spot price.

2. Minor large users (GUME in Spanish) between 0.1 and 1 MW with triple tar-
iff measurement equipment who must contract 100% of their load.

3. Particular large users (GUPA in Spanish) between 0.03 and 0.1 MW with
simple tariff measurement equipment.

Further, GUMEs could also be customers with a peak demand between 0.03 and
0.1 MW with triple tariff measurement equipment, or with a peak demand between
1 and 2 MW, contracting 100% of their load. There are plans for expanding retail
competition to all customers. In 1999, there were 409 GUMAs, 1545 GUMEs, and
29 GUPAs.

Table 9.2. Distribution Companies and Zones: Energy and Customer Supplied in 1999

Distribution Companies
and Zones

EDENOR
EDESUR
Buenos Aires
Santa Fe
Cordoba
EDELAP
Other provinces

Invoiced Energy
(GWh)

12,881
12,324
8,053
5,722
3,918
1,933

19,656

Customers
(thousands)

2,237
2,105
1,601

979
902
284

3,204

Source:Secretariade Energiay Mineria: www.energia.mecon.gov.ar.
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9.1.5. Electricity Tariffs

From the beginning of the privatization process (September 1992), average tariffs
for typical customer classes have been kept almost constant (Guidi, 1997). For in-
stance, low-demand (up to 10 kW) residential customer tariffs (T1-R2) have been
near U.S.$65/MWh. General use customer tariffs (TI-G2) have had a tariff near
U.S.$110/MWh. Tariffs for high-demand customers (above 50 kW) connected to
medium-voltage (MV) networks (T3-MV) were stabilized at U.S.$60IMWh.

9.1.6. Economic and Energy Indices
(Source: www.eia.doe.gov/emeu/cabs/)

• Population (2001E): 37.4 million

• Size: 2.8 million square kilometers

• Gross Domestic Product (GDP, 2001E): U.S.$273 billion

• Real GDP Growth rate (2001E): -1.5%

• Inflation rate (2001E): -0.7%

• Oil production (2000): 816,100 barrels per day (bbl/day)

• Net oil exports (2000E): 312,100 bbl/day

• Natural gas production (1999E): 1.22 trillion cubic feet (Tcf)

• Natural gas consumption (1999E): 1.19 (Tcf)

• Coal Production (1999E): 370,000 short tons

• Coal consumption (1998E): 1.35 million short tons

• Energy consumption per capita (1999E): 74.2 MBtu (versus 355.8 MBtu in
the United States)

9.2. THE REGULATORY FRAMEWORK

9.2.1. Background

Until 1992 in Argentina, as in other Latin American countries, the electric sector
was mainly composed of government-owned enterprises. Federal and state compa-
nies owned most generation. Table 9.3 shows the electricity generation by owner-
ship in 1987.

Tariffs were set by Cabinet decision, although there was a governmental
agency in charge of electricity policy. In Argentina, the Ministry of Public Works
and Services, through the office of the Deputy Secretary of Energy, had authority
to controlthe electricity sector's planning, licensing, tariffs, and development.
The Ministry of Economics controlled tariffs and investment programs. In addi-
tion, public electricity companies' investment decisions were substantially con-
trolled by the Federal Government. In particular, long-term investments were cur-
tailed during periods of macroeconomic adjustment and periods of political
instability.
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Table 9.3. Electricity Generation by Ownership in 1987

Generation of
48,084GWh

Federal
Provincial
Cooperatives and others

Source: Spillerand Martorell (1996).

89.5%
10.3%
0.2%

Public ownership, nontransparent regulatory systems, and direct intervention by
the administration on pricing and investment decisions influenced pricing policies
(Spiller and Martorell, 1996). Some effects were

1. Average tariffs below long-run average costs

2. Cross-subsidies and discrimination among final customers

3. Uniform prices across regions

Consequently, at the end of the 1980s, Argentina had chronic electricity shortages,
the operation of the electricity generation system was highly inefficient, and large
generation investments were canceled or delayed, giving priority to smaller and
lower-capital investment plants.

At that time, some tariff categories were cross-subsidizing other tariff categories,
which sometimes did not cover energy costs. Also, the government subsidized this
system every year. There were no quality standards and no relationship between tar-
iffs and quality of supply. Thermal generation unavailability levels of 50% (due to
lack of maintenance) and dry hydrological conditions during years 1988 and 1989
caused severe energy restrictions, producing long and frequent supply interruptions.
Under this situation, the Federal Government decided to introduce major changes
by restructuring and privatizing the electricity industry.

9.2.2. The New Electricity Law

Law 24,065 was issued in 1992 (Electricity Law, 1992), changing the previous
1960 Law 15,336 and establishing the new regulatory framework. The main objec-
tives of the Law were (Bastos and Abdala, 1996)

• To protect the users' rights

• To promote competition in generation and supply markets

• To promote the operation of transmission and distribution under adequate
conditions of reliability, open access, and nondiscrimination

• To ensure fair and reasonable tariffs

• To promote new long-term investment to ensure supply and competition
wherever possible
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The main results of this Law were (Bastos and Abdala, 1996)

• The separation of generation, transmission, and distribution

• The creation of a wholesale electricity market based on marginal prices and
competition among generators (low levels of ownership concentration were
allowed; a maximum of 10% was specified)

• The transmission was regulated and transmission owners were not allowed to
participate either in generation or in distribution

• The creation of CAMMESA, the System Operator (SO) in charge of the eco-
nomic and technical system operation

• Distribution was carried out within each service territory under the terms of a
distribution concession (obligation to supply) that recognized monopoly con-
ditions in the corresponding area

• The creation of ENRE as the regulatory commission

The successful privatization process that was put in place in Argentina (Perez-
Arriaga, 1994)

• Promoted the entry ofprivate capital in a well-defined and competitive frame-
work

• Promoted economic efficiency, improved investment, and plant availability

• Ensured cost-reflective tariffs based on marginal costs

• Limited the government's involvement to the regulatory roles of promoting
efficiency and protecting customers

The privatization took place by splitting generation, transmission, and distribu-
tion into separate companies and selling the majority of their shares by open com-
petitive tender. See Section 9.2.4 for a more detailed description of the privatization
process.

9.2.3. Regulatory Authorities

The Secretary of Energy, who works within the jurisdiction of the Ministry of
Economy, Public Works, and Utilities, has overall responsibility and regulatory
power over the electricity industry. Currently, the Secretary grants and controls
electricity sector concessions at the national level through the National Directorates
for Coordination and Regulation of Prices and Rates for Electricity Planning. The
Secretary also receives assistance from the Federal Board of Electric Energy, which
has representatives from each province. This is an advisory body that coordinates
policies for the sector.

ENRE was created by the Electricity Law with the functions of a regulatory
commission. ENRE is an independent body with legal capacity to pursue the stat-
ed objectives of the Law. ENRE reports to the Secretary of Energy. ENRE has
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five independent members selected by the Government. ENRE enjoys consider-
able autonomy and its members cannot be easily removed. The main functions of
ENRE are

• To enforce Law 24,065,

• To issue standards of safety, quality of service, and environmental protection

• To prevent anticompetitive, monopolistic, or discriminatory behavior

• To establish the basis for tariff determination

• To establish the criteria and conditions for awarding concessions

• To control the sector activities and apply penalties for noncompliance

The main objectives regarding quality of service, tariff: and obligation of supply
are centered on the rights of final users. This new model separates the regulatory
functions (in the hands of the Federal Government) from the service itself, which is
provided by private firms, Transmission and distribution are "public services,"
whereas generation is only defined as a "general interest" activity. The first two ac-
tivities are regulated by ENRE, whereas generation is subject to market rules (ex-
cept safety and environmental concerns that are supervised by ENRE). Distribution
companies have the obligation to supply and the government assumes no responsi-
bility for guaranteeing the security of supply. Penalties for failing to meet this
obligation are imposed whatever the reason for the failure.

CAMMESA is a nonprofit organization responsible for scheduling and dispatch-
ing generating units to meet electricity demand. CAMMESA also coordinates the
payment and settlement of MEM transactions. CAMMESA's shareholders are (1)
the Secretary of Energy and associations representing (2) generators (AGEERA),
(3) transmitters (ATEERA), (4) distributors (ADEERA), and (5) large users (GU-
MAs), each holding 20% of its equity. The government appoints its chairman and
vice-chairman, and retains specific powers of veto. The Chief Executive Officer is
nominated by the five shareholders.

9.2.4. The Privatization Processin Argentina

The assets of the former state-owned utilities SEGBA, AyEE, and Hidronor were
split into many small companies. Most of their shares have been sold. The privati-
zation is almost complete; see Tables 9.4-9.6. The policy of the two binational hy-
droelectric plants has still to be decided. Once the restructuring process is complete,
private capital will be included in nuclear power plant ownership.

9.3. THE WHOLESALE ELECTRICITY MARKET

Competition in generation was introduced with the creation of a wholesale spot
market (MEM). Offers to sell energy made by generators provide the basis for both
the economic dispatch and the setting of energy spot prices in the MEM. Distribu-



Table 9.4. The Privatization ofGenerators

Name

Central Puerto SA
Central Costanera SA
Central Pedro de Mendoza
Central Dock Sud
Central Alto Valle
Central Guemes
Central Sorrento
Central San Nicolas
Central Termicas del Noreste Argentina SA
Central Termicas del Noreste
Central Termicas Patagunicas SA
Central Termicas del Litoral SA
Hidroelectrica Diamante SA
Hidroelectrica Rio Hondo SA
Hidroelectrica Ameghino SA
Centrales Tennicas Mendoza SA
Hidroelectrica Alicura SA
Hidroelectrica EI Chocon SA
Hidroelectrica Cerros Colorados
Hidroelectrica Piedra del Aguila SA
Hidroelectrica Futaleufa SA

Privatization Date

April 1992
May 1992
October 1992
October 1992
August 1992
September 1992
January 1993
April 1993
March 1993
March 1993
November 1993
July 1994
September 1994
December 1994
October 1994
October 1994
August 1993
August 1993
August 1993
December 1993
June 1995

Source: Ministryof Economy and PublicWorksand Services: www.mecon.ar.

Table 9.5. The Privatization ofTransmission Companies

Name

TRANSENER
TRANSNOASA
TRANSPASA
TRANSNEASA
DistroCuyo

Privatization Date

July 1993
January 1994
January 1994
October 1994
"December1994

Source: Ministry of Economy and Public Works and Services:
www.mecon.ar.

Table 9.6. The Privatization ofDistribution Companies

Name

EDENORSA
EDESURSA
EDELAP (La Plata)
Empresa electrica de Rio Negro
Compaiiia General de Electricidad Jujuy (COE)
Empresa Distribuidora de Energia Norte (EDEN)
Empresa Distribuidora de Energia Sur (EDES)
Empresa Distribuidora de Energia Atlantic (EDEA)

Privatization Date

August 1992
August 1992
November 1992
August 1996
November 1996
April 1997
April 1997
April 1997

Source: Ministryof Economyand PublicWorksand Services: www.mecon.ar.
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tors and large users (with direct access to MEM) purchase energy at the contractual,
seasonal, or spot price.

The wholesale generation market is organized as follows:

• A single market for the bulk trading ofelectricity (the pool)

• Hourly market prices for electricity sold by generators, but average seasonal
prices for electricity purchased by distributors (a mechanism for balancing
seasonal differences)

• A central role for the national dispatch entity (CAMMESA) in maintaining
system security through central scheduling and dispatch ofgenerating units

• A central settlement system managed by CAMMESA for the pool transac-
tions between the pool members

9.3.1. Market Participants

The main participant categories in the MEM are the following:

1. Generators subject to scheduling and dispatch rules that have financial con-
tracts with distributors, retailers, or large users; these contracts do not affect
the order of economic dispatch

2. Transmitters responsible for the bulk-power transmission system

3. Distributors responsible for distributing energy to final customers through
medium-voltage (MV) and low-voltage (LV) networks

4. Large users that buy energy directly from the MEM or through retailers

5. Retailers that buy energy produced by generators and sell energy consumed
by large customers

9.3.2. Energy Market and Economic Dispatch

Economic dispatch is designed to ensure the most efficient production ofelectricity.
Initially, MEM procedures required thermal generators to bid their audited variable
cost ofproduction, which included their fuel costs. (Since November 1995, genera-
tors have been allowed to bid prices; upper limits to the price bids are set.) In Ar-
gentina, CAMMESA sets generators' offer prices based on the seasonal fuel prices.
Hydroelectric generators also submit their units' water values to CAMMESA. The
hourly spot price resulting from the economic dispatch is generally set by the most
expensive thermal generator running.

The hourly energy spot price is differentiated according to nodal factors that ac-
count for the marginal effect of transmission network losses. Nodal factors are cal-
culated for each system transmission bus, taking as a reference the system load cen-
ter in Ezeiza, close to Buenos Aires. Nodal factors vary according to season and
time ofday (the peak is from hI8 to h23, the valley is from h23 to h6, and the shoul-
der hours are from h6 to hI8). Nodal factors reflect the expected marginal losses as-
sociated with an incremental energy transaction from a transmission bus to the load
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center. In exporting areas, nodal factors will be lower than one. In importing areas,
they will be higher than one. The marginal energy price at a given node (price re-
ceived by the generator or paid by the consumer) is computed as the product of the
corresponding nodal factor times the pool's marginal energy price. Nodal factors
are also modified in case of transmission congestion; see Section 9.4. (In other re-
structuring experiences, as in California or Norway, nodal or zonal prices are de-
fined only to consider the effect ofcongestion, whereas transmission losses are con-
sidered through "loss factors"; see Chapters 6 and 7.)

9.3.3. Capacity Payments

In the Argentine system, a capacity payment is added to the energy spot price to
promote expansion capacity and efficient operation. This capacity price reflects the
generator's contribution to the system reliability margin during nonvalley hours of
weekdays. The capacity payments are diverse, and depend on several conditions;
see Perez-Arriaga (1994) and CAMMESA (2000). Each MW of dispatched capaci-
ty receives this supplement during nonvalley hours. Each MW of capacity that is
available and scheduled, but not dispatched during nonvalley hours, also receives
this supplement. (Note that the capacity payment has been reconsidered, particular-
ly for generation plants included in dispatch. Given conditions of excess supply,
generators compete to earn this payment by reducing their offer energy prices.)

Each MW of base load plant (fossil-fueled and nuclear units, but not hydroelec-
tric or gas turbines) also receives the capacity payment for its estimated capacity
factor during a hypothetical extra-dry year. If expected output in a dry year exceeds
actual output in the current year, plants receive a supplemental payment for the dif-
ference. The intention is to encourage investment in generation capacity that con-
tributes to the long-term reliability of the system, taking into account the uncertain-
ty associated with hydro conditions. Payment in 1999 was set at U.S.$10/MWh of
expected deliveries in an extra-dry year (less receipts for other capacity payments).

Capacity payments to generators are made for plant capacity, net of bilateral
contract commitments. Capacity payments are affected by "adaptation" factors.
These factors adjust the value of capacity in relation to transmission reliability.
CAMMESA simulates the effects of network contingencies and reliability of the
network link with the system load center. Generators sending power to Buenos
Aires from a remote location receive less than generators inside the Buenos Aires
area. Discounts in generator revenues from the application of nodal and adaptation
factors (as an implicit charge for using the transmission system) are discussed in
Section 9.4.1.

9.3.4. Cold Reserve and Ancillary Services

In addition, generators are paid for providing operating reserves (cold reserve) and
ancillary services (frequency regulation associated with spinning reserves, voltage
regulation, reactive power control, and start-up services). CAMMESArequires cold
reserves to ensure the secure operation of the system. Every week, it organizes an
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auction in which peaking generators (gas turbines) bid prices, quantities, and re-
sponse times to provide this type of reserve. All the scheduled reserves are paid the
same marginal price, equal to the highest reserve bid.price accepted. CAMMESA
allocates the cost of these services to customers of MEM through additional
charges.

9.3.5. Generator Revenues

As stated above, generators (apart from the nodal energy price revenue obtained from
the wholesale energy market) can obtain additional capacity and ancillary services
payments. The capacity payment is intended to cover (1) their capacity costs for run-
ning, (2) being scheduled in peak hours, or (3) even if they do not run, their forecast
output in extra-dry years. The regulations state that a generator should receive the
larger ofeither the reliability component (see 9.3.6) or the capacity payment, but not
both.

9.3.6. Scheduling, Dispatch, and Settlement

Scheduling and dispatch of units is under the responsibility and control of
CAMMESA. Maintenance coordination, hydro scheduling, and the computation of
the "value" of water are made through medium-term seasonal studies with a three-
year scope and a scheduled six-month period. CAMMESA uses hydrothermal coor-
dination models to set the seasonal price paid by distributors for energy purchases
from the pool. This seasonal price is a fixed price during a six-month period. This
seasonal price of energy is increased by an additional reliability component that in-
cludes provision for loss of load probability in peak demand situations. The value of
loss of load is fixed by the government and is currently U.S.$1500/MWh. There are
different procedures to review and update the price if computational assumptions
change significantly (CAMMESA, 2000).

CAMMESA carries out unit commitment scheduling weekly, taking into ac-
count information provided by generators. It prioritizes the units for dispatch. Final-
ly, it controls and supervises daily generation dispatch and real-time operation, and
calculates the corresponding hourly spot prices. CAMMESA acts as an agent for all
participants in MEM to settle all market transactions and additional charges and
payments.

9.3.7. Bilateral Contracts

The contract market in Argentina is based on financial contracts among market
agents intended for hedging against price volatility and to secure supply. (There is
no futures market in Argentina.) They are financial instruments that do not entitle
the holder to physical delivery of electricity, although they do relate to a particular
amount of electricity. The actual dispatch ofgenerating units does not consider con-
tracts among generators and distributors or large customers. Consequently, the gen-
erator can be dispatched to provide more or less energy to the pool despite its con-
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tractual commitments. Under these circumstances, the generator will be obligated
to buy or sell the excess energy in the pool at the spot price.

Bilateral contracts must define injection and offtake nodes so that transmission
loss factors and constraint costs can be determined. The details ofbilateral contracts
are publicly available. Only privately owned generators are allowed to sign con-
tracts directly with customers or distributors.

On the one hand, the regulated sector does not impose financial risk on distribu-
tion companies from pool price uncertainty or volatility. Distribution companies pur-
chase energy at seasonal nodal prices that are the same ones used to set the regulated
tariffs. In this sense, the seasonal price is like an automatic contract-for-differences
for distribution companies. On the other hand, distribution companies that are unable
to supply their customers are subject to penalties according to their concessions.
Penalties from failures to meet supply are the only risks that require hedging. In the-
ory, these risks can be covered through long-term contracts with generators, since
priority is given to those distributors with contracts for supply shortages. However,
supply priority is effective only if, at the moment ofenergy deficit, (1) the generator
is generating and connected to the MEM and (2) there are no transmission constraints
isolating the buyer. Distribution companies so far have generally preferred to bear the
risk of penalties caused by supply shortages. Excess generating capacity in recent
years means that buyers are not facing a high risk of being unable to meet their de-
mand requirements. It is not surprising, therefore, that only a little more than half of
all energy purchases by distributors were made under contract (as of May 1997).

When they were privatized, distribution companies signed initial contracts with
generators at above-market prices, to remunerate the sunk costs of generation. The
most important of these contracts ran out in the year 2000. GUMAs are required to
contract for at least 50% of their purchases at market prices and GUMEs must con-
tract for 100%. Distribution companies have long-term contracts for more than 60%
of their estimated demand.

In 1993, only 30% of the total amount of pool purchases were made through
contracts and the rest were negotiated at the pool prices, mainly at seasonal rates.
The percentage ofpurchases under contract increased to 60% in 1995. The average,
nominal contract price in the market has decreased from U.S.$40/MWh in1994, to
U.S.$32/MWh in 1996, to U.S.$29/MWh in 2000 (www.cammesa.com).

9.4. TRANSMISSION ACCESS, PRICING, AND INVESTMENTS

Transmission regulation applies to the SADI. Transmission companies are regulat-
ed by ENRE under the jurisdiction of the Secretary of Energy.

9.4.1. Transmission Charges

Transmission users pay several transmission charges to cover the operation and
maintenance costs of the transmission system. These charges sum the regulated rev-
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enues of the transmission companies. Annual transmission charges include the fol-
lowing.

• A connection charge is based on capacity (for a generator) or maximum coin-
cident demand (for a large user). This charge remunerates transmission assets
for their connection to the transmission network. Values ofU.S.$10/hour per
connection at 500 kV, U.S.$9/hour per connection at 220 kV, and
U.S.$8/hour per connection at 132 kV have been set. This was fixed at a max-
imum amount of U.S.$9M/year for the first 5-year regulatory period (Mar-
molejo and Williams, 1995).

• Afixed capacity charge is based on a share of the operation and maintenance
network costs calculated at each node according the estimated use of the sys-
tem capacity. The use of transmission lines is calculated with a load-flow
model. It was fixed at a maximum amount ofU.S.$30M per year to be recov-
ered during the first 5-year regulatory period. After this first regulatory peri-
od, connection and capacity charges were reduced annually by an efficiency
coefficient set by ENRE. A ceiling of 1°A» (after inflation) has been set for this
coefficient, or 5% over the entire 5-year period (Marmolejo and Williams,
1995).

• There are two variable charges. A reliability charge (or variable capacity
charge) is implicitly recovered as the difference between the capacity pay-
ments paid by distributors and those received by generators when using
"adaptation factors." A variable energy charge, reflecting marginal losses, is
implicitly recovered as the difference between the energy payments paid by
distributors and those received by generators when using the "nodal fac-
tors."

• A complementary charge is based on estimated participation shares in each
line. For. existing network facilities, the allocation of the complementary
charge to customers is based on the use of the network at annual peak de-
mand. This complementary charge is a balancing charge equal to the differ-
ence between the actual amounts paid for variable charges and the expected
transmission charges. The expected values are projections at five-year inter-
vals taking into account the total cost that should be recovered by transmis-
sion companies. It was fixed at U.S.$55M per year during the first 5-year reg-
ulatory period.

Table 9.7 details the percentage of the total TRANSENER's revenues recovered by
each type of transmission charge.

9.4.2. Penalties for Unavailability of the Transmission Assets

Transmission companies are subject to economic penalties or incentives associated
with nonavailability of either transmission capacity or connections. If the provided
level of availability is higher than a specified standard, companies receive bonuses,
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Table 9.7. TRANSENER RevenuesJuly 1993-June1994

Charges

Connection
Fixed capacity
Variable+ complementary
TOTAL

Source: Marmolejoand Williams(1995).

Revenues

9%
33%
58%

U.S.$ 91.2 million

otherwise they are penalized. This mechanism applies to all unforeseen outages.
Scheduled outages bear a reduced penalty of only 10% of the specified rate for
forced outages. The incentive/penalty mechanism accounts for (1) the duration of
the outages, (2) the number of them, (3) the added charges that the outage will im-
pose in the economic dispatch of generation or potential load curtailment, and (4)
the type of line that becomes unavailable. Transmission companies collect an initial
amount from user charges and they suffer a penalty for each failure or unavailabili-
ty for which they are responsible. If the total penalty paid by a transmission compa-
ny exceeds a specified limit, the Secretary of Energy can remove the transmission
license.

9.4.3. Transmission Concessions

TRANSENER was granted the exclusive provision of high-voltage transmission
public service in November 1992. The concession agreement was granted for 95
years. This concession period is divided into management periods of 15 years (the
first period) and 10 years (subsequent periods). At the end of each management pe-
riod, ENRE will call for bids for the controlling stake. If another offer exceeds
TRANSENER's offer, the company would receive the offered amount, changing
the ownership of the controlling stake. The government has the right to grant new
concessions for subtransmission network operation and investment.

9.4.4. Transmission Expansion

The expansion of the transmission system is a critical issue if electricity demand
continues to grow. TRANSENER does not have a direct responsibility for expand-
ing the existing transmission system. When lines are constrained at their maximum
capacity, the locational energy price yields a "congestion rent" equal to the differ-
ence between the energy prices (less incremental losses) at each end of the line,
multiplied by line flows (in MWh). These funds are collected corridor by corridor
and applied to a compensation fund (SALEX funds). This is used to fund new lines.
New lines can be built in two ways (NERA, 1998):

1. Expansion by private contract. Users interested in building a new line form
their own coalition and internally agree on how to assign annual amortized
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costs among themselves. SALEX funds are not used to subsidize the new
line. A cost/benefit analysis is not required. ENRE could veto the construc-
tion proposal.

2. Expansion by public auction. Users can suggest the transmission expansion
when they represent 30% of the anticipated usage. CAMMESA calculates
costs (canon fees) to potential users. SALEX funds are used to decrease the
cost of the line, up to a limit of 70%. Users charged with paying at least 30%
of the canon could form their own coalition to block the line. ENRE must
show that the transmission expansion is cost effective for the whole system
without considering the part coming from SALEX funds.

For example, for the Yacyreta hydroelectric project connection, the first 500 kV,
200 Ian line was constructed by Yacilec SA, an independent transmission company
that receives a monthly canon fee of U.S.$2.38M. The construction of the second
Yacyreta line was awarded to another consortium that will receive a monthly fee of
U.S.$2.4M for 10 years. In both cases, the main line user is the Yacyreta generator.
Similar expansion mechanisms have been used to build interconnection lines with
Brazil.

Several drawbacks of the regulatory system for expansion of new transmission
have been pointed out (NERA, 1998):

• Generators might have perverse incentives in both directions; they might not
be willing to pay for economic lines, while having an incentive to over com-
mit funds to expansion.

• The use of SALEX funds might encourage uneconomic construction.

• The combination of these factors could encourage uneconomic location deci-
sions.

Complementary regulatory solutions have been discussed based on the introduction
ofcongestion transmission rights and new ways ofproposing and developing trans-
mission installations by independent transmission owners.

9.5. DISTRIBUTION REGULATION

Argentina is governed as a federation of 23 Provinces and the Federal Capital of
Buenos Aires. Each province has it own government, parliament, and courts. Each
province has responsibility for the public services of its own territory. There is a
federal electricity supply area that is responsibility of the Federal Government and
includes the city of Buenos Aires and neighbor towns in the province of Buenos
Aires. Before 1992, this area was supplied by the vertically integrated company,
Servicios Electricos del Gran Buenos Aires SA (SEGBA SA), owned by the Feder-
al Government. Distribution was divided into three areas with three licensed com-
panies: EDENOR SA, EDESUR SA, and EDELAP SA. The first two companies
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serve 2,100,000 users each, and the third serves 250,000 users. Licenses were
awarded in September 1992 for EDENOR and EDESUR, and in December 1992
forEDELAP.

Consortia bidding for these licenses required involvement of a distribution oper-
ator with enough experience and technical capacity to perform adequately. This op-
erator was required to have a participation of at least 20% in the enterprise making
the offer. If two operators were involved, they should have a joint participation ofat
least 25%.

The valuation of each of the privatized areas was based on the projection of ex-
pected revenues and efficient management. Privatization took place through the
sale of 510A> of the shares in public auction. Another 39%, still owned by the state,
was sold in the stock market. The company's staff acquired 10%. The licenses were
given for 95 years. Table 9.8 shows the total amount paid for the licenses.

Gran Buenos Aires was the first distribution area to be privatized. The privatiza-
tion process has continued for distribution companies in other provinces. Each
province is establishing its own criteria, since they have autonomy to do so, and all
of them are complying with the National Law 24.065.

9.5.1. Distribution Concessions

The distribution company must supply any load within its service territory: distribu-
tion supply is compulsory under the terms of the distribution concession. Quality of
service norms that are explicitly set in distributors' concessions must be met, and
insufficient generation cannot be grounds for nonresponsibility during supply inter-
ruptions. Distribution services include network investment, operation, and retail
supply. Large customers (over 30 kW) are allowed to become qualified customers
participating in the wholesale electricity market.

Distribution cost evaluations set distribution charges at the beginning of each
regulatory period. The first regulatory period was set for 10 years. After that, distri-
bution charges will be reviewed every 5 years. The resulting tariffs and revenues
are also updated according to the evolution of an external inflation index.

Price cap regulation is applied to set maximum prices for each consumer class.
As in similar price control schemes, the distribution company can increase
its profit by increasing its efficiency or reducing its cost; a rate of return is not
guaranteed. The strong incentives for maximizing benefits through minimizing

Table 9.8. PricesPaid for the Distribution Companies

Company

EDENORSA
EDESURSA
EDELAPSA

U.S.$ million

428
511
139

Source: Ministryof Economyand Public Works and Services:
www.mecon.ar.
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costs, such as investment and maintenance costs, could cause a reduction of ser-
vice quality. Therefore, penalties for supply interruptions apply to distribution
companies (MEOSP, 1992). These penalties are paid as compensation to affected
users.

The 95-year distribution concession is divided into management periods. The
initial management period was set for 15 years, followed by consecutive l O-year
periods (Marmolejo and Williams, 1995). At the end of each period it is possible to
transfer ownership of the company. Then, ENRE will invite tenders for the next pe-
riod license. The current distributor has the option of keeping the license or being
paid the highest bid (other than its bid). This innovative approach is intended to
eliminate complaints about distribution charges, and to introduce an element of
competition into the assignment of distribution licenses.

Within each tariff period, distribution charges are updated every 6 months using
a combined index of U.S. Consumer Price and Producer Price Indices. Also, every
3 months, the tariff component representing the energy price is updated according
to the seasonal price estimates made by CAMMESA.

9.5.2. Evaluation of Distribution Costs

This section outlines the method for determining distribution costs, when distribu-
tion in Gran Buenos Aires (GBA) was privatized, and how these costs were as-
signed to different tariff categories. The details of this methodology have not been
made public. Hence, this section has been written considering the available infor-
mation at the time when conditions for the distribution licenses for GBA were an-
nounced (Guidi, 1997).

The following elements are considered as distribution costs according to the pre-
sent regulatory distribution framework:

• Necessary investments for expansion and replacement of distribution net-
works

• Operating and maintenance cost ofdistribution equipment and installations as
a function of the Average Incremental Cost (AIC); see EDF-DISTRELEC
(1989)

• Metering, billing, and general commercial activities

• A return on equity

The AIC calculation is based on the Minimum Cost Expansion Plan, considering
investment, operating costs, losses, and cost of energy not supplied. SEGBA SA de-
veloped the plan to aid privatization. The following is a reasonable representation
of the Ale and related calculations for the distribution system depicted in Figure
9.1.

Distribution costs (Dcj) for each voltage level network U= HV, MV, and LV
networks) are estimated as

(9.1)
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Figure 9.1. Networkcosts. Source: Guidi (1997).

where
CRFj is the capital recovery factor at the selected discount rate
UOPj is the annualized operating cost per unit of installed network capacity
AlC} is the required level of network investment per unit of demand increase (mea-

sured in U.S.$/kW)

Equation 9.2 shows the calculation ofAl0 for each voltage level:

(9.2)

where
A/0 is the average incremental cost for voltage level}
NPV(~) is the net present value of minimum expansion (investment) cost for volt-

age level}, at the selected discount rate calculated over a IO-year period
NPV(APj ) is the net present value of annual demand increments at voltage level}

calculated during a l O-yearperiod

Besides investment and operating costs, costs associated with commercial activ-
ities are also evaluated. The following customer-related activities are considered:
(1) metering, (2) billing, and (3) general customer commercial-activities. Regulated
retail sales were not separated from distribution sales, because only large con-
sumers can directly buy energy in MEM. For example, these activities were valued
at the following charges for each type ofcustomer:

• U.S.$l per month for residential users

• U.S.$2/MWh for public lighting

• U.S.$O.25/kW per month for medium-size customers, between 10 and 50 kW

9.5.3. Regulated Tariff Customer Categories

Three important groups of customers are considered according to the requested de-
mand. Each category has different subcategories according to their price elasticity.
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Table 9.9 shows the regulated customer categories. For "low-demand" customers,
only energy is considered. The electricity bill is based on a bimonthly fixed charge
and an energy variable charge without any time block discrimination. An additional
category division is made for residential and general users, taking into account en-
ergy consumption. For "medium-demand" customers, peak demand and energy are
metered without any time block discrimination. For "high-demand" customers, tar-
iffs depend on (1) power demand in peak and off-peak hours, (2) active energy di-
vided in three time blocks (peak, shoulder, and valley hours), and (3) the consump-
tion of reactive energy.

9.5.4. Cost Allocation in Regulated Tariffs-An Example of a
User Tariff

The current tariff system is based on tariff formulas proposed for each category of
customer. Wholesale seasonal capacity, energy, and transmission and distribution
costs are allocated to each regulated customer following equity and economic effi-
ciency principles:

• Wholesale seasonal capacity and energy prices, considering the correspond-
ing "adaptation" and "nodal" factors, are charged to customer tariffs. Season-
al energy prices are calculated for three time blocks: peak, shoulder, and val-
ley hours.

• Network distribution costs are distributed into day peak and night peak costs
according to load curve studies at the different voltage levels. Cumulated
network costs per kW supplied are computed for day and night peak hours
for HV, MV, and LV customers. Each tariff category has a distribution net-

Table 9.9. Regulated Customer Categories

Category

Low demand (Tl)
(up to lOkW)

Medium demand (T2)
(from 10 to 50kW)
High demand (T3)
(above 50kW)

Source: MEOSP (1992).

Subcategory

Residential:
Up to 300kWhlbimonthly (Rl)
Above 300kWhlbimonthly (R2)

General use:
Up to 1600kWhibimonthly (G 1)
From 1600 to 4000 kWhlbimonthly (G2)
Above 4000kWhlbimonthly (G3)

Lighting
No subcategories

Low voltage (LV)
Medium voltage (MV)
High voltage (HV)
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work cost component that represents its contribution to the total network
costs. Commercial distribution costs are allocated among the different cus-
tomer categories.

• Wholesale seasonal capacity prices and network distribution costs are closely
related to the power demand in each time block (they are expressed in
U.S.$/kW-month in day and night peak hours). Energy prices are expressed
as U.S.$/kWh, and commercial costs are divided by the number of customers
(U.S.$ per user month).

In the following, the tariff formulas for users that belong to the "low-demand"
residential category are presented. The tariff formula consists of a bimonthly fixed
charge and a variable energy charge. (In Equation 9.3a, the quantity in brackets is
multiplied by 2 because it is a bimonthly fixed charge.) See Table 9.10 for defini-
tions of the variables.

Table 9.10. Parameters of the Tariff Equation (9.3) for Residential Customers (R1)

Symbol Definition Values Rl

Kjv

Ce(kWh)

Dc (np;LV)

KRdp(kW)

1.143
1.128
0.27
0.63
0.10
0.215

5.30

4.81

0.9*0.215

0.75

1.0
0.30

0.9*0.110

27

Ppot
Pep
Per
Pev
KrpL
KerL
Kep CO/I)
Ker (°/1)
Kev COil)
Kpp(kW)

Dc (dp;LV)

Wholesale capacity price
Wholesale peak energy price
Wholesale shoulder energy price
Wholesale valley energy price
LV power loss factor
LV energy loss factor
Percent ofpurchased energy during the peak hours
Percent ofpurchased energy during shoulder hours
Percent ofpurchased energy during the valley hours
A factor representing the incidence of the user capacity in

the total capacity price
LV network costs assigned to daytime peak hours in

U.S.$/kW-month
LV network costs assigned to night peak hours in

U.S.$/kW-month
Responsibility factor of the user demand in the network

installation development assigned to daytime peak hours
Responsibility factor of the user demand in the network

installation development assigned to night peak hours
Allocation factor of the network costs between fixed and

variable costs
GC (U.S.$-month) Commercial costs per user
Kgc Allocation factor of the commercial costs between fixed

and variable costs
Monthly energy consumption of the typical user of this

category

KRnp(kW)

Source: MEOSP (1992).
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Fixed charge:

Fc = {Ppot· KrpL· Kpp + [Dc(dp;LV)· KRdp + Dc(np;LV)' KRnp]

· Kjv + GC· Kgc} · 2 (9.3a)

Variable charge:

Vc = (Pep· Kep + Per · Ker + Pev . Kev) . KerL +
[Dc(dp;LV)· KRdp + Dc(np;LV) · KRnp] . (l-Kfv)/Ce

+ GC · (l-Kgc)/Ce (9.3b)

Tariff formula parameters are updated every 6 months to consider U.S. Consumer
and Producer Price Index variations and the variation of economic indices.

9.6. PARTICULAR ASPECTS OF THE REGULATORY PROCESS
IN ARGENTINA

9.6.1. Regulation of Power Quality after Privatization of Distribution

In Argentina, to ensure that the new regulation would not reduce investment and
therefore reduce the quality of supply, the regulator focused on supply quality. In
fact, it is one of the most complete regulations under the new framework of restruc-
turing and competition. Some important aspects of this regulation are the following
(MEOSP, 1992):

• Distribution companies are responsiblefor the aggregated quality ofthe elec-
tricity product. Reliability of generation, transmission, and distribution sys-
tems affects the supply quality to final customers. This induced distribution
companies to participate actively in the proposals for reinforcements of the
transmission grid and in new generation projects.

• Three aspects ofquality are regulated: continuity of supply, voltage quality,
and commercial services.

• Penalties in case ofnoncompliance with minimum specified quality levels are
imposed. Distribution companies will compensate customers for quality levels
below the guaranteed ones. Penalties for interruptions are based on an estimate
of the Energy Not Served (ENS) cost experienced by affected customers.

• Individual customer control: Quality is controlled for each customer. To
achieve this individual control, several intermediate control stages have been
gradually introduced.

9.6.1.1. Quality Control. Three stages ofquality control were included in distri-
bution licenses: preliminary stage, first stage, and second stage. In the last one, indi-
vidual customer quality control is implemented.

Preliminary stage: This stage was the first year after privatization. During this
stage, there were no penalties. It was considered an adjustment stage for the next
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stages. ENRE and distribution companies prepared control mechanisms and made
standardized reliability measurements.

First stage. This stage lasted for 3 years. Reliability system indices were mea-
sured at HV/MV transformers, at headers of MV distribution feeders, and at
MV/LV transformers. Interruptions were classified according to the location of the
failure, i.e., whether the failure occurred in the generation, transmission, or distribu-
tion segment. Different maximum limits were specified for each 6-month control
period; see Table 9.11. The reliability system indices controlled were

1. The average number of interruptions in each MV/LV transformer (FMIT)

2. The total duration ofunavailability of MV/LV transformers (TTIT)

3. The average number of interruptions weighted by the installed MV/LV ca-
pacity affected (FMIK)

4. The total unavailability duration of the installed MV/LV capacity (TTIK)

The limits for the last control period of the first stage are presented in Table 9.11.
Second stage (the definitive stage). The aim of this stage is to control the quality

for each customer. All aspects of power quality are controlled: the number and du-
ration of interruptions, and voltage disturbances, such as flicker, voltage fluctua-
tions, harmonics, etc. The maximum limits are different for each voltage level (HV,
MV, and LV) customer. The individual quality records for each customer are ob-
tained from the database of customers' connections to the network and the regis-
tered interruptions. In this sense, no quality control equipment is installed for each
customer connection. Voltage disturbances are controlled by measurement ofa ran-
dom sample of customers. Commercial services are controlled by setting maximum
limits to different quality indices, such as

• The maximum time needed to connect a new customer to the grid (between 5
and 30 days)

• The maximum amount ofestimated, instead ofregistered, consumption « 8%
of energy)

• The maximum time for resolution of complaints (within 10 days)

Table 9.12 presents the maximum limits related to interruptions.

Table 9.11. Limits for SystemReliabilityIndicesat the End of the First Stage

Distribution Failures Generationand Transmission Failures

FMIT:2.2 events/semester
TTIT: 7.8 hours/semester
FMIK: 1.4events/semester
TTIK: 4.6 hours/semester

Source: MEOSP (1992).

FMIT:2 events/semester
TTIT: 6 hours/semester
FMIK:2 events/semester
TTIK: 6 hours/semester
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Table 9.12. Limits for Customer Interruptions in the Second Control Stage

HV customer
MV customer
LV customer

Source: MEOSP(1992).

Number of Interruptions
per Semester

3
4
6

Total Interruption
Duration per Semester

2 hours
3 hours
6-10 hours

If these limits are exceeded , distribution companies must compensate the affect-
ed customers . Compensation is calculated as a unitary ENS cost per kWh interrupt-
ed. The kWh interrupted is derived from registered or standardized customer de-
mand curves.

9.6.1.2. Cost of Energy Not Served. The Energy Not Served (ENS) cost per
kWh proxies how much customers would be willing to pay to have an adequate lev-
el of quality. In economic equilibrium, the customer would be indifferent between
being interrupted or receiving the ENS value ofbeing interrupted. In Argent ina, this
ENS cost has been set at U.S.$2lkWh. Studies identified ENS costs varying
between U.S.$1 and $3lkWh depending on different consumer classes (ENEL-
DISTRELEC, 1989).

Ifpenalty values were equal to ENS costs, there would be an economic equilibri-
um for average customers and companies with an adequate quality of service . Un-
der the implemented power quality regulation , distribution companies are expected
to invest in an "economic" level of quality at which the marginal expected benefits
ofpaying no penalties would be equal to the marginal investment costs for addition-
al quality improvements. Figure 9.2 illustrates this.

Cost Total cost of quality

"'

Economic quality
level

~lx~. " · · Dlstrlbutlon cost investment

'''~
.;.!:. ..._ ..• User cost

Level of service quality

o+--+-+---+---l--+--+- +--+-+---l
o

Figure 9.2. Cost versus quality. Source: Guidi (1997).
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9.6. 1.3. Results. Quality levels have improved significantly since quality regu-
lation has been implemented. At the beginning of the process, quality levels were
low, resulting in high compensation to customers. Most of the compensation (76%)
was because of interruptions. Bad quality in commercial services was responsible
for only 5% of the total compensation. Quality levels have gradually improved. To-
day, most of the companies have succeeded in attaining the required quality levels.
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The section number in parentheses is the principle reference in the text.

Allowed rate of return (s) The rate ofretum on a firm's assets set by the regula-
tory authority. (4.2)

Ancillary services Technical services, such as operating reserves and voltage
control, necessary to support a reliable interconnected transmission system; also
known as interconnected operation services. (5.2.5)

Annuity (A) A uniform amount to be received or paid during a fixed number of
periods. (3.2.1)

Asset An object or claim that is expected to provide benefits to its owner. Assets
appear on the balance sheet. (3.2.3)

Asymmetric information A situation in which parties to a transaction or interac-
tion possess different information. Its occurrence can lead to market failure or to
the failure of regulation to achieve optimal outcomes. (4.3.4)

Average Cost (AC) Total cost divided by the quantity produced, equal to average
fixed cost (AFC) plus average variable cost (AVC). (2.2.2)

Avoided costs Costs avoided by the regulated electric utility when distributing
power from a nonutility generator. (4.1.1)

Balance sheet A statement of a firm's financial position, listing the firm's assets,
liabilities, and equities, such that assets are equal' to liabilities plus equities.
(2.2.1)

Bilateral contracts Contracts between an individual buyer and an individual sell-
er, generally outside a centralized market. (5.2.3)

Bonds A form of debt that can be secured with a specific asset or with the earning
power of the borrower; see "Debt." (3.4.1)

Capacity payments Payments to generators to provide electricity generating ca-
pacity. Capacity payments are introduced to offset the lack of revenue or to en-
courage capacity investment. (5.3.1.1)

Capital Asset Pricing Model (CAPM) A model that shows that the risk premium
on the purchase price ofa capital asset depends on the correlation between the as-
set's return and the return on all capital assets. (Exercise 3.3)

Capital Recovery Factor (eRF) A rate that yields a uniform payment over a
fixed number ofperiods such that the present value of these payments is equal to
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the present value of a capital asset. Also used in determining the levelized capital
cost. (3.2.1)

Competition Transition Charge (CTC) A charge imposed by the regulator (e.g.,
in California) on customers to compensate electric utilities for losses due to the
transition from a regulated to a deregulated market; see "Stranded costs." (6.6)

Costs of Transition to Competition (CTTC) A charge imposed by the regulator
(e.g., in Spain) on customers to compensate electric utilities for losses due to the
transition from a regulated to a deregulated market; see "Stranded costs." (8.2)

Congestion charges Charges imposed in network (e.g., transmission) pricing to
the users of a congested line or interface equal to the cost saving ofhaving an ad-
ditional unit of transfer capacity. (5.3.3)

Consumer Price Index (CPI) A cost-of-living index, used to measure inflation,
calculated as the cost ofpurchasing a set ofconsumer goods and services in com-
parison to the cost of the same set in a base period. (2.1.2)

Consumer surplus (CS) The difference between the total benefit derived by con-
sumers of a good or service and the total amount paid to producers for the good
or service. (2.4)

Contract for Differences (Cflr) A financial contract in which the seller agrees to
sell a specified quantity of electricity at a specified price during a specified peri-
od; the seller pays the difference between the market price and the contracted
price. (5.2.2)

Correlation (CaRR) A measure of the linear association between two variables,
equal to the covariance divided by the product of the standard deviations. It
varies between +1 for 'a perfect positive association and -1 for a perfect negative
association. (Exercise 3.1)

Cost-of-service regulation (COS) A form of rate regulation in which the regula-
tor compensates a firm for the cost of providing services to the customers; see
"Rate-of-return regulation." (4.2)

Covariance (COV) A measure of the statistical association between two random
variables. (Exercise 3.1)

Cross-price elasticity The percentage change in quantity demanded for one good
or service in response to a one percent change in the price of another good or ser-
vice. (2.1.3)

Cross-subsidization The subsidization of one good with the revenues from an-
other, including the subsidization of one customer class (e.g., rural customers)
with revenues from another (e.g., urban customers). (4.4.1)

Customer choice The ability of end-users to choose their supplier; also known as
retail choice. (5.4)

Deadweight loss The sum of lost consumer and producer surplus. It represents
the loss to the economy (society) ofa market failure. (2.4)

Debt An obligation to repay a borrowed amount (of money) usually at a specified
rate of interest for a specified time. Bonds are one form of debt. (3.1)

Demand (D) A/unction relating the amount consumers wish to purchase at each
price. This must be distinguished from "demand" in electrical engineering, which
refers to the instantaneous capacity (in MW) required by consumers (load). (2.1.2)
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Demand elasticity (Ed) The percentage change in the quantity consumers de-
mand in responseto a one percentchange in the price. (2.1.3)

Demand Side Management (DSM) Programsto reduce electricityconsumption,
for example,base load or peak load. (4.3.3)

Depreciation The declineof the value of an asset, for example,throughuse; usu-
ally accounted for as a cost of production in both tax and regulatory accounts.
(3.2.3)

Discounting The recognitionthat money in hand today has a differentvalue than
the same amount one year ago or one year from now, reflectingthe "time value
of money." (3.2)

Dividends Paymentsto the firm's equityholders (owners). (3.4.1)
Economies of scale The percentage change in cost in response to a one percent

changein output.If costs increaseby less (more)than one percentwith a one per-
cent increase in output, there are positive (negative) economies ofscale. If costs
increaseby one percent with a one percent increase in output, there are constant
economies ofscale. (2.2.3)

Efficiency, technical For a given technology, the greatest possible output for a
set of inputs. (2.3.2)

Efficiency, economic For a given technology, the minimum opportunity cost to
produceoutput. (2.3.2)

Energy Not Supplied or Energy Not Served (ENS) Electricalenergy (in MWh)
not supplieddue to outage or supply interruptions. (9.6.2.1)

Equity Can refer to either (1) fairness or (2) equity capital. Equity capital in the
form of equities, or shares, represents a share in the ownership of the firm. Pay-
ments to equity holdersoccur after paymentsto debt holders.

Expected return, E(r) The mean return, equal to the sum of all possible returns
weightedby their probabilities. (3.4)

Expected utility, E(U) For an individual, the sum of all possible values (cardinal
utilities)weightedby their probabilities; see "Utility function." (Exercise3.2)

Externality Whenthe productionor consumption of somegood or serviceaffects
the production or consumption of another good or service. Generally arises be-
cause the effect is not associatedwith a price and no marketdevelopsto facilitate
exchange or regulation. (2.4)

Firm Transmission Rights (FTR) A contractual right that entitles the holder to
receivea portionof the congestion chargesor fees collectedby the systemopera-
tor. (5.3.3)

Fixed Cost (FC) Costs that do not vary with changesin production. (2.2.2)
Forwards Contracts to buy or sell on a fixed (future) date at a specified price.

(5.2.2)
Future Value (FV) The value of an asset at some future time; see "Present Val-

ue." (3.2.1)
Futures Contracts to buy or sell at a future date at a price generally determined

daily in an organizedmarket. (5.2.2)
Income elasticity The percentage change in quantity demanded for one good or

service in responseto a one percentchange in income. (2.1.3)
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Independent System Operator (ISO) An operator of the transmission system
that is not owned by anyone user of the system. (5.2)

Inflation (i) An increase in the cost of purchasing a set of goods and services in
comparison to the cost of the same set in a base period. (2. l .2)

Integrated Resource Planning (IRP) A methodology for determining a least-
cost capacity expansion plan, considering all capacity resources, including De-
mand Side Management. (4.1.1)

Interest rate The rate of return required in the market on borrowed debt of a giv-
en risk class. (3.1)

Levelized capital cost An (annual) annuity so that the present value of the annu-
ity is equal to the investment cost of the project. (3.2.1)

Liabilities An obligation to payor perform a service. Liabilities appear on the
balance sheet. (3.2.3)

Load profiling A technique for characterizing individual customers (loads) with
typical usage patterns by their customer class. (5.4.2)

Long run A time such that no costs are fixed in the production process. Also, the
"very long run" implies that technology is not fixed in the production process.
(2.2.2)

Marginal Cost (MC) The change in total cost with a unit increase (or decrease) in
production. (2.2.2)

Marginal Revenue (MR) The change in total revenue with a unit increase (or de-
crease) in sales. (2.2.2)

Market failure A situation in which a market is in equilibrium without price
equal to marginal cost. These situations occur with (1) market (monopoly) pow-
er, (2) externalities, (3) public goods, and (4) asymmetric information, (2.2.3)

Market Operator (MO) An organization that arranges wholesale transactions
that affect the flow ofelectricity in the transmission system. (5.2)

Market portfolio A combination ofassets available in all markets. (Exercise 3.1)
Market power The ability to set output price above marginal cost. This ability

can be legally sanctioned, as with intellectual property rights (e.g., patents), can
be the result of a lack of competitors, or can be associated with positive
economies of scale (leading to natural monopoly). (1.2)

Market-Clearing Price (MCP) The price that all sellers receive and that all buy-
ers pay in a specific time-defined market. (5.2.1)

Mean An arithmetic average or the expected value ofa variable. (3.4)
Monopoly A condition in which there is a single seller ofa good or service. (2.1.1)
Natural monopoly A situation arising with a technology's positive economies of

scale, such that a single firm can produce at the lowest cost.
Net Present Value (NPV) The discounted sum of costs (including investment)

and benefits (including revenues). Calculating NPV for a project is generally
equal to the present value of future cash flows minus the initial investment cost.
(3.2.2)

Nodal pricing A transmission pricing method resulting in an energy price at
every major transmission node (generator, transmission line junction, or substa-



GLOSSARY 247

tion) equal to the marginal cost of meeting an increase in demand at that node.
(5.3.2)

Nominal prices Prices in the dollars of the year when a good or service is bought
or sold. (2.1.2)

Opportunity cost The highest alternative value of all resources used in the pro-
duction of a good or service. (2.2.1)

Peak-load pricing A pricing system whereby higher prices are charged during
periods of high (electricity) consumption when the marginal cost ofproduction is
higher. (4.4.2)

Performance-Based Ratemaking (PBR) A regulatory pricing system whereby
profit is tied to performance targets, rather than to costs; also known as incentive
pricing. (4.3)

Perpetuity A type of annuity that pays a fixed payment forever. (3.2.1)
Poolco A structure in which all generators must sell all output to a single market.

(5.2.1)
Present Value (PV) The value of future cash flows discounted to the present; also

known as present discounted value. See "Net Present Value." (3.2.1)
Price discrimination The practice of charging different prices to different cus-

tomers (with different price elasticities) or charging different .prices for different
amounts of the same good or service. (4.4.2) .

Price elasticity The percentage change in quantity (demanded or supplied) asso-
ciated with a one-percent change in price. (2.1.3)

Producer Surplus (PS) The difference between the market price and the variable
cost ofproduction, summed over all output. (2.3.1)

Profit (PR) The difference between total revenue and total cost. (2.3.1)
Qualified Generally referring to a retail customer who has the right to buy elec-

tricity from any retail electricity supplier. (1.5.4)
Rate of interest The rate of return required in the market on borrowed debt of a

given risk class. (3.1)
Rate of return The percentage increase in the value of a firm's equity from one

period to the next. (3.1)
Rate structure A set of tariffs charged for each type of service for each customer

class. (4.2)
Rate-of-return regulation (ROR) A form of rate regulation in which the regula-

tor compensates a firm for the cost of providing services to customers, including
a rate of return on capital. (4.2)

Real prices Prices adjusted for the general level of inflation, measured relative to
a constant set of goods and services through time, (2.1.2)

Real-time prices A pricing system whereby customers are charged the market
price at the time of consumption for each unit they consume. (5.4.2)

Regulatory lag The period between two consecutive rate cases. It can also refer
to the period between an unanticipated expenditure or change in revenue and the
next rate case. (4.2)

Required Revenues (RR) The revenues required to cover the capital and operat-
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ing costs ofgenerating, transmitting, and distributing a regulated good or service.
(4.1.1)

Retail choice The ability of end-users to choose their supplier; also known as
customer choice. (5.4)

Retail price index (RPI) A measure of inflation used in the United Kingdom;
similar to CPI. (2.1.2)

Revenue cap A system of regulation under which the utility can maximize profit
subject to a maximum level of revenues. (4.3.2)

Risk The possibility of different outcomes given that the probability distribution
of each outcome is known. (3.1)

Risk aversion The preference for a certain outcome over an uncertain outcome
with the same expected value. (3.1)

Risk premium (RP) An amount such that the value of an uncertain outcome plus
the risk premium is equal to the value of a certain outcome. (3.1)

Risk-free interest rate [nominal (Rf) and real (rf)] A rate of interest that will be
paid in all states of the world, proxied by the rate of interest on 90-day US gov-
ernment securities. (3.1)

Short run A period ofproduction during which at least one input is fixed. (2.2.2)
Social surplus The sum of consumer surplus and producer surplus. (2.4)
Standard Deviation (SD) The square root of variance. (3.4)
Stocks Ownership shares in a firm's equity. (3.4.1)
Stranded assets The difference between the (book) value ofa firm's assets under

regulation and its (market) value under deregulation. (1.5.1)
Stranded costs The difference between a firm's required revenues under regula-

tion and total cost under deregulation. (1.5.1)
Sunk cost A cost that cannot be recovered; for example, with the sale of an asset.

(2.2.1)
Supply (S) The amount that producers are willing to sell at each price. (2.1.1)
Supply elasticity (£5) The percentage change in quantity supplied associated with

a one-percent change in price. (2.1.3)
System Operator (SO) The entity responsible for transmission system operation

and reliability. (5.2)
Total Cost (TC) The total opportunity cost of producing a given level of output.

(2.2.2)
Total Revenues (TR) The total revenue from selling a given level ofoutput. (2.3.1)
Transmission congestion Congestion occurring when a transmission line or in-

terface is not able to transmit more power because it is operating at its maximum
transfer capacity. (5.3.3 and 6.4.2)

Two-part tariffs A pricing system in which the price is equal to (1) one part that
allocates the fixed costs plus (2) another part that allocates the variable costs.
(4.4.2)

Uncertainty A situation in which the probability of an outcome is unknown;
compare with "Risk." (3.1)

Uniform pricing A transmission pricing method in which there are no energy
price differences within the transmission network. (5.3.2)
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Utility function (U) A function that orders a consumer's preferences from most
preferred to least preferred. Under specific assumptions, the utility function can
assign cardinal values to represent levels of preference. (Exercise 3.2)

Variable Cost (VC) Costs that vary with changes in the level of production.
(2.2.2)

Variance (VAR) A measure of dispersion ofa sample, equal to a weighted sum of
the differences of each observation from the mean of the population. (3.4)

Weighted Average Cost of Capital (WACC) A weighted average of the firm's
cost of debt and cost of equity. (3.4.2)

Zonal pricing A transmission pricing method in which energy prices vary by
zone, where zones are defined by sets of nodes where it is unlikely that the net-
work will experience congestion. Congestion can appear at interfaces between
zones. (5.3.2)
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